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Executive Summary 

Introduction 

This Executive Summary has been prepared as part of the project: Egypt: 
Development of a Load Management Program and Design of Time of Use/Seasonal Pricing. 
The project was carried out by Economic Consulting Associates (ECA) for the 
Egyptian Electricity Holding Company (EEHC) under funding provided by the 
World Bank. The project involves: 

 The development of a suite of PC-based models to calculate marginal 
costs, aid in the design of cost-reflective time-of-use (TOU) tariffs, and 
analyse customers’ demand responses;  

 Make recommendations on TOU rate design, taking into consideration 
financial and system demand impacts; and 

 Consider other pricing mechanisms and contractual frameworks to 
induce large customers to shift or clip their peak load. 

The primary aim of load shifting or peak clipping is to lower the peak demand of 
the electricity system as a whole or for key parts of the network and thereby to 
reduce the need for investment in generation and transmission capacity and to 
lower electricity supply costs.  

The pricing mechanisms and contractual frameworks examined in the project 
include conventional TOU tariffs that vary by season, day of the week or time of the 
day as well as special TOU contracts (contracts with large consumers to adjust their 
regular maintenance activities and/or major annual maintenance), interruptible 
contracts, and TOU power purchase contracts (purchase of electricity from 
customers who have excess self-generation). The focus of this Executive Summary is 
on conventional TOU tariffs though the other types of TOU contract are important 
and are addressed in the main Report. 

TOU tariff design process 

TOU tariff design employs a combination of analysis, practical considerations, 
experience, and judgement as shown in Figure 1. 

To reflect variations in marginal costs, conventional TOU tariffs typically define 
some hours of the day as peak, shoulder and off-peak hours, they may define some 
days of the week (eg., Fridays) as off-peak and they may distinguish between 
seasons. The design parameters for conventional TOU tariffs are therefore: 

 seasons of the year 

 days of the week 
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 hours of the day 

Figure 1  TOU design – the decision process 

Who?

How?

When?

Industrial, commercial, residential?
Large, medium, small?

Mandatory or voluntary?

Seasons? Friday? Hours of the day?
Ratio of peak to off-peak prices?

Choices Decision tools

Models/ 
analysis

International 
experience

Judgement
 

Analysis and decision support tools 

To aid in the TOU tariff design process outlined in Figure 1 we developed three 
separate but interconnected models that are illustrated in Figure 2 including: 

 an LRMC model to analyse marginal costs 

 a Tariff design model to design cost-based TOU tariffs, and 

 a Demand Response model to analyse the impact of alternative TOU 
designs on customer demand  

Figure 2  TOU tariff design support tools 
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Marginal costs are the starting point for the design of TOU tariffs. This study has 
estimated the marginal cost of electricity using rigorous and detailed analysis using 
a custom-built Excel model (the LRMC model) that takes least-cost investment 
plans from EGEAS and calculates the marginal costs for each hour of a year. An 
example of the output of the model, in this case showing the marginal costs of 
generation capacity1 and energy combined, is provided in Figure 3 where the hourly 
marginal costs have been averaged over each day of the year. 

Figure 3  Seasonal pattern of generation marginal costs (2009-10) 
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The Tariff design model then aggregates these costs according to user-defined tariff 
periods by season, day of the week and time of day. Finally, the demand response 
model (the DR model) simulates the amount of load that customers would shift as 
well as the overall decrease or increase in consumption in response to changes in the 
structure and level of their tariff. It uses as inputs the load shapes for each customer 
type together with estimates of own-price elasticity (the change in average demand 
in response to the change in average price) and cross-price or substitution 
elasticities (the change in demand in one part of the day in response to a change in 
price at another time of the day).  

Sectors and customers 

Residential customers contribute significantly to peak demand and offer potential 
opportunities for the extension of TOU pricing. However, TOU tariffs require 
hourly meters and TOU tariffs for residential would require the roll-out of smart 
meters on a much larger scale than has been considered to date. Additionally, the 
programme costs, particularly metering, are relatively higher for small customers so 
that net benefits may not outweigh the costs unless a substantial number of small 
customers respond to the incentives by shifting load. So the extension of TOU 
pricing to residential customers is considered a medium- to long-term potential 
opportunity that will be made more favourable by the steadily declining cost of 
smart meters that have TOU metering capability. In line with the Terms of 
Reference and clear guidance from EEHC, the present TOU study focuses on large 
industrial and commercial customers. However, there are substantial opportunities 
                                                      
1 The generation capacity costs are allocated to each hour based on the share of expected energy not 
served in that hour. 
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for non-tariff DSM incentive programmes for residential customers through the 
encouragement of compact fluorescent light-bulbs among others. 

Large customers are defined by EEHC as those with a contracted demand exceeding 
500 kW. EEHC has approximately 3,000 such customers. The analysis suggests that 
industrial customers are likely to yield greater demand reductions and net benefits 
to Egypt than non-industrial customers. Judgement also suggests that non-
industrial customers using electricity for irrigation, water pumping and sewage 
treatment are also likely to be able to shift their demand away from times of EEHC’s 
peak.  

For these reasons we recommend that TOU tariffs (and Load Management 
Contracts) initially target large industrial customers plus non-industrial customers 
in the irrigation, water pumping and sewage treatment sectors. 

Mandatory or voluntary 

If EEHC offers a voluntary, but cost reflective, TOU tariff in parallel with the 
existing non-TOU tariff then no customer should experience higher bills. However, 
customers that already have consumption patterns with low evening load would 
switch to the TOU tariff.  The result would be an immediate loss of revenue without 
any corresponding benefits in terms of peak demand reduction. To the extent that 
some TOU customers do shift consumption from peak to off-peak, the longer-term 
economic benefits from improvement in EEHC’s system load shape would offset 
some of those immediate revenue losses but EEHC would be expected to lose 
financially unless tariffs elsewhere rose to compensate. Additionally, migration of 
customers with load shapes favourable to the system away from the flat tariff would 
make the flat tariff less cost reflective because the average load profile of the 
remaining flat tariff customers would now include a greater concentration of 
customers with high consumption during the evening. 

These self-selection problems are avoided if a cost-reflective mandatory TOU tariff 
is adopted since, even without any peak load savings, the customers with lower-
cost-to-serve load profiles who face lower bills are compensated by customers with 
higher-cost-to-serve load profiles who incur higher bills. The overall result would be 
that all customers would face cost reflective tariffs and have an incentive to adjust 
their load profile in order to reduce their peak demand and their electricity bill.  

We therefore strongly recommend that EEHC introduce TOU tariffs for large 
customers on a mandatory basis, consistent with international best practice for 
large consumers.  

Seasons and months 

The LRMC model can be used to calculate marginal costs of generation capacity and 
energy for each individual hour in a year or it can average the marginal costs for 
any defined interval (day, week, or month) throughout the year. For example, the 
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averaging of marginal costs over EEHC’s 4-hour system peak period shows that on-
peak costs vary seasonally: 

 Marginal costs of capacity and energy in the peak hours of the day from 
June to September are, on average, 3.5 times the marginal costs in off-
peak hours in the other months (US¢12.8/kWh at peak and 
US¢3.7/kWh off peak). 

 Marginal costs of capacity and energy in the peak hours of the day from 
June to September are over 2.2 times the marginal costs in the four peak 
hours in the other months (averaging US¢5.8/kWh).  

 Marginal costs of capacity and energy in the four peak hours in the day 
in the months from October to May are 1.6 times the marginal costs in 
the other hours in the day in those months. 

These comparisons support dividing the year into seasons in order to capture the 
hourly cost variations, with two rather than three seasons justified on practical 
grounds.   

We recommend two pricing seasons – a peak season June to September inclusive, 
and an off-peak season October to May inclusive.  Peak period pricing would only 
apply during the peak season. An alternative for EEHC consideration is a longer 
peak season (May through October inclusive), in order to capture lower generation 
availability in these “shoulder” months. 

Days and hours 

Marginal costs of generation capacity and energy were calculated for three day-
types - working days, Fridays and Saturdays - in each season. Comparing the 
hourly variation across these days shows that marginal costs of generation capacity 
and energy on a Friday evening are considerably lower than those on other days of 
the week. (See Figure 4).   

Figure 4  Marginal costs of generation capacity and energy: days of the week 

0

5

10

15

20

25

30

0 6 12 18 24

C
en

ts
/k

W
h WD-Sum

Fr-Sum
Sa-Sum

 

Furthermore, the similarity of hourly marginal costs on Saturdays and working 
days suggests that Saturdays might be combined with working days and peak 
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prices charged equally across both types of days. Fridays are clearly different, 
however, suggesting that off-peak prices should be charged all day. 

The marginal cost analysis for 2009-10 shows that the system will be at the greatest 
risk of load shedding between 6pm and 10pm on working days between June and 
end-September.  

We recommend that on-peak prices within the day should apply in the four hours 
from 6pm to 10pm from Saturday to Thursday. Other hours of the day and Fridays 
should be off-peak. 

Peak/off-peak price ratio 

Figure 5 shows the ratio of peak to off-peak marginal costs for four tariff groups 
differentiated by supply voltage2. For example, EHV customers average 
84 piastres/kWh (¢14.7/kWh) compared with an average of 23 piastres/kWh 
(¢4.1/kWh) at other times – a ratio of 3.6. 

Figure 5  Marginal costs by time-of-day (2009-10) 
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Marginal cost analysis suggests that the ratio of peak to off-peak prices should be 
approximately 4 to 1. 

Recently, EEHC has become increasingly concerned that new capacity cannot be 
brought on line in time to avoid a system shortfall relative to peak demand expected 
in 2010 or 2011. Noting that the cost of energy not served (the customers’ 
opportunity cost from load shedding) is much higher than EEHC’s marginal costs, 
peak prices in TOU tariffs can be much higher than those implied by marginal cost 
analysis and a peak/off-peak price ratio of 6:1 or 8:1 (some countries have 10:1) 
could be justifiable, while the off-peak price can be reduced to maintain revenue 
neutrality. Alternative TOU designs are discussed below. 

                                                      
2 EHV in the tariff classification refers to 220 kV and 132 kV. This differs from the classification used 
for transmission networks. 
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Demand response analysis  

The recommended TOU tariff design is mandatory and with a configuration of four 
on-peak hours per day from 18:00 to 22:00 for four months per year from June to 
September inclusive and with a ratio of peak to off-peak prices of four. We refer to 
this as the 4x4x4 design. 

The Demand Response Model described above can be used to project and compare 
the aggregate results of TOU tariff designs in terms of their effect on EEHC revenue, 
peak demand reduction through load shifting and conservation, and system costs 
savings.  

Table 1 shows the results of the demand response modelling for large industrial 
customers and for all large customers for the recommended 4x4x4 TOU tariff 
design.  

Large tariff increases were introduced3 in July 2008 particularly for energy-intensive 
consumers, and a path of future tariff increases was announced for non-energy-
intensive consumers. In the case of non-energy-intensive consumers, the path 
extends out to the year beginning July 2010. If the energy-intensive consumers’ 
prices are held constant at the levels announced in July 2008, then the non-energy-
intensive consumers’ prices would converge with the energy-intensive consumers’ 
prices in July 2011. The analysis described below in this Executive Summary 
compares TOU tariffs with flat rate tariffs consistent with the tariff increases and 
tariff path introduced in July 2008 while the main Report compares the proposed 
TOU tariffs against a wider range of alternatives. We note that the tariff increases 
introduced in July 2008 are by themselves expected to have a relatively substantial 
impact on EEHC’s system peak demand4. 

The expected additional impacts of introducing TOU tariffs in place of those 
implemented in July 2008 are shown in Table 1 and are derived from the elasticity 
sensitivity cases and assumed probabilities attached to those sensitivities.  

Table 1  Expected demand response 

 Large industrial 
consumers 

All large 
consumers 

Change in peak demand (MW) -421 -615 

Change in energy (GWh) 97 84 

Change in revenue (EGP million) -75 -64 

                                                      
3 EEHC had previously differentiated large consumer tariffs on the basis of annual energy 
consumption, but from July 2008, it distinguishes on the basis of specific categories of ‘energy-
intensive’ and ‘non-energy-intensive consumer. 

4 This impact is described in the main Report. 



 

 

Final Report, September 2008 

Economic Consulting Associates 

 

Executive Summary 

 

ES-h

 Large industrial 
consumers 

All large 
consumers 

Change in cost (EGP million) -155 -246 

Improvement in EEHC’s net financial 
position (EGP million) 

81 182 

The change in EEHC’s net financial position is the negative of the Rate Impact Measure (RIM). RIM is equal to 
the change in costs minus the change in revenues. A negative RIM indicates an improvement in EEHC’s 
financial position if other tariffs are held constant. 

The analysis summarised in Table 1 and described in full in the main Report show 
that:  

 Implementing the proposed TOU tariffs instead of the tariffs announced 
for implementation in July 2009 for large industrial customers would be 
expected to reduce peak demand by about 420 MW. (The uncertainty 
range from the elasticity sensitivity cases extends from 204 to 739 MW).  

 Extending the recommended TOU tariff design to all large customers 
would increase the impact to about 615 MW (with a sensitivity range 
from about 297 to 1,050 MW).  

 In all cases there would be a moderate decline in revenue to EEHC.  

 In all cases, system costs would be reduced due to both peak demand 
reductions (capacity benefits) and energy savings.  

 In all cases there would be some upward pressure on other tariffs (or 
some deterioration in EEHC’s financial position).  

 In all cases, this overall positive financial effect, which is the 
combination of the small revenue loss offset by the greater system cost 
savings, is hardly affected by the change in assumptions of customer 
responsiveness to TOU tariffs. The uncertainty range is very small 
compared with the uncertainty around the peak demand impact. This is 
an important result of the demand response modelling. It shows that the 
financial risk to EEHC of implementing well-designed, cost-reflective 
TOU tariffs is negligible because the system cost savings more than 
offset the revenue loss under all assumptions for customer 
responsiveness.  

Consideration of alternative TOU tariff designs 

In response to the concerns of the Ministry of Electricity and Energy (MEE) and 
EEHC, and noting EEHC’s concern that shortfalls in capacity relative to peak 
demand may emerge in 2010 or 2011, several other TOU tariff designs were 
considered (see Table 2 below) including some that may result in a stronger demand 
response as well as some which have lower peak/off-peak ratios than the 
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recommended design. We identified several TOU tariff alternatives including 
combinations of peak TOU tariffs charged: 

 for 4 hours per day (18:00 – 22:00) or 6 hours per day (18:00 – 24:00) 

 over 4 months (June to September inclusive), 6 months (May to October 
inclusive) or over 12 months 

 at 2 times, 4 times and 8 times the off-peak price 

These tariffs are made revenue neutral for a flat load shape consumer before any 
load shifting.  

Table 2  Impact of alternative TOU tariff designs (all large consumers) 

Aggregate 
demand 
reduction 
(MW) 

Impact on 
EEHC’s net 

financial 
position 

(EGP million) 

Peak season 
months 

On-peak period 
duration 

Peak/off-
peak ratio 

- 710 87 4 months 
(June-Sept.) 

4 hours (18:00–22:00) 8:1 

- 615 182 4 months 
(June-Sept.) 

4 hours (18:00–22:00) 4:1 

- 608 134 6 months 
(May-Oct.) 

4 hours (18:00–22:00) 4:1 

- 409 159 6 months 
(May-Oct.) 

4 hours (18:00–22:00) 2:1 

- 371 141 6 months 
(May-Oct.) 

6 hours (18:00–24:00) 2:1 

- 360 73 12 months 6 hours (18:00–24:00) 2:1 
The change in EEHC’s net financial position is the negative of the Rate Impact Measure (RIM). RIM is equal to 
the change in costs minus the change in revenues. A negative RIM indicates an improvement in EEHC’s 
financial position if other tariffs are held constant. 

As expected, the more aggressive 4x4x8 cases with a ratio of peak to off-peak prices 
of 8:1 lead to the greatest reduction in peak demand of 710 MW for all large 
consumers compared with 615 MW for our recommended design. However, the net 
positive impact on EEHC’s financial position would be less compared with the 
recommended design. If the TOU tariff with an 8:1 peak/off-peak ratio is applied to 
all large consumers, EEHC’s net financial position is EGP 100 million per year worse 
than with the recommended design (EGP 87 million versus EGP 182 million with 
the recommended design).  

The analysis shows that the closer are the tariffs to the recommended 4x4x4 tariff 
design, the greater will be the improvement in EEHC’s net financial position. 
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Assessment and summary 

The analysis of TOU tariffs described above and in the main Report shows that, 
despite a relatively modest response, mandatory TOU tariffs for large consumers 
are unambiguously beneficial to Egypt and to EEHC. TOU tariffs are cost reflective 
and therefore encourage consumers to use electricity more efficiently at times of 
EEHC’s expected peak demand and the cost savings to EEHC exceed the possible 
loss in revenues from sales to consumers at off-peak times. Until mandatory TOU 
tariffs are introduced some individual customers whose demand peaks in the 
evening will be subsidised by other consumers with flat loads or with load that 
peaks during the day. These consumers will see a rise in their average electricity 
charges unless they respond by changing their load pattern, but there will be an 
equal number of customers who will see a fall in average electricity charges. 
Implementation of TOU tariffs for large customers are therefore on average a ‘no 
lose’ option for Egypt and EEHC. 

The analysis reveals that the reduction in peak demand from the approximately 
3,000 large customers resulting from the introduction of TOU tariffs may achieve a 
demand reduction of 615 MW. This modest response is largely because, with some 
exceptions, most large customers have relatively flat loads and continuous 
processes, and it is not cost effective for them to change their demand pattern 
significantly.  

On the other hand, households are the primary driver for the evening peak demand 
in the summer but the introduction of TOU tariffs for households will not 
necessarily be cost effective. Although the focus of the current study is on large 
consumers we note that the cost of TOU metering of households is relatively high 
(though it has also fallen and is continuing to fall) whereas demand savings from 
residential consumers may be relatively modest, and metering costs may outweigh 
the benefits from demand savings. However, DSM incentives such as subsidies for 
compact fluorescent lighbulbs (CFL) for households may be much more cost 
effective in reducing peak demand. A CFL programme targeting Cairo’s three 
million households and with a penetration rate of 75% is estimated to reduce peak 
demand by approximately 400 MW. A wider programme rolled out to other 
electricity distribution companies and households in other cities would reduce peak 
demand still further. 

In addition to TOU tariffs, we have also examined interruptible contracts and TOU 
power purchase contracts. It is difficult to assess the likely demand reduction that 
might be achieved from interruptible contracts but experience in other countries5 
suggests that between 250 MW and 500 MW peak demand reductions might be 
available in Egypt from this source. 

The peak demand reduction available from TOU power purchase contracts is also 
hard to assess in advance. Many customers have emergency generation but our 
customer survey did not reveal any that have surplus capacity that might be sold to 
the network if EEHC offers a power purchase contract. The only way to reveal how 

                                                      
5 China, Korea and Taiwan. 
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many MW might be available from this source would be to offer customers a TOU 
power purchase contract and await the response. 

The estimated peak demand reduction from the measures described above are 
summarised in Table 3. Table 3 also notes the potential savings from a DSM 
programme focusing on CFLs in Cairo. 

Table 3  Estimated peak demand savings from TOU tariffs and contracts 

Measures MW peak demand savings (2009-10) 

4 x 4 x 4 TOU tariffs to large industrial and 
some non-industrial consumers 

300 – 1,050 
(central value 615 MW) 

Interruptible contracts 250 – 500 

Power purchase contracts unknown 

  

CFL program(DSM) 400 in Cairo 

 

Implementation 

TOU tariffs have not been used in Egypt before, so that implementation, including 
awareness raising and information dissemination, will be important.  

The possibility of implementing TOU tariffs as pilots for large customers in selected 
areas was considered. Pilots are commonly undertaken for TOU schemes for small 
customers but the difficulty with pilots for large customers is that it will discourage 
consumers from investing in measures (management time, equipment, storage, etc) 
that would be wasted if the pilots are subsequently abandoned. Piloting might then 
encourage a weaker response and may give misleading information to EEHC and 
Government about the potential value of TOU tariffs. We suggest instead that the 
TOU tariffs are rolled out to the larger customers at the higher voltages first and 
then progressively to all 3,000 of the large industrial customers and non-industrial 
customers using electricity for water pumping, irrigation and sewage treatment. 

Regarding the timetable for rollout of the TOU tariffs and contracts we propose that 
a target is set for the initial rollout to the first 20 largest (EHV) customers to be 
implemented in April 2009, ahead of the summer peak in that year. The next group 
of 66 HV customers could be offered the new tariff options in July 2009.  

A comprehensive measurement and evaluation plan including pre-metering of 
customers before they are placed on TOU tariffs should be undertaken. This will 
allow the demand response model to be calibrated and the overall effectiveness of 
TOU tariffs in reducing peak demand to be evaluated.  
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1 Introduction 

This Final Report has been prepared as part of the project: 

Egypt: Development of a Load Management Program and Design of Time of 
Use/Seasonal Pricing 

The project was carried out by Economic Consulting Associates (ECA) for the 
Egyptian Electricity Holding Company (EEHC) under funding provided by the 
World Bank.  

The project involved the development of: 

 pricing mechanisms and contractual frameworks for industrial and large 
customers to induce a demand response in the form of shifting and/or 
clipping their peak load; 

 PC-based models to calculate marginal costs and predict customer 
responses to load management mechanisms prior to their 
implementation. 

The pricing mechanisms and contractual frameworks examined in the project 
include: 

 Conventional time-of-use TOU tariffs: These are tariffs that vary by 
season, day of the week or time of the day. 

 Special TOU contracts: EEHC may enter into special contracts with large 
consumers to adjust their regular maintenance activities and/or major 
annual shutdown for maintenance in order to reduce electricity demand 
at times when the EEHC system is close to capacity. 

 Interruptible contracts: Customers may agree to reduce load on 
instruction from the system control centre at times when there are likely 
to be capacity shortages. The interruptions are normally restricted to a 
maximum number of occasions or maximum overall duration per year. 
In exchange, the customer receives a discounted tariff or a rebate for 
each curtailment. 

 TOU power purchase contracts: TOU power purchase contracts provide 
incentives to customers who have self-generation in excess of their own 
requirements to sell this excess to the national grid at times when it is 
likely to be needed by EEHC. 

As part of the project, we: 

 developed an LRMC model and used the model to estimate marginal 
costs by season, day-of-week and time-of-day, 

 developed a tariff design model to help design the components of TOU 
tariffs and contracts, 
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 conducted a survey and undertaken international research to identify 
the potential response of customers to possible TOU tariffs, 

 developed a demand response model that estimates the impact of 
possible time-of-use (TOU) tariffs on large consumers, incorporating 
information provided by the large customer survey and international 
research. 

This Final Report is structured as follows: 

 Section 2 provides an overview of the process of TOU tariff setting and 
rate design 

 Sections 3 and 4 summarise the experience of TOU tariffs and load 
management contracts in the MENA region (Section 3) and 
internationally (Section 4) 

 Section 5 summarises the methodologies used in the development of 
TOU pricing mechanisms and load management contracts 

 Section 6 describes the marginal costs which are a key driver of the tariff 
designs 

 Section 7 presents the analysis of the demand response to TOU tariffs  

 Section 8 describes the design of the conventional TOU tariffs 

 Section 9 discusses special TOU contracts 

 Section 10 describes the design of interruptible contracts 

 Section 11 describes the design of TOU power purchase contracts 

 Section 13 describes the implementation plan for TOU pricing and load 
management contracts 

 Annexes providing supporting information and analysis 
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2 TOU rate setting and rate design overview 

2.1 Introduction 

Electricity tariffs can serve three primary purposes: 

 Cost reflectivity to encourage efficient use of electricity: Tariffs should 
provide information to consumers about the ‘economic’ costs of 
supplying electricity. This ensures that consumers make decisions about 
how they use electricity that is in the best interests of the country6. This 
includes appropriate encouragement to customers to shift their 
consumption away from the electricity system peak. 

 Financial viability: Tariffs are the mechanism by which utilities collect 
revenues from customers to cover their financial costs. This is necessary 
to ensure that utilities remain financially viable and can attract the 
finance necessary for future investment. Financial viability generally 
requires that utilities’ revenues can cover on-going fuel and maintenance 
costs as well as the recovery of historic capital costs and can contribute 
toward future capital investments. 

 Welfare or industrial/economic support policy: By re-distributing revenues 
among consumers or channelling subsidies, tariffs can be used as a 
welfare support tool for residential consumers or they can support 
specific sectors or regions of the country, for example to promote 
industrial development or stem regional economic decline. 

The primary purpose of TOU tariff design is the first of these three – cost reflectivity 
to encourage efficient use of electricity. “Efficient” means not only that consumers 
should be careful about how they use electricity but also when they use it. But tariffs 
must also be designed taking account of utilities’ revenue requirements and to 
reflect any implicit or explicit welfare or industrial support policies of Government. 
Below we discuss each of these three functions and describe how the analysis 
undertaken reflects these, sometimes competing, purposes. 

2.2 Cost reflectivity 

Electricity is expensive to produce and if consumers are to use electricity optimally 
(from the country’s point of view), they must be provided with information that 
allows them to decide for themselves how much electricity they should use and when 
they should use it. Tariffs are the mechanism through which supply cost 
information is conveyed to customers and specifically TOU tariffs are the 
mechanism to inform consumers about how supply costs vary with time. 

                                                      
6 This is known in economic jargon as allocative efficiency. 
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To provide signals to customers effectively, electricity prices must send clear price 
signals to customers while avoiding unnecessary. The trade-offs between these tariff 
design objectives are discussed below. 

2.2.1 Signalling costs 

Efficiency requires that prices reflect the forward looking marginal costs to Egypt 
(ie., in economic terms) of capital, fuel and operating costs necessary to supply 
electricity to consumers7. Prices should also reflect non-monetary costs that may 
result from electricity supply that are not borne by the producer (production 
externalities) - these may include, for example, environmental damage (air or water 
pollution that causes health problems or degradation of biodiversity) or social costs 
arising from population displaced by power plants where those affected are not 
fully compensated. 

TOU pricing gives a strong incentive for users to consume electricity efficiently by 
reducing peak consumption or moving some consumption away from the periods of 
peak demand on the power system. This delays the capital investments needed to 
serve peak demand and lowers fuel and operating costs by allowing greater 
utilisation from the more fuel efficient base-load plants.  

TOU pricing is designed to modify the pattern of consumption and, because it relies 
on relative prices at peak and off-peak periods, it can be effective even when the 
average financial price levels (see Section 2.3) are below the economic cost of 
supply. It complements the incentives provided when average tariff levels are cost 
reflective but it continues to be valuable even when average tariff levels are below 
economic costs or below the prices necessary for financial viability.  

In some circumstances where the prices of competing or related fuels (for example, 
natural gas or kerosene) are not priced at market levels and it is impossible to 
correct these distortions, it may be necessary to deviate from cost reflective pricing 
through ‘second best’ pricing. If electricity were to be priced at economic levels 
while competing fuels are priced at below economic levels, this could lead to under-
use of electricity. For example if diesel is priced below its economic cost while 
electricity is priced at its economic cost then industrial consumers might choose to 
self-generate electricity at certain times because self-generation is cheaper than 
buying electricity from the grid; this would be a sub-optimal use of the country’s 
electricity infrastructure.  

2.2.2 Avoiding ineffective or unjustified complexity 

Pricing structures that are easily understood by users cannot ever perfectly reflect 
the true structure of economic costs at all times and under all circumstances. This is 
because truly cost reflective tariffs would vary from place to place, from consumer 
to consumer and from hour to hour. The only pricing system that approaches true 
cost reflectivity is a spot pricing based on hourly or half-hourly prices but even this 
is still an approximation. All tariff structures are a compromise between cost 
reflectivity and practicality given the costs and benefits of accurately signalling costs 
                                                      
7 Capital, fuel and operating costs should be at the lowest level necessary to sustain a reliable supply. 
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to consumers. The aim of tariff design is to reach a reasonable balance between cost 
reflectivity and practicality. 

To avoid ineffective or unjustified complexity, account should be taken of: 

 the ability and willingness of customers to absorb and respond to 
complex information, 

 the net benefits to Egypt in terms of supply cost savings on the one hand 
and, on the other, the costs to consumers in terms of management time 
and increased capital and operating costs to respond to complex tariffs, 
the additional costs of metering and the costs to the utility of additional 
management time and billing systems. 

Electricity price schedules should be publicly accessible and provide easily- 
understood signals of the costs of supplying each service in each market segment. 
However, even where schedules are clear, not all consumers would be able or 
willing to spend time to understand them. For example, residential consumers 
would not be able to understand complex tariffs of the type that might be offered to 
large industrial consumers. 

Tariff designs also need to acknowledge that complex tariffs have implementation 
costs in terms of billing systems, metering and utility management resources. It is 
not worthwhile introducing complex tariffs that incur these costs if the costs would 
outweigh the expected economic cost savings (ie., from reduced peak demand). For 
smaller consumers the economic cost savings are typically low while the costs of 
billing, metering and utility management time may be relatively high; this is one of 
the reasons why more complex (TOU) tariffs are less frequently introduced for 
residential consumers. 

Existing customers do not have to respond directly to complex tariffs in order to 
justify the introduction of such tariffs. Responses may come indirectly by attracting 
new types of customer that are able to adapt their consumption patterns to take 
advantage of the more complex TOU tariffs. Savings may therefore also arise by 
influencing the future mix of customer which in turn should change the future 
system load factor.  

2.3 Financial viability 

Cost reflective tariffs should be based on forward looking marginal costs which 
ignore costs that have been incurred in the past. However, a utility’s financial 
viability is normally measured by reference to on-going fuel and operating costs 
plus a return on, and recovery of, historic capital expenditures. Because marginal 
costs are forward looking and financial viability is, partly, backward looking, there 
will inevitably be a difference between marginal-cost based tariffs and tariffs that 
collect sufficient revenues for financial viability. 

In a regulated environment, as proposed for Egypt, financial viability is normally 
determined as the revenue that is sufficient to cover aggregate operating costs and 
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earn a return on net fixed assets. The rate of return is typically calculated as the 
allowed weighted average cost of capital.  

Financial viability for the vertically integrated utility or unbundled utilities is 
concerned only with aggregate revenues for the individual companies and has 
nothing to say about how that revenue are collected from among different tariff 
groups or from consumption at different times of the day or days of the year. 
Considerations of the structure of the tariff between different consumers and times 
of use should be dictated by the economic analysis used to decide cost reflectivity. 

Electricity prices should be capable of changing in line with changes in supply costs 
over time. In many countries fuel is the main cause of electricity supply cost changes 
in the short term and many countries make provision for automatic indexation of 
electricity tariffs with fuel costs, for example annually. For larger users, indexation 
may be more frequent than annually and for the very largest users there may be 
daily variation in electricity prices with fuel prices, but for smaller users an annual 
indexation avoids volatility. Suppliers provide a valuable service of smoothing 
electricity prices for smaller users and give greater predictability.  

In the longer term electricity prices should also reflect changes in the costs of supply 
capacity because they are significant for such a capital-intensive industry.  

Indexation of electricity prices to the key cost drivers – fuel costs in the short term, 
and capital costs in the long term – is usually in the domain of the regulator that 
approves allowed aggregate revenues. The structure of prices – the relative prices 
between tariff periods or between different tariff classes - tends to be kept the same 
during indexed changes while average tariff levels move up or down to reflect the 
movements in these key cost drivers. At intervals of five years or so, or after major 
structural changes in costs, the utilities may revisit the structure of tariffs and 
propose changes to that structure. Often changes to the structure will be proposed 
because of changes in the pattern of aggregate system load that results in an 
increase in the system load factor or a shift in the time of system peak demand. 

2.4 Welfare and industrial policies 

The third major function of electricity tariffs can be to provide a channel to 
implement Government welfare or industrial policies.  

Electricity tariffs can be used for welfare support by cross-subsidising or subsidising 
electricity supplied to households with low consumption. Low consumption 
households are often thought to be a proxy measure of households with low 
income8. Government may also have an industrial policy to support or encourage 
certain industries and, for energy intensive industries, low electricity prices have 
been used as a subsidy channel. 

                                                      
8 Though this is not always the case since it also subsidises small households and second homes which 
are infrequently occupied and it penalises large households. 
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We do not comment here on the merits or otherwise of using electricity pricing as 
mechanisms for welfare support or industrial policy though we do note that both, 
particularly the latter, are controversial.  

The subsidised consumption to small residential consumers or industry can be paid 
for by: 

 cross-subsidies through higher prices to other electricity consumers,  

 subsidies provided from special funds, or 

 direct subsidies from the Government budget. 

Direct subsidies from Government are not commonly used but in an electricity 
industry with competitive supply it becomes increasingly difficult to maintain cross-
subsidies. This is particularly true of cross-subsidies paid by industrial consumers 
since these consumers are the most likely to seek alternative suppliers. 

2.5 TOU design process 

The TOU tariff design process is illustrated in Figure 6. The four key choices, in 
addition to the fundamental decision of whether to introduce TOU tariffs and/or 
load management contracts, are: 

Who: Which customers should be offered TOU tariffs and interruptible 
contracts? 

How: Should TOU tariffs be mandatory or offered on a voluntary basis? 

When: What tariff periods should be adopted (times of the day, days of the 
week and seasons of the year) in order to reflect hourly marginal costs? 

Prices: What should the prices be in each of these tariff periods? 

Recommendations on each of these issues are made using a combination of 
approaches: 

 detailed and rigorous analysis (of marginal costs and demand 
responses) 

 information collected by EEHC on numbers and type of large customers 
and their load patterns 

 surveys of large customers in Egypt in an attempt to understand their 
willingness to consider shifting load in response to tariff incentives 

 international experience 

 judgement 
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Sophisticated computer-based tools have been adapted or developed to assist in the 
decision making process and these tools have been used in combination with 
information provided by EEHC to analyse marginal costs and demand responses. 
However, these tools can only help inform the decisions; the final design 
recommendations have additionally taken account of international experience and 
best practice and informed judgement. 

The decision map shown in Figure 6 is repeated again in Section 8 together with the 
TOU tariff design recommendations. Intervening sections describe the analysis that 
informs those recommendations. 
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Figure 6  TOU design decision process 
Design decisions \ choices Design considerations and criteria

WHO
Sectors What is the existing framework:
Residential   electronic meters? some customers familiar with TOU tariffs?
Commercial Judgement:
Industrial   are customers likely to respond?
Agriculture   are programme costs relatively high/low?
SIZE: small medium large Surveys, pilots, international experience to support judgement

HOW Are you offering customers a choice of two alternative services?
Will fixed charges be substantially higher with TOU tariffs?
Are customer consumption patterns reasonably uniform?
Does a voluntary scheme undermine cost reflectivity?
Might a voluntary scheme lead to loss of revenue but few benefits?

WHEN

Analysis and judgement:
(for example)    Try to reflect marginal costs reasonably accurately

    (focus the price signal to maximise MW impact)
   Will it cost a lot or a little to implement?

Judgement:
   Is it too complex for customers to understand?

12 .. .. .. .. .. .. 1 Welfare and industrial policy:
   Does it hurt some customers that Government wants to support?

high
< 2 2 3 4 5 6 > 6

Which months should have peak charges?

voluntary

Implementation

Seasonality

seasonal

and customers

Number of peak hours per day

some

May-Oct May-Sep Jun-Sep

few

annual

mandatory

Jun-Oct

low extreme

Peak:offpeak price ratio

many
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3 Review of regional TOU tariffs and contracts 

A review was conducted of electricity tariffs for the 18 countries comprising the 
Middle East and North Africa region9.  Based on this review eight countries were 
identified as having TOU tariffs in place - Algeria, Iran, Israel, Jordan, Lebanon, 
Morocco, Syria, and Tunisia. None of the countries had interruptible tariffs in place 
but did have provisions for shedding large user load under certain conditions. Table 
4 summarises the characteristics of these TOU rate designs. Additional detail by 
country is provided below. 

                                                      
9 Algeria, Bahrain, Egypt. Iran, Iraq, Israel, Jordan, Kuwait, Lebanon plus West Bank/Gaza, Libya, 
Morocco, Oman, Qatar, Saudi Arabia, Syria, Tunisia, UAE, and Yemen. 
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Table 4  Summary of TOU rate design characteristics in MENA countries 

Country
Customers 

Covered
Mandatory or 

Optional?
Pricing 
Periods3

Duration of 
high price 

period (hours) Highest Price Hours
Lowest Price 

Hours

Highest-to-
Lowest Price 

Ratio

High Energy 
Price Level 
(cents/kWh)

Demand 
Charge 

Amo
Demand

($/kW
Algeria MV & HV Mandatory 3 4 17:00-21:00 22:30-06:00 11.2 8.2  Max Dmd

Iran All Users Optional 3 13.2 5.4 Max Dmd 0

Israel All Users Mandatory 3 6 Summer: 11:00-17:00 22:00-07:00 5.36 21.13 None
for users over 3 14 Transitional: 08:00-22:00 22:00-06:00 4.31 15.89

100,000 kWh/yr 9 Winter: 16:00-21:00 22:00-06:00 5.56 19.89

Jordan Large Industry Mandatory 2 3 07:00-23:00 23:00-07:00 1.33 9.2 Peak Dmd* 4

Lebanon Industrial Mandatory 3 3 Summer: 18:30-21:30 23:00-07:00 4 21.2
Winter: 16:30-20:30 23:00--7:00 4 21.2

Morocco HV, MV, and Ag Optional 3 5 Summer: 18:00-23:00  23:00-07:00 2.2 13.8 Peak Dmd 14
5 Winter: 17:00-22:00 22:00-07:00 Slack Dmd 2

Syria MV & HV Mandatory 3 4 From sunset for 4 hours end pk + 8 hrs 1.625 6.5

Tunisia MV and HV Voluntary 4 5 Summer: 08:30-13:30 22:00-06:30 2.1 10.1 Max Dmd 2
3 Winter:  18:00-21:00 21:00-07:00 2.1 10.1

*Jordan's peak demand charge applies to a 3 hour peak period which can vary with the season 
3# of energy pricing periods (e.g., on and off peak or on,off and partial peak)
Type of Demand Charge, if any (on-peak demand, monthly maximum demand, etc)
Demand Charge Amount ($/kW per month or per year)  
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3.1 Algeria 

Sonelgaz requires MVand HV customers to take service on TOU rates. The TOU rate 
design has three pricing periods (Peak, Normal, and Off-Peak) applicable year 
round. The summer on-peak price can be quite high (8.2 US cents/kWh) and the 
peak-to-off peak ratio is also high – over 10. However, the peak period duration is 
only four hours, leaving considerable opportunities for cost-saving load shifting into 
the Normal (06:00-17:00) and Off-Peak (22:30-06:00) hours. It is not known how 
many customers currently take service on these tariffs or how much load shifting 
has occurred10.   

3.2 Iran 

Iran has focused most of its load management efforts towards energy-intensive 
industrial customers. Efforts to date have included mandatory holidays (5-7 days) 
for big industrials during the summer peak period (failure to comply results in 
industrial consumer load being the first disconnected in case of load shedding and 
monthly changes to basic tariff rates (energy and demand) in order to stimulate load 
shifting towards cheaper periods of the year. 

A major goal set forth in the fourth Five Year Development Plan (FYDP) is 
installation of “smart meters” on most medium and large customers. Beginning in 
2009 the parastatal electricity holding company Tavanir and the Regional Electricity 
Companies (RECs) are responsible for procuring and installing smart meters for all 
new and existing industrial and commercial connections as well as larger urban 
households. Within five years more than 5 million smart meters should be installed 
and the customer’s placed on TOU or other time-varying rate design11.  

The Tehran REC has already established a time-of-use tariff for customers larger 
than 30 kW. This rather complicated tariff incorporates an inclining slab TOU rate 
design with a maximum demand charge. The TOU energy charges vary according 
to season (summer and non-summer) and include three pricing periods – peak, 
medium, and low load hours. The summer peak period price can be quite high (5.4 
US cents/kWh) and the peak-to-low load price ratio is quite high as well (over 13). 
It is unknown how many customers take service on this rate, or if there have been 
any issues around customer understanding of this complex tariff12.  

                                                      
10 Energy Efficiency in the Construction Sector in the Mediterranean – Algeria Baseline Study, 
prepared by Abderrahmane Zidane for the GTZ MED-ENEC Project, February 2006. 

11 Islamic Republic of Iran Power Sector Note, prepared by the Sustainable Development Department 

Middle East and North Africa Region of the World Bank, Report No. 38360-IR, January 9 2007. 

12 http://www.tavanir.org.ir/info/stat84/39html%20latin/57.htm 
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3.3 Israel 

Israel is also implementing a complicated TOU rate design – the TAOZ tariff. The 
TAOZ tariff is multi-tiered, changing according to the time of day, the day of the 
week, and the season (see Figure 7). There are three types of days (weekdays, 
Fridays, and Saturdays), three pricing periods (Peak, Shoulder, and Off-Peak), and 
three seasons (Winter, Summer and Transitional).  The TAOZ tariff is further 
differentiated by voltage level. TAOZ is voluntary for small customers but 
mandatory for customers over 100,000 kWh of annual consumption (about 20 kW 
demand).  Price levels can be quite high even for MV customer during the summer 
peak period – up to 22 US cents/kWh. The peak-to-off peak ratio13 is fairly stable 
throughout the year at around 5.  Although only the 50 largest customers are 
currently taking service on TAOZ, they constitute over half of total Israeli Electricity 
Company (IEC) sales14.  

Figure 7  TAOZ pricing periods15 

 

Aigner, D.J., J. Newman, and A. Tishler (1994). "The Response of Small and Medium-Size Business 
Customers to Time-of-Use Electricity Rates in Israel." Journal of Applied Econometrics 9:283-304. 

                                                      
13 http://www.lightning.co.il/Israel_Electric_Co_Tarrifs.pdf 

14 Mediterranean & National Strategies for Sustainable Development - Energy Efficiency and 
Renewable Energy Study for Israel, Dr. Amit Mor & Dr. Shimon Seroussi (Eco-Energy), March 2007. 

15 http://www.telemenia.com/var/1884/141511-
What%20is%20Initiated%20Shedding%20Agreement-ENGLISH.pdf 
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3.4 Jordan 

Jordan’s National Electric Power Company (NEPCO) has implemented mandatory 
TOU rates for large industrial customers. The TOU rate design mirrors the bulk 
supply tariff which the unbundled distributor companies (Jordan Electric Power 
Company, Electricity Distribution Company, and Irbid District Electricity 
Company) are also subject to. The TOU rate design features two lengthy pricing 
periods for energy (the day period covers 07:00 to 23:00 and the night period is 23:00 
to 07:00) and a very short peak period for which there is a demand charge. The peak 
period can be different from month to month but always fall somewhere within the 
daytime energy pricing period. Although the day-evening energy price ratio is 
modest (1.33) the peak demand charge provides an additional encouragement to 
move off the variable three-hour peak period16.  

3.5 Lebanon 

Industrial customers of Electricite du Liban (EDL) must take service on a time of use 
rate that includes two seasons (April through September is summer while October 
through March is winter) and three energy pricing periods (Peak, Day, and Night). 
The energy prices for each period do not vary seasonally but the duration of each 
pricing period is slightly different between seasons (16:30-20:30 peak in summer and 
18:30 to 21:30 peak in winter). Peak period prices are quite high (21 US cents/kWh) 
as are peak-to-off peak price ratios (4)17.    

The high peak period prices may actually encourage self-generation during peak 
periods, as the fixed and variable costs of self-generation using HFO are in the 22-25 
US cents/kWh range which are uncomfortably close to peak period prices. This is 
particularly true for industrial customers who have already purchased a generator 
to protect against power supply un-reliability, and only face the variable costs of 
running their generator when comparing against EDL’s peak prices18.   

3.6 Morocco 

MV and HV customers taking service from the Office Nationale de Electricite must 
subscribe to a TOU rate. The TOU rate has two season and three pricing periods (see 
Figure 8). For MV customers the energy price is almost 14 US cents/kWh with a 
peak-to-slack time ratio of just over 2. Demand charges also vary by pricing period 

                                                      
16 http://www.nepco.com.jo/english_etariff.html 

17 http://www.edl.gov.lb/AboutEDL.htm#5 

18 Republic of Lebanon Electricity Sector Public Expenditure Review (Draft), prepared by the 
Sustainable Development Department, Middle East and North Africa Region of the World Bank, 
Report No.  41421-LB, November 9, 2007. 
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and range from US$30 per kW per year for annual maximum demand to US$175 per 
kW per year for on-peak demand19.   

Figure 8  ONE tariff for MV and HV customers in Morocco20 

 

3.7 Syria 

Since 2002 commercial and industrial customers in Syria have been obliged to take 
service on a TOU tariff, in order to discourage the use of electricity during peak 
hours. The TOU rate design includes three energy pricing periods (Peak, Day, and 
Night). The Peak period extends for 4 hours after sunset and the Night period 
extends from the end of the Peak period for another 8 hours. The balance comprises 
the Day period. Electricity prices are fairly low, and even the peak period TOU price 
is just 6.5 US cents/kWh. Peak-to-Night period ratio is also low at just 1.5.  

A Time-of-Use (TOU) Meters Pilot Program is under consideration by the 
distribution company PEDEEE which would extend the availability of TOU meters 
and rates to additional customers, including LV commercial and residential 
customers. It is estimated that such a pilot program could save up to 10 MW of 
peaking capacity. 21  

3.8 Tunisia 

The Société Tunisienne de l’Électricité et du Gaz (STEG) began implementing TOU 
rates for its largest customers as early as 1974. A new TOU tariff reflective of 
changing marginal costs and targeted for medium and HV consumers was 
introduced in 2001 which increased the number of pricing periods to 4 – Peak, 
Daytime, Evening, and Nightime. MV customers had a choice of remaining on the 
3-period rate or moving to the new 4-period design. However, both TOU rates are 
                                                      
19 Energy-Policy Framework Conditions for Electricity Markets and Renewable Energies – Morocco 
Country Analysis, prepared for and published by GTZ, Eschborn, September 2007. 

20 www.one.org.ma 

21 Supply Side Efficiency and Energy Conservation and Planning Project, Syrian Arab Republic 
Ministry of Electricity, March 15, 2005 (http://webfea-
lb.fea.aub.edu.lb/fea/research/erg/web/Policy%20Paper%20Syria.pdf) 
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optional and these customers can take service on a flat rate option as well. The 
evolution of the TOU tariff over time is shown in Table 5. 

Table 5  Evolution of TOU rates at STEG (Tunisia)22 

 

Both the 3-period and 4-period rates are seasonal (see Table 6); note that the 3-
period summer season is twice as long as the 4-period summer season. Pricing in 
each period does not vary by season.  On-peak rates can reach US 10 cents/kWh 
and the peak-to-night time price ratio is just over 2. 

Table 6  STEG’s 3-period and 4-period TOU rate options 

 Day Peak Evening Night 

3-period     

April-Sept. 08:00-19:00 19:00-23:00  23:00-08:00 

Oct.-March 06:30-17:30 17:30-21:30  21:30-06:30 

4-period     

June-Aug. 06:30-08:30, 
13:30-19:00 

08:30-13:30 19:00-22)00 22:00-06:30 

Sept.-May 07:00-18:00 18:00-21:00 n/a 21:00-07:00 

 

3.9 Summary and Conclusion 

There is a lot of variety in the TOU rate designs in use across the MENA region. A 
few common threads throughout are: (i) almost all rates are targeted at MV and HV 
customers, with exceptions in Israel and Iran; (ii) more than half of the TOU rates 

                                                      
22 Applications of Dynamic Pricing in Developing and Emerging Economies, prepared for The World 
Bank by Charles River Associates, May 2005. 
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are mandatory; (iii) almost all of the rates incorporate three pricing tiers/periods; 
(iv) most of the rate designs incorporate a fairly short (3-5 hour) peak period; and 
(v) most incorporate some form of demand charge. There is too much variability in 
peak period schedule, seasonality and peak-to-off-peak price ratio to generalise (see 
Figure 9). However, there is clearly an inverse relationship between the length of the 
peak period and the peak-to-off-peak ratio – the shorter the period, the higher the 
ratio. 

Figure 9  TOU peak energy price comparisons 

Comparison of TOU Rate Design Characteristics
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Absent the marginal cost studies presumably underpinning these TOU rate designs 
or any data on customer satisfaction or load shifting results it is hard to make any 
generalisations about which designs are superior to others.  
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4 International TOU tariffs and interruptible contracts 

Many developed and middle-income countries have implemented interruptible and 
time-varying pricing tariffs, both as part of power sector reform efforts and as a way 
to manage peak demand growth. In some cases these efforts have been required by 
regulators and in other cases the movement towards load management tariffs has 
been part of the utility’s DSM strategy. In this chapter we review the load 
management tariff portfolios, including TOU pricing and in some cases interruptible 
tariffs, of nine utilities representing China, Korea, South Africa, Spain, Taiwan, 
Thailand, Turkey, and Vietnam.  

4.1 China 

China has relied heavily on load management tariffs in addressing peak demand 
growth and minimising power shortages.  Utility load management strategies 
include TOU pricing, interruptible tariffs, load control, and energy storage systems 
while governments have added additional emergency measures such as targeted 
plant closures. Utility load management programs are estimated to have reduced 
peak load throughout the country by over 6 GW in 2003 and nearly 10 GW in 2004.23    

The Beijing Municipal Electricity Distribution Authority has been managing peak 
demand growth since the mid-1990s using a combination of TOU pricing, load 
control, interruptible tariffs, and incentives for energy storage investments. In 2004 
over 75,000 consumers representing almost two-thirds of total sales took service on 
TOU rates, producing a 700 MW shift away from the peak period. The Beijing 
distributor also introduced interruptible service for large enterprises, including steel 
and chemical companies, that resulted in another 100 MW reduction of peak load as 
needed. Customers taking interruptible service receive a rate discount or bill credit 
in exchange for agreeing to reduce load during system contingencies. If customers 
do not curtail within 30 to 60 minutes of being notified by the utility, they can be 
penalised. The Beijing distributor also implemented end-use load control, another 
type of interruptible program, which gave dispatchers the ability to control another 
500 MW of load distributed across 1600 customers (about 6 percent of Beijing’s total 
load). 24  

In 2003 Jiangsu Provincial Power Company faced a capacity deficit of 3,890 MW. 
The government and the power company jointly addressed the shortfall with 
multiple initiatives including business shut-downs and “industry vacations” (956 
MW), interruptible tariffs (780 MW), voluntary load shifting (592 MW), TOU pricing 
(700 MW), and load control (475 MW). A residential TOU rate was introduced and 
the TOU differential for large users was increased. The voluntary TOU rate was 

                                                      
23 Applications of Dynamic Pricing in Developing and Emerging Economies, prepared for The World Bank 
by Charles River Associates, Oakland, CA, May 2005. 

24 Demand-Side Management in China’s Restructured Power Industry: How Regulation and Policy Can Deliver 
Demand-Side Management Benefits to a Growing Economy and a Changing Power System, prepared by 
Zhaoguang Hu, David Moskovitz, and Jianping Zhao for the World Bank’s ESMAP program, 
December 2005. 
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subscribed to by over 750,000 households, resulting in a shift of about 20 percent of 
demand (100 MW) to off peak hours (see Figure 10). Over time these TOU rates 
have changed the proportion of on-peak to off-peak consumption from 2/3:1/3 to 
55:45 and shifted the system peak load by about 3 hours. In addition to mandatory 
“industry vacations”, the Jiangsu Power Company offered “buy back” tariffs to 
large industrial consumers, mainly steel manufacturers. These customers were 
compensated US 12 cents per kWh for reducing their consumption. In 2003, 12 steel 
corporations took part in this project, and these customers were paid almost US$2 
million to reduce their load by about 800 MW. 25 

Figure 10  Load shifting effect of Jiangsu Power Company’s TOU rate 

 

The mandatory TOU tariff for large industrial users in place today is shown in Table 
7. It has three pricing periods (Peak, Off-Peak and Valley) with a peak energy price 
of almost 14 US cents per kWh and a peak-to-valley price ratio of 3.8.   

One difficulty with Chinese TOU tariffs is the tendency to set off-peak energy prices 
below average costs in order to provide customers with the opportunity for net 
savings under the tariff. Even though there is little difference between marginal 
energy costs during peak and valley periods, on-peak prices are set very high while 
off-peak sales are made at a loss. Although this clearly increases the load shifting 
effect, setting off-peak rates at below average energy costs will affect utility balance 

                                                      
25 Demand-Side Management in China: Benefits, Barriers, and Policy Recommendations, Natural Resources 
Defense Council, State Power Economic Research Center:, and Energy Research Institute of State 
Development and Reform Commission, October 2003. 
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sheets and introduce cross-subsidies between customer segments that can shift load 
and thus who cannot. 26  

                                                      
26 SERC During the 11th Five-Year Plan: Building an Effective Regulatory Framework, Prepared for the State 
Electricity Regulatory Commission by The Regulatory Assistance Project under a contract with the 
World Bank and the Energy Foundation, December 2004. 
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Table 7  Comparison of selected international TOU tariffs 

Country Customers Covered Mandatory or Optional?
Pricing 

Periods3

Duration of 
high price 

period (hours) Highest Price Hours
Lowest Price 

Hours

Highest-to-
Lowest Price 

Ratio

High Energy 
Price Level 
(cents/kWh)

China Large Industry Mandatory 3 8 08:00-11:00 23:00-08:00 3.80 13.8
(Jiangsu) 18:00-23:00

Korea Users over 1000 kW Mandatory 3 1 Summer: 11:00-12:00 23:00-09:00 3.58 14.7
(KEPCO) 0 Spring/Fall: none 23:00-09:00 2.09 8.6

5 Winter: 18:00-23:00 23:00-09:00 2.61 10.7

South Africa User over 25 kVa & less  than 5 Mv Optional 3 6 07:00-11:00 22:00-06:00 7.30 9.8
(ESKOM) 18:00-20:00 2.56 3.07

Taiwan All Customers Mandatory for users over 100 kW 3 15 Summer: 07:30-22:30 22:30-07:30 2.55 7.4
(Tai Pwr Co) Slack Season: as above as above 2.67 7.2

Thailand Small, Med, Large General Svc
Mandatory for new users > 30 

kW or 2 13 09:00-22:00 22:00-09:00 2 8.2 P
(EGAT) Existing users ? 1000 kW

Turkey Users over 700 kW Mandatory 3 5 17:00-22:00 22:00-06:00 2.59 13.3
(TEDAS)

Vietnam Large Com' & Industrial Manadatory 3 6 18:00-24:00 22:00-04:00 3.12 8.01
(EVN)

 



 

 

Final Report, September 2008 

Economic Consulting Associates 

 

International TOU tariffs and interruptible contracts 

 

22 

4.2 Korea 

The Korea Electric Power Company (KEPCO) has implemented numerous load 
management programs over the years to keep pace with rapid demand growth. 
KEPCO’s load management programs are focused on reducing demand during the 
relatively short summer peak season (July-August) and providing operating 
reserves in case of emergencies.  

KEPCO offers a “Summer Load Reduction Program” which compensates industrial 
customers for adjusting staff vacation and plant maintenance schedules to 
correspond to KEPCO’s system peak. In 2003 some 2,700 customers larger than 
300 kW reduced their peak demand by 1,600 MW between 08:00 and 18:00 on 
summer weekdays and received US$ 17 million in compensation. 

KEPCO also offers two types of interruptible/curtailable program which 
compensates large users for shedding load during the summer peak. The Load 
Reduction upon Request Program applies to customers over 300 kW who can reduce 
loads during emergencies. Customers must sign up for 2 years and pledge a 20 
percent reduction or 1,000 kW minimum demand reduction compared to a baseline 
constructed from the previous 3 normal business days. Customers are provided 3 
hours of advance notice and must curtail for at least one hour. A variant program is 
Direct Load Interruption, which compensates customers for allowing the dispatcher 
to directly shed contracted load during emergencies. Together these two programs 
had 500 participants who contracted to reduce over 1,500 MW of peak demand 
during 2003. 27 

KEPCO’s TOU rate is mandatory for large users (over 1,000 kW) and includes three 
pricing periods and three seasons (Summer, Fall/Spring, and Winter). Peak-to-off-
peak ratio is 3.6 and the peak energy price is 14.7 US cents/kWh (see Table 7)28.   
The off-peak rate (4.1 US cents/kWh) and off-peak hours are same year round. No 
particular load impacts are attributed to the rate, but it is credited with improving 
KEPCO’s load factor to its very high level (76%)29.  

4.3 Turkey 

The Turkish distributor company TEDAS first offered TOU rates in the mid-1980s, 
with the objective of increasing system load factor and reducing capacity costs. A 
secondary objective was to ensure more cost reflective tariffs for different customer 
groups.   Obligatory for customers with a contracted demand of 700 kW or above, it 
is also offered on a voluntary basis to other customer groups.  The tariff 
                                                      
27 KEPCO'sDemand Response Programs for Summer Peak Periods and Contingencies, presented at the 
EA/PLMA Int'l DR Symposium(Sep/9/2003) by Jang Pyo Lee, Demand Side Management Office 
(http://www.peaklma.com/documents/Lee.pdf) 

28 http://www.kepco.co.kr/eng/ 

29 Demand–Side Management of KEPCO, Jung, Geum Young, General Manager, Power Trading Dept 
(http://www.ieadsm.org/Files/Exco%20File%20Library/Workshop%20Seoul,%20Korea%20April%20
2007/DSM-WS-04(KEPCO)Rev.pdf) 
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incorporates three pricing periods in effect year-round plus a maximum demand 
charge (see Table 7). On-peak price is over 13 US cents/kWh and the on-to-off-peak 
price ratio is low at 2.6.  

4.4 South Africa 

South Africa’s national electricity company , ESKOM, maintains a suite of voluntary 
TOU tariffs applicable to medium and large customers both rural and urban. The 
Miniflex TOU tariff is available for urban customers larger than 25 kVA and smaller 
than 5 MVA. This tariff has seasonally and time differentiated energy charges (see 
Figure 11), three time-of-use periods (peak, standard and off-peak), and a maximum 
demand charge. In keeping with ESKOM’s double-humped system load curve, 
there are two peak periods each weekday (07:00 to 10:00 and 18:00 to 20:00) year-
round. However, seasonal differentiation sets the peak period price level much 
higher during the peak season (9.8 US cents/kWh) than during the slack season (3.8 
US cents/kWh). Peak-to-off-peak price ratios are also much higher during peak 
season than during the slack season (7.3 vs. 2.6).   

Figure 11  Pricing periods for ESKOM’s Megaflex and Minflex TOU tariffs30 

 

 

4.5 Spain 

RED ELÉCTRICA is Spain’s Independent System Operator and transmission 
network owner. As part of its mandate to maintain reliability of the Spanish grid, 
RED Electrica maintains one of the largest interruptible programs in Europe. First 
offered in 1983, the program had grown to include 220 consumers comprising 3,500 
                                                      
30 ESKOM Tariffs and Charges, April 2008 
(http://www.eskom.co.za/content/Tariff%20Book%202008_9%20for%20website%20v2~1.pdf) 
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MW of interruptible load. Several interruptible options are available (see Table 8). 
The program was expanded during the 1999-2002 timeframe in response to rapid 
growth in peak demand, especially weather-sensitive evening demand spikes from 
electric space heating. By scaling up this program RED Electrica was able to avoid 
procurement of expensive new peaking capacity to meet the relatively small 
number of hours of system peak. Most customers are large iron, steel and chemical 
plants.  

Table 8  RED Electrica’s Interruptible Tariff options 

 

 

Participants are fitted with telemetry devices to communicate their consumption 
data in real time to the RED Electrica dispatcher. Participants receive a discount on 
their electricity bills in return for reducing their demand on request. To participate 
customers must be supplied at high voltage under a general tariff and offer at least 5 
MW of interruptible load. Participants must deliver their contracted demand 
reduction within the contracted response time or face a penalty (see Figure 12). 31  

                                                      
31 Evaluation and Acquisition of Network-driven DSM Resources - Research Report No 4 of Task XV of the 
International Energy Agency Demand Side Management Program. Prepared by David Crossley of 
Energy Futures Australia, May 2007. 
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Figure 12  RED Electrica’s Interruptible Operations Protocol 

 

4.6 Taiwan 

Taiwan Power Company (Taipower) maintains both TOU pricing and interruptible 
tariffs for its users with demand greater than 500 kW. 32  TOU pricing is voluntary 
for all household customers and other smaller customers, but mandatory for users 
over 1000 kW. The summer peak period is very long (07:30-22:30) and the on-peak 
rate and on-to-off-peak ratio is 2.6.  TOU pricing was estimated to have shifted as 
much as 3,200 MW from peak to off-peak (ie., 10%) in a 32,000 MW peak demand 
system.33  

Several load reduction and interruptible rate options are available for customers 
larger than 500 kW. In exchange for agreeing to shed at least 40% of their demand 
on two hour notice by the dispatcher, the participants receive a discount. The 
customer can choose any number of billing months during May~December as an 
interruptible billing month. The customer then chooses 4 weekdays (one day per 
week) from each chosen interruptible billing month for interruption. The customer 
must then be available to shed the agreed load reduction between 10:00 and 17:00 
on each chosen interruptible day. Compensation is in the form of discounts on 
monthly or annual maximum demand charges of up to 75 %. 34 

                                                      
32 Configuring load as a resource for competitive electricity markets: Review of demand response programs in the 
U.S. and around the world, Grayson C. Heffner, LBNL Report # 51496, September 1, 2002. 

33 Taiwan Electric Power Futures, William Chandler, Pacific NW National Laboratory, December 2001 

34 Taiwan Power Company Tariff Book 
(http://www.taipower.com.tw/TaipowerWeb/upload/files/11/TariffBook.pdf) 
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The most-recent operation was in July 2006, when 879 customers reduced their 
demand by 1,163 MW on the peak day35.  

4.7 Thailand 

Thailand first implemented TOU pricing as early as 1991, when a three-period rate 
called the “TOD” rate became compulsory for industrial consumers with peak 
demands over 2,000 kW. By 1998 the TOD rate had almost 2,000 customers. The 
original TOD rate had a demand charge differentiated by the time of consumption 
but a flat energy charge (See Table 9). The high on-peak demand charge and the 
short peak period (just three hours) was very effective, and it was estimated to 
reduce peak demand by as much as 700 MW (out of 6,500 total industrial demand), 
or about 10 percent. 36 

Table 9  Thailand’s original TOD rate37 

 

An alternative TOU rate was established in the late-1990s which introduced time-
varying energy prices to go along with the time-differentiated demand charge; this 
was called the “TOU” rate. The TOU rate has only two periods – peak and off-peak 
– and the peak period is much longer (13 hours). The peak demand charge is 
retained but at a lower level and the partial peak demand charge is dropped (see 
Table 7 above).  The peak-to-off-peak energy price differential is modest at 2.0.  As 
with the TOD rate, the major reason for customer dissatisfaction is the high cost of 
electricity during the peak period and a perceived inability to reduce peak usage.  
The length of the peak period (too long) is cited as a major reason for dissatisfaction.   

A recent development is the “Peak Cut” Program, which seeks to reduce peak 
demand by providing incentives for large consumers to operate their back-up 
generators during the peak hours of the three month peak season (March through 
May). EGAT, Thailand’s national generator, will provide three kinds of subsidies to 
commercial and industrial customers: (i) payment for meter installation and 

                                                      
35 http://www.taipower.com.tw/indexE.htm 

36 Applications of Dynamic Pricing in Developing and Emerging Economies, prepared for The World Bank 
by Charles River Associates, Oakland, CA, May 2005. 

37 AESIAP Goldbook – Thailand (http://www.aesieap.org/goldbook2008/s4/Thailand.pdf). 
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electrical system improvement; (ii) a fixed “availability payment” of about 
US$2.00/kW per month which covers equipment and maintenance costs for 
generators during the target hot-weather months; and (iii) An variable “energy 
payment “ based on the number of kWh produced and indexed to the cost of diesel. 
The goal of the peak cut program is to offset consumption during the highest peaks 
of the year, thus releasing EGAT from its obligations to provide operating reserves 
sufficient to cover all hours of the year. EGAT estimates that there are over 2,000 
factories and buildings with over 2,600 MW of generators already in place but not 
utilized. 38  

4.8 Vietnam 

Beginning in 1998 the state-owned Electricity of Vietnam (EVN) noticed a 
disproportionate load during the early evening system peak. In an effort to combat 
a deteriorating load factor and avoid the need to add peaking generation, EVN 
introduced a TOU pricing scheme for large customers.  The TOU rate was 
mandatory and was phased in over time, first for customers larger than 100 kW, 
then 50 kW and most recently 25 kW. The TOU rate design has three pricing tiers 
(Peak, Off-Peak, and Low-Load), with a six hour peak duration and a relatively 
short low load period (only four hours). The on-peak price and the peak-to-low-load 
price ratio are modest at 8 US cents/kWh and 3.1, respectively. 

The TOU implementation over the period 1998-2004 has 45,000 customers 
comprising 41% of total EVN sales (85% of industrial and 58% of commercial) taking 
service on the TOU rates as of end-2004. 

Although a precise estimate of the impacts of TOU pricing is difficult due to a lack 
of customer pre-metering (e.g., “before and after” measurement of a customers 
hourly consumption), aggregate billing statistics suggest that the aggregate average 
consumption during the peak period has slowly decreased year by year from 1996 
to 2004. Using this data the peak period hourly reduction attributable to TOU 
pricing is estimated at 90 MW out of a commercial and industrial peak demand of 
4,000 MW, or about 3 percent of participating load39.  However, other trends over 
the same period - a tripling of overall EVN sales, higher growth of the industrial 
sector relative to other sectors, and an overall trend towards lower consumption 
during the period – make such aggregate analyses difficult to interpret. An 
evaluation of load shifting at the industry sub-sector level did not suggest any 
particular patterns of preferential load shifting (see Figure 13) with the exceptions of 
industries with a naturally high share of low-period consumption (e.g., “aquatic 
production”, “Raw material exploitation”, “State offices”, and “Public lighting”).  

                                                      
38 Nam Theun 2 Hydropower Project (NT2) - Impact of Energy Conservation, DSM and Renewable Energy 
Generation on EGAT’s Power Development Plan (PDP), prepared by Peter du Pont of Danish Energy 
Management A/S for The World Bank,  24 March 2005. 

39 Final Report: Evaluation of EVN’s Time-of-Use Tariff; prepared by Danish Energy Management for 
Electricity of Vietnam, 12 October 2005. 
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Figure 13  Analysis of load shifting effect in Vietnam by industrial sub-sector 

 

EVN’s TOU pricing experience includes several issues that should be taken note of 
by other utilities seeking to develop their own TOU programs. First, it is important 
to build a measurement and evaluation component into the implementation of the 
TOU rate program. This can be as simply as requiring that new TOU customers pre-
meter their consumption after the TOU meter is installed but before the rate 
becomes effective. Secondly, target the rate offering to those customers most likely 
to benefit will maximize the early results. Thirdly, promotion and awareness 
building should be an integral part of TOU implementation. Finally, the pricing 
periods should be reviewed on a regular basis to make sure they continue to 
correspond with the time of day incidence of marginal costs. This review should be 
done on a seasonal basis. 

4.9 Comparison and Conclusions 

Many developed and developing countries have successfully implemented TOU 
pricing and interruptible tariffs for their larger customers. The above review looked 
at eight countries including two OECD countries, one EU country, and six middle-
income countries in Asia, Africa, and Eastern Europe. Table 7 shows a detailed 
comparison of the TOU rate offerings in seven of these countries. There were 
considerable differences across countries in terms of peak period duration, 
seasonality, peak-to-off-peak price ratio, and demand charge incidence. However, 
there was consistency in other areas: (i) all but one TOU tariff was mandatory; (ii) all 
of the tariffs had comparatively high on-peak energy prices; and (iii) all of the tariffs 
had two or three pricing periods. Referring to Figure 14: 

 All but one TOU tariff charged 8 US cents/kWh or more during on peak 
hours; 

 Most TOU tariffs had a peak period duration of six hours or less, with 
two exceptions;  

 All TOU tariffs had an on-to-off-peak price ratio of at least two. 
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Figure 14  Comparison of TOU rates in seven non-MENA countries  
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Five of the countries reviewed had some form of interruptible, demand side 
bidding, or load reduction program in place. However, there was much less 
uniformity in these offerings. Jiangsu PPC, KEPCO, RED Electrica, and Taiwan PC 
had some form of load curtailment tariff, each with significant differences; EGAT 
has what is essentially a dispatchable small power producer purchase program. 
Some of these programs appear to be ac hoc responses to power shortages (Jiangsu 
and KEPCO) as opposed to a formally developed non-firm rate reflecting variations 
in cost of serving firm versus non-firm customers. However, the variety of 
approaches to setting conditions of service and developing a compensation scheme 
are worth consideration – especially as these programs have been successful at 
mobilising considerable blocks of interruptible load. 

Comparing the TOU tariffs and interruptible contracts in the MENA countries 
described in Section 3 and the broader international experience described above 
suggests that there is a wide range of practices internationally. One observation is 
that in MENA countries the peak period within the day tends to be slightly shorter 
than other countries. This may reflect, in part, the structure of demand in the MENA 
countries which is driven by residential load with a shorter, sharper evening peak. 
Another observation is that the countries with a longer history of TOU tariffs have 
introduced relatively more complex tariff structures. 
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5 Overview of the models and methodology 

5.1 Introduction 

As part of the project, we have developed several tools and used them to calculate 
marginal costs, to help in the design of cost reflective TOU tariffs and to analyse the 
likely response to possible TOU tariffs. These models include: 

 an LRMC model to estimate marginal costs by season, day-of-week and 
time-of-day, 

 a Tariff Design sub-module to design the components of TOU tariffs, 

 a Demand Response model to estimate the impact of possible time-of-
use (TOU) tariffs on large consumers. 

Additionally, EEHC has undertaken runs of the least-cost generation planning 
software (EGEAS) in order to identify least cost investment plans that are input to 
the marginal cost analysis. 

The overall flow of the models and analysis using the various models is 
summarised in Figure 15. The flow of data and information in Figure 15 is from left 
to right.  The outputs from generation system planning (using EGEAS software) and 
of transmission and distribution provide the inputs for the LRMC model calculation 
of the marginal cost of energy and of generation and network capacity. The LRMC 
model also calculates the hourly Loss of Load Probability (LOLP) and Expected 
Energy Not Served for each hour of a year.  

These outputs are the inputs to the Tariff Design sub-module, which allows the user 
to allocate marginal costs to seasons and time periods. This forms a bridge between 
the LRMC model and the Demand Response model.  

A demand-response model then allows the user to explore the expected impact of 
possible time-of-use tariff designs in terms of the impact on peak demand, peak, off-
peak and total energy consumption and revenues. The customers’ responses are 
modelled in terms of their initial load shape, their elasticity of demand and the 
change from the existing to the new tariff. The marginal cost-based tariff design 
provides a starting point for this, and the user can also explore any variations on 
this tariff design that are of interest. 

Sections 5.2 and 5.4 provide additional detail on the models. In addition, User 
Manuals for the models have been provided to EEHC.  
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Figure 15  Overview of the flows between the models 
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  - 8760 hrs 
  - 'typical' days

Inputs

Design components of 
TOU contracts :
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Planting programme,
yearly capital, fuel and 
operating costs

Investment plan by 
voltage level

Identify least cost 
investment plan based 
on dynamic 
optimisation

Investment plan by 
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5.2 Marginal costs 

The process begins with system planning, because economic costs are forward-
looking. System planning relies on important inputs such as projections of future 
demand, the costs of new plant and of future fuel supplies. EEHC uses the EGEAS 
software developed by EPRI for generation expansion planning, and other tools for 
transmission and distribution system planning.  

The LRMC model customised for EEHC uses the outputs from carefully-defined 
sets of EGEAS model runs as inputs to calculate the marginal cost of energy, 
generation capacity, and transmission and distribution network capacity. As 
economic costs, these are forward-looking (not historical) and are measured at the 
margin (not on average), thereby representing the cost of providing an additional 
increment of energy or capacity in the future.  

A tariff design module then allows the user to specify how the marginal costs 
should be allocated to times of the day and seasons, as the basis for TOU tariff 
designs.  
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For cost-reflective TOU tariff designs the following information is needed: 

 marginal generation capacity costs 

 loss of load probability or expected energy not served in order to 
allocate marginal capacity costs to different times of use 

 marginal energy costs by time of day and season 

 marginal costs of the networks at different voltage levels  

5.2.1 Marginal costs of generation capacity 

The calculation of marginal generation capacity costs requires the use of a 
generation expansion planning tool. The LRMC model uses the outputs from the 
EGEAS40 generation planning software.  

Least-cost generation investment plans are developed using the EGEAS software. 
Outputs from EGEAS that are used as inputs by the LRMC model include: 

 type of plant chosen by EGEAS 

 year that new capacity is required  

 number of plant of each type added in each year 

 capital expenditures by year (annuitised) 

 fixed O&M costs by year 

 power system operating costs (fuel costs, variable operating costs, 
losses) by year 

Additionally, the LRMC model and EGEAS share some input files including 
information on: 

 plant name and capacity for existing plants 

 capacity of candidate plants 

 plant heat rates (for thermal plants) 

 forced outage rates 

 fuel costs per unit 

 scheduled maintenance days for each plant or plant type 

                                                      
40 Electric Generation Expansion Analysis System (software from EPRI Solutions). 
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5.2.2 Marginal costs of networks 

The methodology used to calculate marginal costs of networks is the average 
incremental cost (AIC). This requires projections of demand and an investment plan 
associated with that demand projection. The approach analyses the relationship 
between increments in demand and increments in investment. The method is 
illustrated in Figure 16. In this illustration, the first investment of $B occurs when 
annual demand increases from a to b MW; this investment permanently increases 
the capacity of the system to supply b MW at a cost of $B. However, no investment 
is needed when the annual maximum demand increases in the following year from 
b to c MW. The next investment of $D occurs in the third year when maximum 
demand grows from c to d MW. 

The investments are ‘attributed’ to the increments in demand but are not uniquely 
attributed. For example, the investment $B is not attributed specifically to the 
increment in demand from a to b; instead an investment may be ‘caused’ by a series 
of previous demand increments and, in turn, may provide capacity to meet future 
increments in demand. This explains the specific algebraic formulation of the AIC 
calculation (described below) in which the investment costs are present valued 
separately (in the denominator) from the demand increments (in the numerator).  

Figure 16  Standard average incremental cost method 

Investments

Capacity/
demand

time

MW

$0$B $D

d
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The investment costs and the demand increments are both discounted to the present 
at the agreed discount rate. This implies that the marginal cost is, strictly speaking, 
for the present. However, it can be assumed that marginal capacity costs of 
networks are relatively stable over time for large systems. 

Algebraically AIC is: 

Annualized PV (Capex + Opex) / PV (incremental demand), or      
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where, 

where:   

AIC0 = LRMC based on AIC method in year 0  

 F = annuity factor based on discount rate (r) and planning horizon T 

iI   = investment cost in year i necessary to meet incremental demand 

Oi = fixed O&M associated with the new investment 

T = planning horizon 

D∆ i  = Di – Di-1; ie., incremental demand in year i relative to previous year 

r = social discount rate 
 

AIC represents the present value of demand-related investments over the planning 
horizon divided by the present value of the corresponding annual increments in 
demand. This value, expressed in $ per incremental demand, is then annualized 
over the life of the facilities – resulting in the annualized capacity cost ($/MW). 

This approach is particularly useful where a least-cost investment plan has been 
developed for other purposes (investment decision taking, long-term strategic 
plans, regulation of allowed revenues, etc) and the LRMC analysis can exploit the 
availability of this information without the need to generate a new investment plan 
or plans.  

The LRMC model requires as inputs the transmission and distribution investment 
plans and associated demand projections. 

5.3 Tariff design 

Tariff design begins with 8,760 hours of data on marginal costs of energy. To this is 
added the marginal capacity cost of generation spread among the hours of the year 
according to the share of EENS in each hour. 

The total marginal costs of generation in hour h ( h
gLRMC ), combining marginal 

costs of capacity and energy and expressed as US$/kWh, is calculated as: 

∑ =

+= 8760

1h h

gchh
g

h
g

EENS

xLRMCEENS
ELRMC  
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where: 

h
gE   =  short-run marginal costs (fuel and variable operating cost) of 

energy in hour (US$/kWh) 

hEENS  =  LOLP in hour h  

gcLRMC  =  LRMC of generation capacity (US$/kW/year) 

The model allows the user to consider whether different periods (seasons, days of 
the week, hours of the day) have significantly different marginal costs from each 
other and, therefore, whether to design the TOU tariffs to differentiate between 
seasons, working days and non-working days and hours of the day. The model 
contains information to help the user make judgements on the definition of 
seasons/days of the week and tools to trial different definitions. 

Beginning with graphical information on seasonal patterns of marginal costs of 
generation (capacity and energy), as shown in Figure 17, combined with judgement 
on the practicalities of implementing complex tariff designs, the user trials 
alternative but realistic tariff periods. 

Figure 17  Daily averages of total marginal costs 

Daily average marginal costs of capacity and energy
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Based on the tariff periods defined by the user, the model provides information on 
the resulting average marginal costs (capacity and energy) in each of the defined 
periods. The chosen set of tariff periods might be considered cost reflective if: 

 there is relatively little variation in marginal costs within a chosen tariff 
period, but  

 the average marginal costs in any two tariff periods are ‘significantly’ 
different.  

5.3.1 Analysis of the variation in marginal costs within a tariff period 

Whether the chosen tariff period is a close fit can be analysed statistically using 
information on the average, maximum and minimum, and the root mean square 
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error (RMSE) values for hourly marginal costs within each of the chosen tariff 
periods. RMSE is calculated as: 

( )
csce
ALRMCLRMC

RMSE
ce

csh c
h
g

c −

−
= ∑ =

2

 

Where: 

RMSEc = Root mean square error for tariff code (c) 

h
gLRMC  = Total marginal costs of generation in hour h, combining marginal 

costs of capacity and energy and expressed as US$/kWh 

ALRMCc = Average total marginal costs of generation for tariff code (c) 

cs = Start hour for tariff code (c). The hours will not be contiguous so 
this is a simplified description. 

ce = End hour for tariff code (c). The hours will not be contiguous so 
this is a simplified description. 

The root mean square error provides a measure of how closely the marginal costs in 
the selected periods match the average and, therefore, whether the selected periods 
encompass marginal costs that deviate significantly from each other or are similar to 
each other41. The model also shows under- and over- recovery which provides 
similar information on whether the trial tariff periods have marginal costs that are 
similar to the average or if the individual hours within the trial periods deviate 
significantly from the average.  

5.3.2 Analysis of whether any two tariff periods are similar 

While the tariff designer would wish to avoid choosing tariff periods that 
encompass a wide range of marginal costs, he/she would also wish to avoid 
creating two tariff periods whose average marginal costs are similar. It would not be 
sensible, for example, to create a shoulder tariff period within a day if the marginal 
costs in the shoulder period are very similar to those in the off-peak period. 

However, whether any two tariff periods are ‘similar’ or ‘significantly different’ 
involves judgement. A 10% difference would certainly be considered similar and a 
100% difference would generally be considered dissimilar, but it is questionable 
whether, say, a 30% difference would be considered significantly different. The 
decision must be based on judgement taking into account the complexity of the 
tariff that might result and the differences among all of the tariff periods. 

                                                      
41 The concept is similar to a standard deviation in statistics which weights deviations more heavily the 
greater they deviate from the average. 
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5.4 Demand response 

The objective of the demand response modelling exercise is to obtain an indication 
of the expected impacts on the electricity system peak demand, system costs and 
revenues resulting from the introduction of TOU tariffs for large customers in 
Egypt. The model is able to explore via ‘what-if’ calculations how those impacts 
would vary if the TOU tariff structure and price levels were changed, or if the 
customers’ behavioural responses differed from those represented by the central 
assumptions. The outputs from the model can be used to support recommendations 
on TOU tariffs.  

Box 1  Key concepts in the demand response model  

The core concept of the demand response model is that decision-makers within firms 
respond to the annual weighted average price that they pay for electricity.42 

Each customer’s weighted average electricity price is simply their annual electricity bill 
divided by their annual consumption.  

The response results in changes to the electricity load shape or load profile: both its overall 
level (total annual energy) and its shape in terms of the size of peaks and when they occur.  

The intensity of the response to a change in the weighted average price is expressed by the 
price elasticity, which is the key microeconomic concept in the model. Each elasticity 
parameter in the model indicates the intensity of the response of a defined group of 
customers to a change in price.  

 

The propensity of customers to reduce their total electricity consumption in 
response to an increase in the weighted average price depends on a number of 
factors, including:  

 the technical opportunities for energy efficiency or fuel switching that 
are available to them  

 the incremental capital and operating costs associated with those 
opportunities and  

 the financial decision-making criteria that they use to weigh up the 
increased costs that they must incur to obtain the future benefit of bill 
savings.  

This set of factors is expressed in the own-price elasticity, η, which is a ‘normalised 
measure of price-response … defined as:’  

‘the percent change in electricity usage when the price of electricity is changed by one percent’43 

                                                      
42  In this case the firms are EEHC’s large customers.  

43 Andersen et. al, Analyses of Demand Response in Denmark, Risø National Laboratory, Denmark, 
October 2006, p35. http://www.ea-energianalyse.dk/dokumenter/Analyses of Demand Response in Denmark.pdf  



 

 

Final Report, September 2008 

Economic Consulting Associates 

 

Overview of the models and methodology 

 

38 

A TOU tariff structure provides opportunities for customers to change their pattern 
of use to reduce their electricity bill. The propensity of customers to shift load in 
response to an increase in the price of electricity at peak times relative to the price of 
electricity at off-peak times depends on the same list of factors as for their overall 
level of consumption in response to a change in the weighted average price, but the 
technical opportunities and the level of costs involved will be different between the 
two types of response. This second set of factors is expressed in the cross-price 
elasticity, α or the ‘elasticity of substitution,’ which is defined as:  

‘the change in the ‘the ratio of peak to off-peak electricity usage in response to  
a one percent change in the ratio of off-peak to peak electricity prices’44 

The Demand Response model User Guide provides further explanation of the own-
price and cross-price elasticities. 

                                                      
44 Andersen et. al., loc. cit. 
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6 Long-run marginal costs 

6.1 Introduction 

Long-run marginal costs (LRMC) have been estimated using the LRMC model 
described in Section 5. The methodology is described in Annex A1. This Section 
describes the resulting estimates of marginal capacity costs of generation and 
networks and marginal costs of energy by time of day, day of week and season. The 
inputs to the model, described in previous Working Papers, are summarised in 
Annexes A2 to A5 and some intermediate results are described in Annex A6. 

In this Section we are concerned primarily with marginal costs but we have 
calculated those marginal costs in each hour throughout the year. We subsequently 
average those costs to create cost curves for an average day and we refer to these as 
average marginal costs. We have also aggregated short-run marginal costs (fuel and 
variable operating costs) with marginal capacity costs and we refer to these as total 
marginal costs. Total marginal costs are calculated on an hourly basis but may also 
be aggregated into average marginal costs for typical days and these are referred to 
as average total marginal costs. 

6.2 LRMC generation capacity 

6.2.1 Simulation method 

Inputs to the calculation of marginal capacity costs include capital costs, fixed O&M 
costs and the costs of energy not served associated with each of Runs 1, 2 and 3 of 
EGEAS (see Annex A1 for a description of the methodology; intermediate results 
are provided in Annex A6). The capital costs for candidate power plants used in the 
analysis (shown in Annex A2) were provided by EEHC and reviewed by the 
Consultant; these were based primarily on the costs of CCGT power plants 
previously tendered by EEHC. We note that power plant capital costs have 
escalated dramatically in a short space of time and the capital costs used in the 
analysis now appear low compared with the cost levels of mid-2008. Some of the 
recent cost increases reflect underlying changes in the costs of inputs to the 
manufacture of power plants – steel and fuel in particular – but the primary cause of 
the cost increase has been the excess of demand over supply which has enabled 
manufacturers to raise prices. This is unlikely to be sustainable and in the long-run a 
better supply-demand balance will be restored through an increase in production 
capacity and/or a decline in demand, and capital costs for power plants will fall. 
Nevertheless, it is likely that some of the recent capital cost increases will be 
sustained and to this extent the capital costs used in the LRMC analysis should 
probably be higher. This would lead to higher capacity costs and to a higher ratio 
between on-peak and off-peak price levels in the TOU tariff designs. 

The components of the calculation and the resulting marginal costs are described in 
Table 10. 
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Table 10  Marginal cost of generation using the simulation method 

Component of the formulae (shown in Annex A1.1) US$ 
million 

Annualised present value of capital costs, fixed O&M costs and costs of energy 
not served in the Base case (Run 1): CR1 

1,218 

Annualised, present value of capital costs, fixed O&M costs and costs of energy 
not served in the High case (Run 2): CR2 

1,363 

CR2 – CR1 145 

Annualised present value of  fuel and variable O&M costs in the Base case: FC1 3,693 

Annualised present value of fuel and variable O&M costs45 in Run 3: FC3 3,628 

FC1 – FC3 66 

Annualised, present value of incremental demand (MW): ∆D 1,615 

Marginal generation capacity cost [CR2 – CR1 – (FC1 – FC3)] / ∆D 
(US$ per coincident kW per year) 

49.0 

 

The marginal capacity cost using the simulation method is shown in Table 10 to be 
US$49 per coincident kW of demand per year.  

6.2.2 Peaker method 

An alternative methodology used for calculating marginal capacity costs is the 
peaker method. This approach is based on the assumption that an open-cycle gas 
turbine (OCGT) plant is the benchmark least-cost means of adding peaking capacity 
to a system, and is thus the appropriate value of incremental capacity in a system in 
balance between demand and supply. Other types of power plants may be 
introduced at higher capital cost than peaking gas turbines but they are only used 
because of their energy savings relative to peaking gas turbines when they operate 
for more hours than are called for from a peaking gas turbine. When the energy 
savings are netted from the capital costs the net cost should never be higher than 
that of a peaking gas turbine. 

LRMC capacity cost is calculated as the annualised cost of a peaking unit (US$/ckW 
sent out from the station) plus fixed O&M costs, and adjusted for the reserve margin 
(reflecting that because of unavoidable uncertainty over capacity availability, each 
kW of demand requires more than a kW of capacity to supply that demand). 

LRMC (US$/ckW) =  ( )RMK +× 1  

  K  = annualised cost of peaking unit (US$/ckW/year) 

                                                      
45 See Annex A1 for a description of Run 3. 
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RM  = planning reserve margin (%) 
  ckW  = coincident kilowatt 

This cost (in constant prices) is subsequently adjusted upwards for incremental 
fixed O&M expenses46.  

The assumptions used to calculate marginal capacity cost of generation using the 
peaker method and the resulting marginal cost is shown in Table 11.  

Table 11  Marginal capacity cost of generation using the peaker method 

Parameters Values 

Capital cost (including IDC) for an OCGT (US$/kW)47 480 

Life (years) 25  

Discount rate 8% 

Reserve margin 16% 

Fixed O&M (US$ per kW per year) 2.1 

Marginal capacity cost (US$ per coincident kW per year) 54.6 

 

6.2.3 Marginal capacity costs adopted for subsequent analyses 

The marginal capacity cost calculated using the peaker method and the marginal 
capacity cost calculated using the simulation method are, as expected, very similar. 
This reflects the fact that demand growth in Egypt is met in the least-cost planning 
analysis using a relatively conventional mix of open-cycle gas turbines and CCGT. 
We therefore adopt the marginal cost of generation capacity calculated using the 
simulation method and equal to US$49/kW per year.  

6.3 Incremental cost of capacity and energy 

EEHC requested that the Consultant additionally calculate the incremental cost of 
energy by dividing the incremental present value of the fuel and variable O&M 
costs from Runs 1 and 2 plus fuel cost-costs (FC1 – FC3) by the present value of the 
incremental GWh (Run 2 minus Run 1): 

( ) ( )
GWh

FCFCVCVC
∆

−+− 3112
 

                                                      
46 O&M expenses are typically expressed per kW of installed capacity. This cost is then multiplied by 
(1 + the reserve margin). 

47 See Section 6.2.1 for a note on the assumed capital costs. 
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where: 

VC1 and VC2 = the present value of the fuel and variable O&M costs 
associated with runs 1 and 2 

FC1 and FC3 = as defined in Section A1.1; the values are provided in Table 
10 in the same section 
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where: 

m
iGWh  = GWh (sent out) forecast in year I for run m (m = 1, 2) 

  r  = discount rate 
T  = the planning horizon 

GWh∆  in this case is 10,376. 

The result is: 

Incremental fuel and variable O&M costs = US¢ 2.99/kWh 

Combining the incremental fuel and variable O&M cost of US¢2.99/kWh with the 
capacity cost represented as CR2 – CR1 – (FC1 – FC3) from Table 10 (Section 6.2.3) 
but converted to a cost per kWh by dividing by the present value of the GWh 
demand stream, using the formula: 

( ) 75.3100
376,10

6614599.2)31(1299.2 =




 −
+=

∆
−−−

+ x
GWh

FCFCCRCR
 

This gives an overall average incremental cost of generation capacity, fuel and O&M 
of US¢ 3.75/kWh. 

We note that this value is not used in subsequent analysis in this study but may be 
used by EEHC in, for example, evaluations of the cost of losses when evaluating 
transmission investments. 

6.4 SRMC generation energy 

We use Monte Carlo simulation techniques, summarised in Annex A1.2, to analyse 
marginal costs of energy by season and time of day. For each of the 8,760 hours in a 
year, the model: 

 Stacks the plant in merit order. 

 Removes plants that are undergoing scheduled maintenance at the time 
in question. 
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 Where appropriate, deducts expected wind production and hydro 
generation. 

 Determines whether each unit of each of the remaining plants are in one 
of two states – available or not available due to forced outage. This is 
based on the probability of unscheduled outage (consistent with EGEAS 
input data) and using a random number generator in the model. 

 Calculates which plant is operating at the margin to meet the system 
demand in each of the hours. 

This is repeated for each hour of the year (ie., 8,760 hours) and for 500 iterations or 
more in each hour. The marginal energy cost is the average over all of the iterations. 
These are then averaged to create ‘typical’ working days and non-working days for 
chosen seasons. 

The marginal energy costs in 2009-10 are shown in Figure 18 for three seasons of the 
year for a working day and a non-working day.  The results for 2009-10 show the 
seasonal variation in short-run marginal energy costs (note this does not yet include 
marginal capacity costs).   

Figure 18  Marginal energy costs – typical days (2009-10) 
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Since the most likely target date for new tariffs to be implemented would be the 
year 2009-10, we have also analysed SRMC for this period. The results, averaged for 
two seasons are shown in Table 12. These assume that the ‘peak’ period is from 
18:00 to 22:00 on weekdays and that there are only two periods with the day - a 
peak and an off-peak period.  

Table 12  Marginal energy costs by season and time-of-day, 2009-10 (US¢/kWh) 

 October - May June - September 

Peak (18:00-22:00, working day) 4.7 5.8 

Off-peak (other times) 3.5 3.8 

 

The seasonality of marginal costs is, however, more critically determined by 
capacity costs and the allocation of these costs based on LOLP/EENS which are 
discussed in Section 6.6. 

The costs delivered to consumers at different voltages, taking account of losses 
along the supply chain down to LV consumers, are shown in Table 13. 

Table 13  Marginal costs of energy  by voltage of supply, 2009-10 (US¢/kWh) 

Connected voltage Off-peak (average all 
seasons) 

Peak (average all 
seasons) 

VHV 3.70 5.21 

HV 3.79 5.38 

MV 3.94 5.65 

LV 4.31 6.38 

 

6.5 Marginal costs of transmission and distribution 

EEHC provided data on historic and future transmission investment costs as 
described in Annex A3 and these data have been used to calculate marginal costs of 
transmission by voltage using the average incremental cost methodology 
summarised in Annex A1. For the purpose of calculating marginal costs we use only 
those costs associated with load growth and exclude costs of rehabilitation, life 
extension or replacement which are not related to load growth. Since the data on 
investment cost covers both historic and future periods from 2001 to 2017 for 
transmission and 2001 to 2013 for distribution, and since some of the projects that 
are now completed were initiated during the 2001-2007 period, we have included 
capital costs associated with completed projects.  
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Costs available from EEHC for EHV and VHV over the period 2001-07 were 
combined and we therefore allocated these costs to EHV and VHV pro rata with the 
investment costs post 2007. The resulting cost stream for each transmission voltage 
over the period to 2017 is shown in Table 54 in Annex A3. The cost stream for 
distribution voltages over the period to 2013 is shown in Table 56 in Annex A3. 

Additional assumptions used in the analysis are summarised in Table 14 and Table 
15. 

Table 14  Technical and non-technical losses by voltage 

Segment of the electricity supply chain % of gross energy in 200548 

Station use 3.3% 

EHV (500 kV) 0.8% 

VHV (220 kV and 132 kV) 1.2% 

HV (66 kV and 33 kV) 2.2% 

MV (20 kV and 11 kV) 2.9% 

LV (380 V and 220 V) 5.3% 

Total 15.7% 

 

Table 15  Further assumptions used to calculate the network marginal costs 

Voltage O&M costs (% of 
capital costs) 

Economic life of 
assets (years) 

EHV and VHV (500 kV, 220 kV and 132 kV) 2.0% 40 

HV (66 kV and 33 kV) 2.0% 40 

MV (20 kV and 11 kV) 4.0% 25 

LV (380 V and 220 V) 4.0% 25 

 

The resulting marginal costs of transmission are shown in Table 16.  

                                                      
48 Losses in other years are shared in the same proportions. 
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Table 16  Marginal costs of transmission and distribution 

Voltage Marginal cost ($/kW/year) 

EHV 2.6 

VHV 4.5 

HV 6.6 

MV 15.9 

LV 3.6 

 

EEHC is a holding company for the transmission company and the distribution 
companies (DCs)49, and these companies will eventually have regulated tariffs. To 
reflect this, the model allows cost-reflective unbundled tariffs for each part of the 
supply chain, as illustrated in Figure 19. 

Figure 19  Cost/tariff points along the supply chain 

 

The unbundled cost reflective transmission and distribution charges/costs are 
incorporated in the cost reflective TOU tariff structures. These charges/costs are 
additionally adjusted to reflect diversity and coincidence factors for the ‘users’ of 
the networks. In the case of the transmission network the users are the DCs and 
transmission connected customers. The adjusted and cumulative transmission and 
distribution capacity costs for electricity delivered at the different voltages are 
shown in Table 17. 

                                                      
49 It is also the holding company for most of the generation companies. 
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Table 17  Cumulative marginal network costs delivered by voltage 

Voltage Marginal cost ($/kW/year) 

Transmission capacity costs only  

EHV 2.3 

VHV 6.3 

HV 11.3 

Distribution capacity costs only  

MV 9.8 

LV 22.1 

 

6.6 Allocation of capacity costs by season/time of day 

LOLP values are calculated by time of day and season using the methodology 
described above. A key assumption in this calculation is the scheduling of 
maintenance over the year. Each of the existing and candidate power plants has an 
estimated period of maintenance each year (see Annex A2) consistent with the 
EGEAS data, but EGEAS input data do not identify the time of the year when 
maintenance will take place. The scheduling of the maintenance in the LRMC model 
is therefore an input assumption. Information was provided by EEHC on current 
maintenance practices and this information was used to guide the development of 
input assumptions, but with some adjustments to reflect the capacity additions and 
demand growth to 2009-10. 

Maintenance should, ideally, be optimally scheduled in order to minimise the 
variation in LOLP across the year, but there are also other issues to consider such as 
the utilisation of EEHC’s maintenance teams which would have insufficient staff to 
allow maintenance to be too heavily concentrated in a relatively short periods 
during, say, the winter. Maintenance could be concentrated more heavily in the 
winter months and this could even potentially result in the period of highest LOLP 
(and the highest risk of load shedding) shifting to this season rather than, at present, 
the summer months but we assume that further shifting of maintenance is limited 
by manpower and other logistical constraints and we assumed that some 
maintenance would therefore be scheduled in the higher load periods consistent 
with EEHC practices. Maintenance is assumed to be concentrated most heavily in 
the months from December to mid-May, with some maintenance in the period from 
mid-May to mid-June and from mid-September to the end of November and with a 
very small amount in the peak summer period from mid-June to mid-September50.  

                                                      
50 58% of maintenance days were allocated to the winter months, 32% to the spring/autumn months 
and 10% to the summer months. 
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To reflect the impact of maintenance, the LRMC model derates the capacity of the 
units over the selected period according to the expected days that the plant is 
expected to be undergoing maintenance51. Thus, for example, a 100 MW plant that 
requires 15 days maintenance allocated to a four month (120 day) period would 
have its capacity derated in that period by 12.5% (ie., 15/120) to 87.5 MW. The 
LRMC model allows the user to allocate different maintenance seasons to each 
individual plant but for simplicity we assumed for the present analysis that the 
maintenance allocation applies to all plants. 

The LOLP by time of day and season in 2009-10 is shown in Figure 20 for a working 
day and Figure 21 for a non-working day. The LOLP values are highest in the 
summer months from June to September and low in the other months. These results 
are sensitive to assumptions concerning the timing of maintenance. 

Figure 20  LOLP – working day, 2009-10 
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Figure 21  LOLP – non-working day, 2009-10 

LOLP - non-working day

0.00

0.02

0.04

0.06

0.08

0.10

0 6 12 18 24

LO
LP Oct.-May

June-Sept.

 

                                                      
51 The model does not allocate maintenance to specific days within the period. 
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If maintenance could be further shifted away from the summer then seasonal 
variations in LOLP could potentially be reduced and this might then suggest that a 
seasonal tariff time-of-use tariff would be unnecessary. 

The LOLP values are used to identify those seasons and hours with relatively high 
probability of loss of load or expected energy not served (EENS), which are then 
assigned proportionately higher marginal capacity costs. Similarly, periods with 
low LOLP or EENS are assigned proportionately lower marginal capacity costs. 

When developing tariffs, a weighting factor is derived for each tariff period to allow 
allocation of the capacity component of marginal capacity costs of generation across 
the periods. The total marginal costs of generation in hour h, combining marginal 
costs of capacity and energy and expressed as US$/kWh, is calculated as: 

gch

h
h
g

h
g xLRMC

EENS
EENSELRMC

∑
+= 8760

1

 

where: 

h
gLRMC  = Total marginal costs (energy plus capacity) in US$/kWh 

h
gE   =  Short-run marginal costs (fuel and variable operating cost) of 

energy in hour (US$/kWh) 

hEENS  =  Expected energy not served in hour h 

gcLRMC  =  LRMC of generation capacity (US$/kW/year) 

Combining the generation marginal capacity costs and marginal energy costs across 
the year is used in order to help define tariff periods. Figure 22 shows the daily 
averages of marginal costs of energy and capacity at the generation busbar over the 
year 2007. The information is also provided for each hour of a year and is used in 
the TOU tariff design recommendations described below.   

Figure 22  Seasonal pattern of generation marginal costs – at the busbar 
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6.7 Summary of marginal costs 

The marginal costs derived from the model using the inputs and assumptions 
described in the Annexes are summarised in Table 18 below. 

Table 18  Summary of marginal costs 

Marginal costs of generation   

Capacity   US$ 49.0/kW/year 

Energy52   US¢ 3.0/kWh 

Capacity & energy53   US¢ 3.8/kWh 

Marginal costs of energy generation by TOU (2009-10) (US¢/kWh) by season54 

 Oct. – May  June – Sept. 

Peak 4.7  5.8 

Off-peak 3.5  3.8 

LRMC transmission (capacity) charges for power delivered at: 

220 kV and 132 kV55   US$ 6.3/kW/year 

66 kV and 33 kV   US$ 11.3/kW/year 

LRMC network (distribution only) charges for power delivered at: 

MV (20 kV and 11 kV)   US$ 9.8/kW/year 

LV (380 V and 220 V)   US$ 22.1/kW/year 

                                                      
52 This figure was included at the request of EEHC and shows the present value of the incremental 
costs divided by the present value of the incremental GWh. This is not used subsequently in the 
analysis but may be used by EEHC in other investment decisions such as the calculation of the cost of 
losses for transmission networks. 

53 See footnote 52. 

54 See below for definition of seasons. 

55 Note, no consumers are connected at 500 kV and this voltage is not therefore included here. 
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Strict LRMC wholesale charges for power (generation/transmission/distribution), average 
for all seasons56, in 2009-10, delivered at: 

 Off-peak energy 
cost 

Peak energy cost Capacity cost 

220 kV and 132 kV US¢ 3.7/kWh US¢ 5.2/kWh US$ 51.6/kW/year 

66 kV and 33 kV US¢ 3.8/kWh US¢ 5.4/kWh US$ 58.0/kW/year 

MV US¢ 3.9/kWh US¢ 5.7/kWh US$ 76.1/kW/year 

LV US¢ 4.3/kWh US¢ 6.4/kWh US$ 97.1/kW/year 

 

                                                      
56 The averaging of seasonal costs at this stage is only for the purposes of presentation. 
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7 Demand response modelling  

7.1 Introduction 

The expected response of customers to the introduction of TOU tariffs has been 
estimated using a Demand Response model based on the model concepts outlined 
in Section 5.4. This Section describes the model itself (further detail is available in 
the User Guide to the model), the process for estimating elasticity parameters for 
use in the model and the default values adopted and the economic and financial 
cost-effectiveness tests reported by the model. We begin by reviewing the ways in 
which consumers might respond to TOU tariffs and load management contracts. 

7.2 Types of customer response 

Customer response to TOU tariffs can be considered as a response to: 

 the average level of electricity tariffs, and  

 the relative prices for electricity in different tariff periods.  

The main focus in TOU tariff design is the response to relative electricity prices in 
the different tariff periods, but the two are related and both responses are discussed 
below.  

7.2.1 Average price levels 

When average prices go up or down, customers respond in two ways: 

Conservation. Customers reduce or increase the consumption of electricity in place 
of other goods or services. For industrial and commercial customers, conservation 
measures would mean that they adopt practices or processes that use less electricity 
or do not use electricity at all – for example, they might remove every third 
lightbulb in office buildings57. At the level of the wider economy, higher average 
electricity prices could mean that some electricity intensive industries become 
financially unviable and the economy will then move toward activities that are less 
electricity intensive. 

Efficiency. Customers continue to use electricity but use it more efficiently than 
before. They respond by using equipment that provides the same service but with 
less consumption of electricity. Energy efficiency measures include the use of 
compact fluorescent lightbulbs (CFLs), insulation of buildings to reduce air 
conditioning loads, more efficient air conditioners, controls that interrupt some 
mechanical processes when they are not needed, etc. 

                                                      
57 For residential customers, this might mean, for example, that they would spend less leisure time on 
activities that use electricity and more on other activities. 
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7.2.2 Relative price levels 

Customer response to TOU tariffs is more complex and depends on whether 
seasonal and/or daily TOU tariffs are adopted. Below we identify some of the ways 
that customers may respond: 

 Shifts in production scheduling. Minor shifts in the scheduling of 
operations can make a big difference in customers’ peak demands. In 
some processing operations, for example, aeration fans can be run at 
night (when temperatures are cooler) rather than during peak periods. 
Peak demand savings can also be achieved by turning processing 
equipment off for the few hours during the EEHC peak price period, 
except perhaps on days when processing is at its peak. Operations can 
be resumed during off-peak hours to make up for lost production time. 

Irrigation is another area where rescheduling can reduce the use of 
electricity significantly during EEHC’s peak hours. By avoiding 
irrigation during the evening, consumers on TOU tariffs can reduce their 
electricity bills with little cost to themselves.  

 Utilising excess process capacity and storage. It may be possible to stockpile 
materials for processing during off-peak periods. Customers that, for 
whatever reason, have surplus capacity in some processes may, rather 
than use that capacity continuously throughout the day, instead use the 
capacity at maximum for most of the day, store the intermediate product 
and then stop that process for the peak hours. An example might be 
mechanical crushers at a cement plant where some change in plant 
configuration has left the plant with excess crushing capacity.  

Operations with built-in liquid storage capacity can have excellent 
opportunities for demand response. In some fluid systems, pumping is 
activated when the fluids reach a set level; so as long as sufficient 
storage capacity is built up ahead of the peak pricing period, the 
pumping action can be postponed until after this period is over. For 
example, a semiconductor plant deionises water and stores it until it is 
needed in the manufacturing process. During curtailment, the plant may 
stop two of the three pumps in the deionising process. By filling the 
tanks prior to curtailment, the plant is able to keep operating while 
drawing down the reservoir. 

The ability to respond to TOU tariffs in this way requires that customers 
have both excess production capacity in some processes and storage 
capacity. This way of shifting electricity consumption patterns is likely 
to apply more to daily TOU tariffs than to seasonal tariffs though in 
some processes it may also be possible to store intermediate products 
between seasons. 

 Investing in excess process capacity and storage. Customers may also find it 
financially attractive to invest to give themselves surplus capacity and 
storage. They might invest for reasons additional to TOU tariffs, such as 
uncertainties over demand for their product and the need to maintain 
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the capability to respond to increased demand, but TOU tariffs might 
give the firm additional incentives so that it makes investment in 
surplus capacity worthwhile and they would then use this surplus 
capacity to shift some electricity demand away from EEHC’s peak. 

 Scheduling of maintenance. All processes must shut for a period to 
undergo maintenance. These maintenance cycles can be weekly, 
monthly or annually. Without TOU tariffs, electricity consumers choose 
the timing of the maintenance to suit themselves but if they face TOU 
tariffs then they would have some incentive to make the maintenance 
times coincide with periods of high electricity prices. For those with 
weekly cycles, maintenance could be undertaken on the evening on a 
weekday or on a Friday (if off-peak prices apply on Fridays) while for 
those that shut down for extended periods during the year, they might 
choose the summer months to avoid high seasonal electricity tariffs. 

 Energy storage. It is possible to invest in energy storage for hotels, 
shopping malls, office blocks and other large buildings with substantial 
air conditioning loads. Low cost off-peak energy can be absorbed at 
night and during the day and released during the evening when on-
peak electricity tariffs are high. This requires substantial investment and 
is probably not financially viable for many electricity customers in 
Egypt. 

 Use of backup power plants.  Customers that have invested in backup 
generators may find it worthwhile to use the generator during peak 
hours to avoid the high on-peak electricity prices. Ideally, the level of 
reliability of the power supply would be such that consumers would not 
find it worthwhile to invest in backup generators but the reality in Egypt 
is that many do and the capital cost of these plants is therefore treated as 
sunk and the consumer only compares the variable cost of self-
generation with the on-peak price of electricity.  

 Cutting production during the peak hours of the day. Reducing production is 
theoretically possible for customers operating 3-shift processes but it is 
the least likely response to TOU tariffs since electricity does not 
generally represent a significant share of total costs for most companies 
and the loss of production and revenues would outweigh the electricity 
cost savings. However, for customers that are facing a downturn in 
demand for their product and which have excess capacity might find it 
profitable to cut production during EEHC’s peak hours by operating 
two shifts rather than three (eg., avoiding the evening). Alternatively, 
they might shut the plant down during a relatively extended period in 
the summer to avoid high electricity tariffs. This would not be profitable 
if they were operating at full capacity but could be profitable if sales 
have fallen. 

We note that even where TOU tariffs are revenue neutral58 with respect to the 
previous flat tariff, the customer that does modify production patterns will find 
                                                      
58 For a typical customer that does not modify his production pattern. 
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himself paying lower average tariffs. This will then give rise to an offsetting impact 
on average demand of the kind described in Section 7.2.1 above with customers now 
facing lower average tariffs worrying less about general energy efficiency measures 
and potentially using electricity in preference to other sources of energy. The 
modelling of this offsetting response is described below. 

7.3 Demand Response model 

We have developed a Demand Response (DR) model to help estimate the system 
and financial effects of the introduction of TOU tariffs. This model was originally 
described in the Design plan for Time-of-Use Modelling Working Paper. The model 
indicates the expected impacts on the electricity system peak demand, system costs 
and revenues resulting from the introduction of TOU tariffs for large customers. The 
outputs from the model are used to support decisions related to the introduction of 
TOU tariffs and for which consumer groups, and to help shape the design of the 
TOU tariffs. 

The DR model is driven from a control centre that lets the user examine:  

 a particular customer segment  

 a possible tariff design  

 an assumed elasticity pair  

Model inputs include:  

 a database of load shapes (typical 24-hour day profiles for each season) 
for each defined customer segment (individual large customers can also 
be defined)  

 a database of tariff specifications (existing and possible new tariffs)  

The model calculates:  

 change in annual consumption using the change in the annual weighted 
average price and the own price elasticity for each customer segment  

 the shifting of consumption from peak to off-peak pricing periods in 
response to TOU tariffs using the energy within each period, the relative 
prices and the cross-price elasticity for each customer segment  

 the iteration of the above two effects until the result stabilises  

 the effect on peak demand, peak energy, off-peak energy, total energy, 
annual revenues, annual system capacity and energy costs and the net 
financial position of the electricity utility (the Rate Impact Measure) 
prior to any secondary tariff adjustment.  
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The model allows the user to automatically run all segments through the calculation 
and save the results in an output file, and allows the user to aggregate the results of 
a run across all desired segments and save the results in an aggregated results file.  

Figure 23 provides a high level view of the main inputs, flow of calculations, 
outputs and navigation through the demand response (DR) model.  

Figure 23  High level structure of the demand response model  
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7.4 Demand elasticities 

Key inputs to the DR model are the assumed elasticities that describe the 
relationship between peak/off-peak demand and peak/off-peak electricity prices.  

Price elasticity is a key concept that needs to be used in the model. An elasticity 
parameter indicates the intensity of the response of a defined group of customers to 
a change in price. There are two types of elasticity that need to be used in the 
analysis:  

 Own price elasticity is a ‘normalised measure of price-response … defined as 
the percent change in electricity usage when the price of electricity is changed 
by one percent.’ These values are always negative, e.g. ‘an own-price 
elasticity of – 0.2 implies that electricity usage decreases 0.2% when the price of 
electricity increases 1%.’ 59 In this context we apply it to the change in total 

                                                      
59 Andersen et. al, Analyses of Demand Response in Denmark, Risø National Laboratory, Denmark, 
October 2006, p35. http://www.ea-energianalyse.dk/dokumenter/Analyses of Demand Response in Denmark.pdf  
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electricity consumption in response to the change in the consumption-
weighted average electricity price.  Because elasticity is defined in 
percentage terms, a single constant elasticity value produces a 
characteristic inverse or hyperbolic curve.  

 Cross-price elasticity or the ‘elasticity of substitution,’ is defined as the 
‘change in the ratio of peak to off-peak electricity usage in response to a one 
percent change in the ratio of off-peak to peak electricity prices. This is a 
measure of load shifting, measuring the propensity of consumers to shift 
electricity usage from peak to off-peak periods in response to changes in the 
relative off-peak to peak price of electricity.’59 

Own- and cross-price elasticities are shown algebraically below. 

Own-price elasticity  (η) =  

  the proportional change in total consumption  
  the proportional change in consumption-weighted average price  
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η is the own price elasticity of total consumption w.r.t. consumption-weighted 
average price  

QT  is the  total energy consumption before the introduction of TOU tariffs  

QT’  is the total energy consumption after the introduction of TOU tariffs  

PW is the consumption-weighted average price before the introduction of TOU 
tariffs  

PW’ is the consumption-weighted average price after the introduction of TOU 
tariffs, but before any load-shifting by the customer in response to the peak/ 
off-peak price differential 
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where:  

α is the cross-price elasticity between peak and off-peak periods  

Qp  is the peak energy consumption before the introduction of TOU tariffs  

Qo  is the off-peak energy consumption before the introduction of TOU tariffs  

Qp’  is the peak energy consumption after the introduction of TOU tariffs  

Qo’  is the off-peak energy consumption after the introduction of TOU tariffs  

Pp is the peak price before the introduction of the new TOU tariffs  

Po is the off-peak price before the introduction of the new TOU tariffs  

Pp’ is the peak price after the introduction of the new TOU tariffs  

Po’ is the off-peak price after the introduction of the new TOU tariffs  

Large quantities of data are available from Egypt on metered customer load shapes. 
However, as TOU tariffs have not been implemented in Egypt, the intensity of the 
future response of customers in Egypt to such price signals is unknown. The 
elasticity parameters that represent this are usually determined empirically from 
studies of actual past customer behaviour: that is, after the implementation of TOU 
tariffs. However, in this case, we are interested to estimate the likely future impact 
of TOU tariffs that are yet to be implemented. 

In his seminal paper ‘Peak-Load Pricing60’, Ralph Turvey concludes that “the only 
practicable method of securing quantified analysis is to engage in large-scale long-term 
experiments”. This is possible and is discussed in Section 13 (Implementation) but 
such experimental information is not currently available in Egypt. 

This situation presents several alternatives: 

 Customers could be surveyed and asked questions designed to obtain 
predictions of their future behaviour in response to TOU pricing signals. 

 Research conducted in other countries on the response of customers to 
TOU tariffs. The results from such research could be transferred to 
Egypt, on the assumption that large customers in Egypt will respond 
with the same level of intensity in Egypt as in the country where the 
research was conducted. This is not an altogether unreasonable 
assumption, particularly in the large industrial sector, where the 
products tend to compete in the international market place (whether as 
exports or competing with imports) and where the technologies and 
management techniques tend to be not dissimilar from country to 
country. 

We have attempted to identify this relationship using both approaches. 

The outcome of the survey was described in the Large Customer Survey Working Paper 
and summarised in Section 7.4.1 below. The outcome of our review of international 
experience is summarised in Section 7.4.2 below. 
                                                      
60 Turvey, Ralph, ‘Peak-Load Pricing’, The Journal of Political Economy, Vol. 76, No. 1 (Jan.-Feb., 1968), 
pp. 101-113. 
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7.4.1 Summary of large consumer survey 

A survey of large electricity consumers conducted in Egypt took place between 9 
March and 2 April. Face-to-face interviews were conducted with senior 
management, often including a Chief Executive, and included technical managers 
and, in some cases, financial managers. In general, consumers displayed a good 
understanding of the benefits (to EEHC) of shifting load. Interviewees were 
generally willing to describe technical processes and discuss load shifting potential 
in general terms but were less often willing or able to discuss issues relating to costs 
and incentives necessary to make load shifting worthwhile. 

The survey suggests that a number of companies that operate one shift or whose 
main production occurs during the day time would probably benefit from a shift to 
a TOU tariff, but would not necessarily change their load pattern. This has 
implications for EEHC’s revenues and consequences for the design of the TOU tariff 
regime. 

Other industries showed that minor shifts in the scheduling of operations could 
make a big difference in peak demands. For example, it may be possible to stockpile 
materials for processing during off-peak periods. Operations with built-in liquid 
storage capacity can also have excellent opportunities for demand response. In some 
fluid systems, pumping is activated when the fluids reach a set level, so as long as 
sufficient storage capacity is built up ahead of the curtailment period, the pumping 
action can be postponed until after the curtailment period is over. 

Table 19 below shows the main results obtained from the survey of the technical 
potential to shift load.  

Table 19  Sector overview 

Sector Potential % load shifting 

Hotel, 
Hospital, 
Trading 
Centre 

Air conditioning contributes to a significant 
proportion of electricity demand in these sectors. 
Technical potential does exist in the form of cool 
storage, however significant investment would be 
required. 

> 10% 

Steel Move weekly 8-hour maintenance to off-peak 68% one day per week 

Plastics Reschedule some seasonal load 30% 

Ceramics Reschedule one process within a day if incentives 
are sufficiently high  

30% 

Cement Reschedule one process within a day if incentives 
are sufficiently high 

not given61 

Industry Various opportunities exist in the tyre and 
sanitary equipment manufacturing sectors 

11 – 28% 

                                                      
61 Potential for shifting processes indicated but no quantitative information given. 
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Sector Potential % load shifting 

Chemicals Survey showed no load shifting potential, 
however evidence exists that with advanced 
equipment, processes can be hastened or slowed 
by computer control 

- 

 

There is additional potential for load shifting on an occasional basis in industries 
that have access to stand-by generation units. From the total number of 
organisations interviewed the combined maximum demand is 408 MW. The total 
stand-by generation capacity installed is approximately 26 MW representing 14% of 
the maximum demand. The operating cost of these units is around 0.2 LE/kWh. 

In general, although the concept of load shifting was well understood, most 
interviewees could not or would not provide an estimate of the costs of investments 
and operational changes required to shift their load away from EEHC’s peak. We 
expect that once TOU tariffs are available, companies will conduct their own energy 
audits and would then calculate the actual cost and benefit of investing in measures 
that shift their load. 

The survey also investigated the financial criterion that the companies use to help 
make investment decisions for energy cost saving measures. Initial feedback 
showed that some firms would want to see payback periods of 1 year and others 
look for 2.5 years if they were to invest in energy saving technology. This suggests 
that companies set a very high financial hurdle for cost saving investments. 

7.4.2 International experience of customer response 

Given the inherent difficulty of asking customers about their future behaviour (as 
revealed in the survey described below), our focus has been on empirical studies of 
the effect of TOU pricing supplemented by small scale studies with experiments on 
selected segments of customers. 

Annex A7 reviews the major findings in the literature relating to price elasticities 
and evidence in peak shifting behaviour internationally. Our purpose here is to 
identify, if possible, hard empirical evidence of elasticities that can be used in the 
Demand Response model (described in Section 7.3). 

We attempted to identify studies for developing countries as similar as possible to 
Egypt but there are very few studies worldwide and an even smaller number 
undertaken for developing countries and countries in the Middle East. 

An example of a TOU pricing program broadly similar in scale, target customer 
segments and ambition that was introduced in Thailand is given in Box 2 in the 
early 1990s while the economy was growing very fast. The peak demand saving 
from this program was estimated at 700 MW. 
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Box 2  TOU pricing in Thailand 

Thailand has one generation-transmission company (EGAT) and two distribution-
supply companies who buy from EGAT at a bulk-supply tariff (BST). 

Prior to the 1990 tariff reforms, TOU tariffs had been available on a voluntary basis 
but few customers had switched. A new TOU pricing framework was introduced at 
the end of 1991, together with other tariff reforms, with the primary objective of 
promoting the efficient use of energy. The BST between EGAT and the distribution 
companies was adjusted from a flat rate to a TOU rate in order to reflect actual costs. 
In turn, the distribution companies introduced mandatory62 TOU tariffs for large 
general service customers with demand above 2 MW and for medium size general 
service customers whose consumption was over 355,000 kWh/month 
(4.2 GWh/year).  A total of 1,134 customers were charged the TOU tariff in 1994. 
Three time periods were defined within the day: an evening peak from 18:30 to 
21:30, daytime from 08:00 to 18:30 and night-time off-peak from 21:30 pm to 08:00. 
Initially the TOU component of the tariff was in the form of a time-differentiated 
demand charge that was applied at the highest rate in the peak period, a lower rate 
during the day and was zero in the off-peak period.  
 
The tariff is thought to have led to a reduction in the peak demand by 700 MW. 
 
Thailand’s peak demand shifted from an evening peak to a day-time peak during 
the 1990s and further changes were introduced to tariffs in 1998 with the 
introduction of a new TOU tariff in parallel with the existing TOU tariff. The new 
tariff was made compulsory for all new customers who would otherwise have been 
required to adopt the existing TOU tariff. Existing customers were permitted to 
remain on the previous tariff if they chose. The main difference between the existing 
tariff and the new tariff was that the peak period was defined as 9:00 to 22:00 from 
Monday to Saturday and off-peak was defined as all other times.  
 
Sources: Applications of Dynamic Pricing in Developing and Emerging Economies, World Bank, May 2005. 

7.4.3 Elasticities used in the DR model 

Own price elasticity for medium and large customers ranges from -0.01 to -0.38 in 
the United States while substitution elasticity ranges from 0.01 to 0.27. For small and 
medium sized customers in the Middle East, we have one example study which 
shows own price elasticity ranges of -0.412 to -0.013 using different methods and 
prices (winter) and -0.110 to 0 in the summer. Another Middle East study (Saudi 
Arabia) shows substitution elasticity ranging from 0.01 to 0.47. 

Based on this review of the literature, we assume elasticity value ranges in the DR 
model of between -0.4 and -0.1 for own-price with a central value of -0.2 and 0.08 
and 0.28 for substitution elasticities for all sectors with a central value of 0.18. The 
range allows us to explore the sensitivity of the response. Figure 24 shows the eight 
sensitivity cases around the central elasticity pair.  

                                                      
62 With the exception of hotels where the TOU tariff was voluntary. 
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Figure 24  Elasticity parameter assumptions and sensitivity cases  
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Probabilities have been assigned to each elasticity sensitivity case. The basis for 
these probabilities is that the central case is twice as likely as either of the outlying 
cases. When these probability allocations are cross-multiplied, the result is that the 
central case has a probability of 25%, the four extreme combinations (in the corners 
of Figure 24) each have probabilities of 6.25%, and the other four combinations each 
have probabilities of 12.5%. Other probability allocations can be tried. If they are 
symmetrical, they don’t have much effect on the result, which is close to the result 
of the central run. (It is slightly different because of the slight asymmetry on the 
own-price elasticity sensitivities whereby the central value of -0.2 is not half-way 
between the low and high values).  

We note that the demand response (and the actual elasticity) will be affected by the 
implementation programme adopted by EEHC and the outreach effort undertaken 
to inform large consumers of the steps that they can take to respond to TOU tariffs. 
The implementation steps and an outreach programme is discussed in Section 13. 
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7.5 Cost-effectiveness tests 

Before explaining the details of the financial and economic tests used in the model, 
some explanation and background on their origin, interpretation and application in 
the context of demand-response to TOU tariffs is worthwhile.  

There are clear similarities between Time-of-Use Tariffs and Demand-Side 
Management (DSM) programmes. TOU tariffs are one tool available to EEHC to 
encourage customers to shift electricity consumption patterns to reduce the system 
peak demand. Reducing demand at times of system peak, increasing demand at off-
peak times, generally increasing the system load factor and even saving energy 
overall are all possible objectives of demand-side management. Similarly, changing 
the financial incentives presented to customers with respect to their level and 
pattern of energy consumption is a common part of demand-side management 
strategies. TOU tariffs are one way of changing the financial incentives experienced 
by customers. The demand-response model seeks to provide a reasonable indication 
of the expected response of customers to TOU tariffs, and the aggregate effect of 
that response on the system peak demand, annual energy consumption and 
revenues.  

Having set out the common objectives and strong similarities between TOU tariffs 
and demand-side management programmes, TOU tariffs are not demand-side 
management programmes as such and this should be borne in mind in the 
discussion of financial and economic tests built into the model.  

The model adopts, or rather adapts, several ‘economic tests’ from the demand-side 
management literature. It is important to bear in mind that the speciality of DSM, 
the body of theory about it, and its practice is a product of the structure and 
regulation of the electricity industry in the United States of America.  

In the 1980s, before the arrival of competitive electricity markets, regulators in the 
US began to require privately-owned monopoly utility companies to offer 
programmes to implement demand-side measures that were more economic than 
the supply side alternatives. The economic cost-effectiveness of these programmes 
was assessed using a Total Resource Cost (TRC) test encompassing utilities and 
their customers and designed to represent all capital investment and operating 
costs, while excluding customer bill payments and utility revenues as transfer 
payments. The wider Societal test, included environmental externalities and 
excluded taxes and transfer payments within society. In addition to these economic 
tests, three additional tests representing financial perspectives were defined. (The 
literature tends to refer to all of them as ‘economic tests’). One shows the financial 
perspective of the participant, balancing his incremental costs of participation in a 
DSM programme (capital and operating) against his benefits from reductions in his 
bill and further programme-related incentives. The Rate Impact Measure (RIM) test 
shows the financial effect on all customers on the US regulatory assumption that 
tariffs are adjusted to restore the utility’s financial position with the programme to 
what it would have been without the programme. The Utility test shows the utility’s 
financial position in this case.  
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After the introduction of competition and the consequent changes in the regulatory 
landscape, a Programme Administrator Cost test was introduced to reflect the 
possibility of non-utility third parties undertaking DSM programmes. The utility 
test was dropped and emphasis on the societal test reduced or simply seen as a 
variation on the TRC test. The classic reference is the Standard Practice Manual from 
California.63 Four tests of the cost-effectiveness of demand-side programmes that 
this sets out are the:  

 Participant Test 

 Ratepayer Impact Measure (RIM) test 

 Total Resource Cost (TRC) test 

 Program Administrator (or utility) Cost test 

Table 20 shows the five original tests from 1983, which were streamlined to four 
with two renamed in 1987-88. To reflect changes as a result of the re-organisation of 
the electricity sector towards market principles, the test reflecting the perspective of 
a traditional utility (which was typically vertically integrated) was replaced with a 
(very similar) test reflecting the perspective of a program administrator.  

Table 20  CEC/CPUC demand-side economic tests  

Original, 1983 Revised, 1987-88 Most recent, 2001  

Participant test  Participant Test Participant Test 

Non-participant test  Ratepayer Impact Measure (RIM) test Ratepayer Impact Measure (RIM) test 

Utility Cost test Utility Cost Test Program Administrator Cost test 

All-Ratepayer test  Total Resource Cost (TRC) test Total Resource Cost (TRC) test 

Societal test [Variant of TRC] [Variant of TRC] 
Source: California Public Utilities Commission (CPUC), Standard Practice Manual: Economic Analysis of 
Demand-Side Programs and Projects, October 2001.  

The formulae for the economic tests as they appear in the Manual involve numerous 
summations and discounted present value calculations, which appear somewhat 
daunting at first sight. But all of them contain various combinations of the following 
economic costs, benefits and financial transfers:  

 the demand-side technology cost (either full, or incremental),  

 customer savings, as they would appear on the electricity bill,  

 reduced supply costs (avoided generation and network costs),  

 external benefits (such as reduced environmental externalities),  

 financial incentives for participation,  
                                                      
63 California Public Utilities Commission (CPUC) and California Energy Commission (CEC), Standard 
Practice Manual: Economic Analysis of Demand-Side Programs and Projects, October 2001.  
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 program administration costs, and  

 energy taxes (if applicable).  

Table 21 shows which of these items appear in which tests.  

Table 21  Components of demand-side economic tests 

 Measure:  
Item:  

Participant Rate Impact Total Resource[*] Program Admin 

Technology cost  –  –  
Customer savings  + –   
Tax savings*  +  [–]  
Reduced supply costs   + + + 
External benefits*    [+]  
Financial incentives + –  – 
Program costs   – – – 
* Applies only in the Societal test variant of the Total Resource Cost test.  

Reduced supply costs (energy and capacity) and external benefits are economic 
benefits. Technology costs and program costs are economic costs. Customers’ bill 
savings, energy tax savings and financial incentives are each transfers of value 
between parties, which are indicated with arrows in Table 21.  

The most important items are the first three in the bullet list above: technology costs, 
customer savings and reduced supply costs. The other items typically account for 
relatively small adjustments to this basic picture. Adding external benefits usually 
improves the TRC outcome somewhat. Energy tax savings and financial incentives 
(if any) improve the Participant test outcome somewhat. Program costs worsen both 
the TRC and RIM outcomes somewhat. TOU tariffs in Egypt are not highly sensitive 
to these refinements because program costs are too low.  

Figure 25 shows the typical relationship between the three selected economic 
perspectives for load management programmes. Equipment costs (eg: TOU 
metering) are relatively low compared with the reduced supply costs (the avoidable 
cost of peak generation capacity). The customer bill savings are relatively small. For 
example, if customers shift load in response to price signals, their energy 
consumption will remain unchanged and the bill savings will arise from the 
difference in tariff rates between peak and off-peak hours. With a positive rate 
impact measure, load management programmes can put downward pressure on 
tariffs and be financially attractive to customers as well as being more economic 
than generation expansion from the overall total resource cost perspective.  
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Figure 25  Benefits and costs of load management from multiple perspectives  
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Figure 26  Benefits and costs of energy efficiency from multiple perspectives  
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The situation for load management programmes represented in Figure 25 contrasts 
with the typical situation in energy efficiency programmes where the bill savings 
are usually larger than the reduced supply costs, as represented in Figure 26. Such 
programmes are usually economic from the total resource perspective and attractive 
to participating customers, but put upward pressure on tariffs because the customer 
bill savings exceed the reduced supply costs.  
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The test of the greatest interest and relevance in the demand response model is the 
RIM, expressed in aggregate terms. This shows the net effect on EEHC’s financial 
position of the change in prices and customers’ responses to them combined, before 
a further compensating adjustment (if any) in all or other customers’ tariffs. Note 
that this is not presenting EEHC’s overall financial position, but the change in its 
financial position due to a set of TOU tariffs and the customers’ expected response 
to them. The results of the RIM are based on two uncertain sets of future values: 
marginal costs (as estimated in the LRMC model working with EGEAS simulations) 
and simulated future customer behaviour. The latter is the more uncertain of the 
two.  

The two other tests of some interest are the participant test and the TRC test. 
Calculation of these two tests requires knowledge of the capital (and operating) 
costs that the customers would incur in responding to TOU tariffs by shifting (and 
reducing) load at the customer level. Unfortunately, neither the model nor the 
available data provide direct access to these cost values. That would require going 
right down to the technology and process and production optimisation level in each 
firm.  

In fact, one of the great advantages of the approach adopted in the demand 
response model is that it is not necessary to list all of the possible ways that 
customers could possibly respond to time of use tariffs in all of the various customer 
segments and then obtain estimates of the capital and operating costs for each of 
those methods and then represent the financial decision-making criteria of the 
managers in the firms in each of the customer segments. The own-price and cross-
price elasticity values subsume and condense all of that information into two simple 
parameters. It is therefore not necessary to use as model inputs any estimates of the 
cost to customers of participation in the TOU programme. Nevertheless, it may still 
be of some interest to policy-makers to have an estimate of the effect on the 
Egyptian economy of TOU prices and on customers’ after their responses to them. 
To do this, estimates of customer costs will need to be made as an output from the 
model.  

We can safely assume that customers would not invest in load reduction and load 
shifting measures that were financially unattractive when assessed against the TOU 
tariff. Therefore, they would not invest in measures that were uneconomic, provided 
that the TOU tariffs do not exceed the long-run marginal costs.64  

While the Total Resource Cost test is in a strict sense redundant, provided TOU 
tariffs are kept within the LRMC envelope (with some allowance for the cost of 
implementing and running the TOU tariffs), having an estimate of the costs that 
customers would incur to achieve their demand response allows an estimate of the 
TRC to be calculated.  

Assuming that customers will only invest in load reduction and load shifting 
measures that are financially attractive under the TOU tariff allows us to estimate 

                                                      
64 If the TOU tariff is more extreme than marginal costs (e.g. higher than LRMC in peak periods and 
lower than LRMC in off-peak periods), then it is theoretically possible that some customers may 
respond by investing in load reduction and load shifting measures that are uneconomic from a TRC 
point of view. 
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the maximum capital expenditure (CapEx) that a customer would be prepared to 
invest. To do this, we need to know (or assume) the customers’ financial decision-
making criteria. If there is no operating expenditure (OpEx) involved, then the full 
stream of the future bill saving benefits from the load shifting and demand 
reduction measures will determine the CapEx. Any incremental annual OpEx will 
be netted off from the stream of future bill saving benefits and will reduce the 
CapEx pro rata.65 Therefore, as the annual operating expenditure approaches the 
annual TOU savings, the implied CapEx approaches zero.  

The model implements this calculation using the customer’s discount rate (e.g. 
weighted average cost of capital, WACC) and, importantly, the number of years 
over which the customer is prepared to count savings from the TOU tariff. The 
default customer discount rate is 15% per annum. This last point is crucial. It 
reflects, among other things, the degree of trust that the firms’ decision-makers have 
in new TOU electricity tariffs remaining in place and providing at least the same 
level of financial benefits as at the start. The default assumption is five years.  

The break-even capital expenditure from the back-solved version of the participant 
test can then be used to calculate the TRC test. The TRC test could be transformed 
into the societal test simply by adding in externalities (and removing any tax 
effects). This is outside the scope of the model.  

Figure 27 shows the trade-off between CapEx and OpEx.  

Figure 27  CapEx versus OpEx trade-off  
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65 In other words, if 50% of the annual bill saving benefits are eaten up in increased OpEx, then the 
CapEx would only be 50% of the level that it would be if there was no incremental OpEx involved in 
the measures.  
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The intersection of the line with the horizontal axis represents the maximum 
possible OpEx value. This is equal to the customer’s annual bill savings and 
corresponds to the limiting case where there is no CapEx required. The line 
intersects the vertical axis at the maximum acceptable CapEx. This is equal to the 
present value of the customers’ annual bill savings over the customers’ financial 
decision-making time horizon, discounted at their discount rate and corresponds to 
the limiting case where there is no OpEx required.66 The more OpEx that is required, 
the smaller is the CapEx that is acceptable. In the absence of any more detailed 
information, the expected value is taken as the half-way point between the two 
limiting cases. At the mid-point, the error between the expected and the actual 
values is minimised.   

 

                                                      
66 We are dealing collectively with numerous customers in a segment, although the method can be 
applied to an individual customer.  
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8 Conventional TOU tariffs 

8.1 Introduction 

TOU tariffs describe tariffs that have differential pricing depending on the season, 
time-of-day or day-of-week. The time-of-use components of the tariff may be 
applied to the kWh charges or the demand charges or both. TOU tariffs are 
commonly used by electricity utilities worldwide. An example of one such tariff 
introduced in Turkey is described in Box 3. 

Box 3  TOU tariffs in Turkey 

TOU tariffs were first offered in the mid-1980s with the primary objective of 
increasing the system load factor and reducing capacity costs. A secondary objective 
was to ensure more cost reflective tariffs for different customer groups.   Customers 
with a contracted demand of 700 kW or above were required to adopt the TOU 
tariffs but it was offered on a voluntary basis to other customer groups67.  Three 
TOU tariff periods were introduced: 
 
night-time - 22:00-06:00 
day-time -   06:00-17:00 
peak  -  17:00-22:00 
 
In addition to the kWh charges in these periods, a demand charge was also applied 
to customers’ maximum demand. Different tariffs apply for different distribution 
companies but the structure is similar. A small selection of TOU tariffs introduced 
by TEDAS, one of eight distribution companies, in 2003, and still in force today, is 
shown below. 
 
      Energy charge (TL/kWh)                    Demand 
     17:00-22:00     22:00-06:00       06:00-17:00          (TL/kW) 
Two part tariffs     
Industry      118.1             59.4        81.9         6,579,000 
Induction & arc furnaces  100.1    59.4        75.0         4,745,000 
Drinking and other water   118.8    59.4        82.2         5,381,000 
Single part tariffs     
Industry     158.2    61.3   98.6   n/a 
 
The ratio of peak to nighttime rates is approximately 3.10 and between the daytime 
and nighttime rates the ratio is 1.81. 
 
Sources: Applications of Dynamic Pricing in Developing and Emerging Economies, World Bank, 
May 2005; Energy Markets Regulatory Authority, Turkey, www.epdk.org.tr 

                                                      
67 Except for places of worship and street lighting. 
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Seasonal kWh tariffs are the simplest to apply since, by themselves, they do not 
require special metering. Time-of-day kWh tariffs require special metering and are 
therefore more commonly, though not exclusively, used for larger consumers. 

Demand charges ($/kW per month or year) are themselves a form of TOU tariff 
even if they do not differentiate by time or season. They are designed to encourage 
consumers to reduce their peak demand. If the tariff does not specify time or season 
then there is an implicit assumption that the customers’ peak demands are 
coincident with the system peak demand. Demand charges can, however, 
additionally differentiate between seasons and time-of-day. For systems with 
significant seasonal variation in demand then it may be appropriate to apply the 
demand charge only to demand that occurs in the season of peak load (eg., 
summer). It may also be appropriate to apply the demand charge only to the peak 
or shoulder demand periods during the day and to allow off-peak (or off-peak and 
shoulder) demand to be free of demand charge. 

8.2 Design of conventional TOU tariffs 

TOU tariff design employs a combination of analysis and judgement as described in 
Section 2.5. Conventional TOU tariffs typically define some hours of the day as peak 
hours, they may define some days of the week (eg., Fridays) as off-peak and may 
distinguish between seasons. The design parameters for conventional TOU tariffs 
are therefore: 

 seasons of the year 

 days of the week 

 hours of the day 

To help decide whether TOU tariffs and load management contracts are justified 
and to help design the tariffs/contracts, we have developed or adapted the models 
described in previous Sections to: 

 analyse marginal costs, 

 help design the TOU tariffs, and 

 to analyse the impact of alternative TOU designs on customer demand.  

We subsequently used the models in preparing the proposed designs. 

The decision-making process and recommendations are summarised in Figure 28 
and explained in the remaining sub-sections. 
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Figure 28  TOU design – the decision process and summary of recommendations 
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The design of TOU tariffs needs to consider: 

 the variation in marginal costs by season and time-of-day (discussed in 
Section 6), 

 metering and other costs to implement TOU tariffs, and 

 the likely response of customers to tariff incentives and the cost to 
customers if TOU tariffs are introduced. 

Since the cost of metering for large consumers is small relative to the cost of 
electricity supplied, metering costs are not a major factor in the decisions on 
whether to introduce TOU tariffs for large customers. In Egypt, where large 
consumers already have sophisticated meters, these costs can be considered as sunk 
and metering costs are therefore irrelevant to the decision of whether to introduce 
TOU tariffs. Similarly, since the other costs of implementing TOU tariffs (billing 
costs, EEHC’s management time, customers’ management time) are low relative to 
the total costs of supplying large customers (and to the revenues from those 
customers), it is feasible to introduce TOU tariffs even if the response from 
customers (demand shifting or demand reduction) is not expected to be significant. 
Therefore, if there is a choice between implementing non-TOU tariffs and TOU 
tariffs that are cost reflective, then the decision will almost always favour the 
introduction of TOU tariffs. The tariffs would then be designed to reflect the 
structure of marginal costs described in Section 6 with, where appropriate, peak, 
mid-peak and off-peak kWh charges and demand charges that may vary by season, 
time-of-day and voltage. 

8.3 EEHC’s own analysis of TOU tariff designs 

Experts from EEHC conducted an analysis of possible TOU tariff designs in 2006 
based on marginal cost principles. The estimated marginal costs are shown in Table 
22. The peak to off-peak ratio is estimated here to be approximately 3.0. 

Table 22  Marginal costs estimated by EEHC experts 

Group Off-peak 
(piaster/kWh) 

On-peak 
(piaster/kWh) 

Ratio (peak/off-
peak) 

EHV 7.86 22.79 2.90 

HV 8.21 24.62 3.00 

MV and LV 8.53 26.45 3.10 

 

In EEHC’s analysis two alternative seasonal pricing options were evaluated: 

 First case: a daily four-hour peak period time-of-use tariff applied across 
the whole year round. 
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 Second case: a daily four-hour peak period time-of-use tariff applied from 
the first of June to the end of September. 

EEHC further considered two sub-options for each of the above two cases: 

 Alternative 1: the off-peak price is set equal to the then existing flat tariff 
and the on-peak price is set equal to the estimated marginal cost. 

 Alternative 2: the peak price would again be set equal to the estimated 
marginal cost but the TOU tariff would yield the same average revenue 
as the previous flat tariff (ie., would be revenue neutral) but three 
peak/off-peak ratios were evaluated (ratios of 2, 3 and 4). 

The proposed tariff for the first alternative is shown in Table 23. The average ratio in 
this alternative is 1.46. 

Table 23  EEHC proposed tariff design – Alternative 1 

Group Off-peak 
(piaster/kWh) 

On-peak 
(piaster/kWh) 

Ratio 
(peak/off-

peak) 

Fixed charge 
(LE/kW/mo.) 

EHV 13.38 22.79 1.67 0.0 

HV 16.45 24.62 1.50 0.0 

MV and LV 21.61 26.45 1.22 10.6 

 

The proposed tariff for the second alternative, with the three alternative price ratios, 
is shown in Table 24.  

Table 24  EEHC proposed tariff design – Alternative 2 

Group Off-peak 
(piaster/kWh) 

On-peak 
(piaster/kWh) 

Ratio 
(peak/off-

peak) 

Fixed charge 
(LE/kW/mo.) 

Ratio of 2:1     

EHV 11.86 22.53 1.91 0.0 

HV 14.06 28.11 2.01 0.0 

MV and LV 18.20 38.22 2.10 10.6 
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Group Off-peak 
(piaster/kWh) 

On-peak 
(piaster/kWh) 

Ratio 
(peak/off-

peak) 

Fixed charge 
(LE/kW/mo.) 

Ratio of 3:1     

EHV 10.33 29.96 2.90 0.0 

HV 12.27 36.82 3.01 0.0 

MV and LV 15.92 49.36 3.10 10.6 

Ratio of 4:1     

EHV 9.15 35.70 3.90 0.0 

HV 10.89 43.56 4.00 0.0 

MV and LV 14.15 58.01 4.12 10.6 

 

The benefits, in terms of MW demand reductions, were evaluated based on three 
scenarios with savings of 200 MW, 300 MW or 400 MW. 

In all cases and all alternatives, the analysis suggested that TOU tariffs are 
economically beneficial for Egypt. 

Unsurprisingly, the benefit/cost to consumers were shown to depend on whether 
average tariffs increase (First Alternative) or are maintained at their (then) current 
average levels (Second Alternative). 

In relation to the seasonal designs and the choice between the First Case (with peak 
prices applied during four evening hours all the year round) and the Second Case 
(with peak pricing applied only during the months from June to September) the 
EEHC team noted that the sectoral return depended on whether the First 
Alternative or Second Alternative TOU tariff design is chosen. Sectoral return in this 
context refers, we understand, to the cost saving less the fall in EEHC’s revenue. The 
First Alternative tariff design (increased average tariffs) combined with assumed 
demand reduction scenarios favoured a non-seasonal TOU tariff (First Case) while 
the Second Alternative tariff design (average tariff levels held constant) favoured a 
TOU tariff concentrated in the summer months (Second Case). 

The returns were estimated based on fixed scenarios for peak demand savings and 
were not based on demand responses that vary with the chosen tariff designs nor 
with marginal costs that vary by time-of-year. The absence of detailed analysis of 
marginal costs across the year and of a tool that allowed an analysis of demand 
response therefore prevented a systematic basis for choosing between the tariff 
design options. 
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8.4 Key assumptions 

Below we discuss some key assumptions used in the analysis of alternative TOU 
pricing mechanisms and, particularly, conventional TOU tariffs. 

8.4.1 Announced tariffs and tariff path 

In deciding whether to introduce TOU tariffs we compare TOU tariffs with a non-
TOU alternative.  

In August 2007, the Government announced the phasing out of subsidies to very 
large electricity consumers over three years and set down a path for tariffs68 that are 
shown in Table 25. The first steps were taken in October 2007. 

Table 25  Announced tariff paths for large consumers 

Tariff code Group 
(GWh/ 
year) 

Units 01/10/2007 01/10/ 2008 01/10/2009 

A (EHV) > 50 p/kWh 13.333 15.566 17.80 

 < 50 p/kWh 11.90 not announced not announced 

B (HV) > 50 p/kWh 16.133 18.866 21.60 

 < 50 p/kWh 14.40 not announced not announced 

C1 (> 500 kW) all EGP/ 
kW/mo. 

9.00 9.50 10.00 

 > 50 p/kWh 22.03 25.763 29.50 

 < 50 p/kWh 19.70 not announced not announced 

 

In July 2008 a new decree announced a new tariff path as shown in Table 26. 

                                                      
68 The tariff increases announced for 2007-2009 were to apply to all sectors (above 50 GWh) except food 
and textiles where the tariff increases was to have been delayed by three years. 
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Table 26  Tariffs for large consumers announced in July 2008 

Tariff 
code 

Group Units Oct. 2007 July 2008 July 2009 July 2010 

A (EHV) Intensive p/kWh 13.333 20.2 not 
announced 

not 
announced 

 Non-intensive p/kWh 11.9 13.9 15.9 17.8 

B (HV) Intensive p/kWh 16.133 24.5 not 
announced 

not 
announced 

 Non-intensive p/kWh 14.4 16.8 19.2 21.6 

C1 (> 500 
kW) 

Intensive EGP/ 
kW/mo. 

9.0 10.4 not 
announced 

not 
announced 

 Intensive p/kWh 22.03 33.4 not 
announced 

not 
announced 

 Non-
intensive69 

EGP/ 
kW/mo. 

9.0 9.4 9.9 10.4 

 Non-intensive p/kWh 19.70 23.0 26.3 29.5 

Note: Energy intensive users are defined as iron, cement, glass, ceramics, chemicals, fertiliser, 
aluminium and copper. Non-energy intensive users are defined as food, textiles, pharmaceuticals and 
engineering. 

The decree stated that increases would take place in three “phases”. These are 
assumed in Table 26 to take place at annual intervals starting in July 2008.  

A comparison between strict marginal costs (ie., without adjustment for revenue 
requirements), and the announced tariffs for 2009-10 is provided in Table 27 for 
customers with relatively flat loads. The marginal costs (capacity and energy) for 
large EHV tariff consumers with relatively flat loads are estimated to be 
approximately EGp 23.3/kWh compared with tariffs proposed for 2009-10 of EGp 
20.2/kWh for energy intensive customers (assuming tariffs are maintained at 
current levels in real terms) and EGp 15.9 for non-energy intensive customers. For 
energy intensive customers in the C1 tariff category, the announced tariff is above 
the estimated marginal costs.  

                                                      
69 The steps are not defined but the decree states that the demand charge is to increase in steps to reach 
EGP 10.4/kW/month. 
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Table 27  Marginal cost tariffs versus announced tariffs for 2009-10(EGp/kWh) 

Tariff category/voltage Strict marginal costs Announced tariff 

  Energy 
intensive 

Non-energy 
intensive 

A) EHV 23.3 20.2 15.9 

B) HV 23.9 24.5 19.2 

C1) MV70 24.8 35.1 28.0 

C1) LV71 27.0 35.1 28.0 

 

Marginal cost analysis in the electricity sector is typically used to determine the 
allocation of revenues among consumers, between time periods, and between kWh 
and kW. The level of revenues is typically determined based on financial analysis 
and most commonly on the basis of rate-of-return considerations or other financial 
targets72. We have not conducted such an analysis as part of this project but observe 
that: 

 marginal costs calculated in this study have been based on an assumed 
economic value of natural gas which, at US$3.6/mmbtu in 2009-10, is 
much higher than prices currently projected to be paid by EEHC, 

 we are not aware of the gas prices that were assumed when Government 
developed the electricity tariffs shown in Table 26 but the marginal cost 
analysis suggests that electricity prices are broadly consistent with those 
proposed by Government for EHV and HV energy intensive consumers 
and above marginal cost for MV and LV consumers, 

 as Government recognises, the current tariffs for EHV and HV non-
energy intensive users are not cost reflective and tariffs for these tariff 
groups will need to be raised. 

As discussed in Section 13 below, the earliest that TOU tariffs could be implemented 
is 2009-10 and we have therefore based the analysis of TOU tariffs on this year. For 
the purposes of developing TOU tariffs and evaluating them against non-TOU 
tariffs we need to assume a non-TOU tariff for the year in which they are expected 
to be implemented. 

                                                      
70 Including the demand charge of EGP10.4/kW/month and an assumed load factor of 80% which 
adds EGp 1.7/kWh. We assume for simplicity that this is constant for all C1 consumers. 

71 Including the demand charge of EGP10.4/kW/month and an assumed load factor of 80% which 
adds EGp 1.7/kWh. 

72 We understand the Egyptian electricity regulator - the Egyptian Electric Utility and Consumer 
Protection Regulatory Agency (EEUCPRA) - is currently conducting a cost of service study for this 
purpose. 
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For the non-energy intensive customers for whom a tariff path has already been 
mapped out by Government for 2009-10, we suggest that the TOU tariffs be 
evaluated against these as shown in Table 26.  

For energy intensive consumers, for whom a tariff path has not been specifically 
indicated, we make the simplifying assumption that these remain constant in real 
terms (ie., increase with inflation).  

For individual customers on special tariffs, where industrial policies dictate low 
prices, we make the simplifying assumption that these remain constant in real terms 
(ie., increase with inflation). 

8.4.2 Average tariff levels 

A mandatory TOU tariff could potentially be designed to yield higher, or lower, or 
the same average revenues as the equivalent non-TOU tariff announced or assumed 
for  2009-10. For the purposes of assessing TOU tariffs versus non-TOU tariffs, we 
assume that the TOU tariffs could be revenue neutral (explained further below). 
Revenue neutral in this context means that if customers continue to operate with 
unchanged load patterns then EEHC’s revenues and the average customer bills 
would be identical (though individual customers will win or lose from the 
introduction of TOU tariffs) because of their load shape. 

Future increases in average tariff levels can be superimposed as easily on TOU 
tariffs as on non-TOU tariffs and therefore EEHC’s decision to switch to TOU tariffs 
can be treated as independent of the average level of tariffs73.  

Therefore, for the purpose of evaluating TOU tariffs versus the announced non-
TOU tariffs we assume that for a consumer whose load profile matches the average 
load profile for the original tariff group and whose consumption pattern does not 
change after introducing TOU tariffs, the TOU tariff would be revenue neutral. 

8.5 Sectors and customers 

Residential customers contribute significantly to peak demand and offer potential 
opportunities for the extension of TOU pricing. However, this would require the 
roll-out of smart meters on a much larger scale than has been considered to date. 
Additionally, the programme costs, particularly metering, are relatively higher for 
small customers so that net benefits may not outweigh the costs unless a substantial 
number of small customers respond to the incentives by shifting load. So the 
extension of TOU pricing to residential customers is considered a medium- to long-
term potential opportunity that will be made more favourable by the steadily 
declining cost of smart meters that have TOU metering capability. In line with the 
Terms of Reference and clear guidance from EEHC, the present study focuses on 
large industrial and commercial customers. 

                                                      
73 We recognise that all-else-being-equal the introduction of TOU tariffs should lead to lower costs 
which should lower average tariffs. However, the average tariff level is also affected by changes in 
costs that are independent of the introduction of TOU tariffs. 
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Large customers are defined by EEHC as those with a contracted demand exceeding 
500 kW. EEHC has approximately 3,000 such customers. The analysis suggests that 
industrial customers are likely to yield greater demand reductions and net benefits 
to Egypt than non-industrial customers. Judgement also suggests that non-
industrial customers using electricity for irrigation, water pumping and sewage 
treatment are also likely to be able to shift their demand at times of EEHC’s peak.  

We therefore propose that the large industrial customers plus non-industrial 
customers in the irrigation, water pumping and sewage treatment sectors are 
offered TOU tariffs and load management contracts initially. 

8.6 Mandatory or voluntary implementation 

8.6.1 Choice of tariff options 

Where possible, customers should be offered a choice of services, but they should not 
normally be offered alternative tariffs for the same service such as the option of a flat 
rate tariff or a TOU tariff. One example of an alternative service is an interruptible 
contract where consumers could be offered a discounted tariff if they are willing to 
accept interruptions in their electricity supply in exchange for a discounted tariff. 
This implies a choice of an alternative quality of supply. But consumers should not 
normally be offered the choice between a flat rate and a TOU rate since the service 
offered is the same and by offering a choice it gives customers the opportunity to 
insulate themselves from real supply costs by adopting the flat rate.  

An exception to this rule could occur where the customer is required to pay the cost 
of metering and where the cost of metering to allow the implementation of TOU 
tariffs is relatively substantial, as with residential consumers. Here the TOU tariff 
would only be justified economically for Egypt (and financially for the customer) if 
the customer can modify consumption patterns and the supply cost savings 
outweigh the cost of metering. In this situation, by offering customers a choice, the 
utility is correctly discriminating between the customer that will modify its 
consumption pattern and one that will not. For large customers there is virtually no 
additional cost of metering to allow the implementation of TOU tariffs and, 
therefore, no argument for making TOU tariffs optional. 

8.6.2 Mandatory or voluntary for large customers 

A “mandatory TOU” tariff is one that is imposed on all consumers in a tariff group 
and in which consumers do not have the option to remain on the current, non-TOU, 
tariff. A “voluntary TOU” tariff is one that is offered in parallel with an existing 
non-TOU tariff and customers have the option to continue to be supplied at the 
existing tariff or to switch to the TOU tariff. 

Below we refer to EEHC-matching profiles and EEHC-mirror profiles.  EEHC’s 
system load peaks in the evening so that a customer with an EEHC-matching profile 
also peaks in the evening. A customer with an EEHC-mirror (or reverse) profile is 
one that peaks at night (and the daytime) and is low during the evening. The two 
extreme profiles are illustrated in Figure 29. 
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Figure 29  EEHC-matching and –mirror load profiles 
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If EEHC offers a voluntary, but cost reflective, TOU tariff in parallel with the 
existing non-TOU tariff then no customer should lose74. But in this situation the 
customers with EEHC-mirror load profiles as well as those that are able to modify 
their load profiles will switch to the TOU tariff while those with immovable EEHC-
matching load profiles will remain on the non-TOU tariff.  To the extent that 
customers switch to the TOU tariff but do not change their load profile, EEHC will 
lose revenue, but its system load shape will be unchanged and its costs will be 
unchanged75. EEHC may therefore lose. Additionally, the non-TOU tariff would 
become less cost reflective because the load profile of this group would now include 
a greater concentration of customers whose peak is coincident with EEHC’s. This is 
illustrated in Figure 30. 

                                                      
74 Unless they mistakenly adopt a TOU tariff when it is not commercially sensible for them to do so. 

75 There will be shifts in load patterns of good or bad consumers who are able to modify their 
production, and these consumers will pay lower average prices, but this will be balanced by cost 
savings to EEHC.  
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Figure 30  Self-selection with a voluntary TOU tariff 
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If a voluntary TOU tariff is adopted then the non-TOU tariff should be raised to 
reflect the deterioration in the load profile of the residual customers remaining on 
the non-TOU tariff and avoid erosion of net revenues (loss of revenues without 
corresponding cost savings).  

A voluntary TOU tariff therefore has implications for the non-TOU tariff both from 
the viewpoint of EEHC’s net revenues and from the viewpoint of cost reflectivity. If 
a voluntary tariff is adopted then the implementation programme needs to be 
carefully designed to ensure that EEHC does not lose revenue without any benefit.  
While we strongly recommend a mandatory TOU tariff we also recognise that 
voluntary schemes are frequently offered in industrialising countries – an example 
is described in Box 4. 
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Box 4  TOU tariffs in Tunisia 

Voluntary/mandatory 
In Tunisia, the Société Tunisienne de l’Électricité et du Gaz (STEG) offers a TOU rate 
to commercial, industrial and institutional customers. TOU tariffs were first 
introduced in 1974 to a small group of energy intensive MV consumers to help 
reduce system peak demand. This was mandatory and remained mandatory until 
1980.  In 1976, TOU tariffs were extended to HV customers including cement and 
chemical industries. This was also mandatory, but in 1980 STEG also reintroduced a 
flat rate tariff option allowing MV customers the choice between TOU tariffs and 
flat rate tariffs. This approach pacified MV customers but was more time consuming 
for STEG which then had to convince customers of the benefits of TOU tariffs. The 
voluntary scheme resulted in a substantially lower penetration. 
 
Until 2001, the TOU tariff structure included three periods within the day (day time, 
peak and night) with differentiated kWh charges in each and, additionally, a 
demand charge. In 2001 STEG added a further ‘evening’ tariff period to these three 
but in response to adverse reaction from consumers, STEG re-introduced the three-
period tariff an optional tariff for customers who disliked the four period tariff. The 
tariff periods are summarised below: 

 Day Peak Evening Night 

3-period     

   April-Sept. 08:00-19:00 19:00-23:00  23:00-08:00 

   Oct.-March 06:30-17:30 17:30-21:30  21:30-06:30 

4-period     

   June-Aug. 06:30-08:30, 
13:30-19:00 

08:30-13:30 19:00-22)00 22:00-06:30 

   Sept.-May 07:00-18:00 18:00-21:00 n/a 21:00-07:00 
 

 
Changing load patterns 
Until the year 2000, Tunisia’s demand peaked in the morning and evening peak 
during the winter.  However, this changed after 2000 as a result of the penetration of 
air conditioning which led to the peak demand now occurring during the middle of 
the day in summer months (June-August) and a smaller peak in the evening. A new 
TOU tariff was introduced to reflect this change. 
 
Interruptible contracts 
In the early 1990s STEG offered an interruptible tariff but only two customers opted 
for this tariff and it was dropped by STEG in 2003. 
 
Sources: Applications of Dynamic Pricing in Developing and Emerging Economies, World Bank, 
May 2005; STEG website 
MV tariffs: http://www.steg.com.tn/fr/clients_ind/tarifs.html 
HV tariffs: http://www.steg.com.tn/fr/clients_ind/tarifs_hp.html 

While our recommendation as economists is that a mandatory tariff should be 
adopted, if Egypt decides to adopt a voluntary tariff on a temporary basis to avoid 
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hurting large customers who will be adversely affected, we have considered the 
design of a voluntary scheme. This is described in Annex A10. 

8.7 Time-of-use design options 

8.7.1 Seasonal variation 

The LRMC model can be used to calculate marginal costs of generation capacity and 
energy for each individual hour in a year or it can average the marginal costs for 
any defined interval (day, week, or month) throughout the year. The LRMC analysis 
described in Section 6 and Figure 22 show daily averages for electricity generation 
costs over a year. Averages are shown in Table 28. For example, the averaging of 
marginal costs over EEHC’s 4-hour system peak period shows that on-peak costs 
vary seasonally: 

 Marginal costs of capacity and energy in the peak hours of the day from 
June to September are, on average, 3.5 times the marginal costs in off-
peak hours in the other months (US¢12.8/kWh at peak and 
US¢3.7/kWh off peak). 

 Marginal costs of capacity and energy in the peak hours of the day from 
June to September are over 2.2 times the marginal costs in the four peak 
hours in the other months (averaging US¢5.8/kWh).  

 Marginal costs of capacity and energy in the four peak hours in the day 
in the months from October to May are 1.6 times the marginal costs in 
the other hours in the day in those months. 

These comparisons support dividing the year into seasons in order to capture the 
hourly cost variations, with two rather than three seasons justified on practical 
grounds.   

Table 28  Marginal costs of generation capacity and energy (¢/kWh) 

 Oct. - May June – Sept. Average 

Peak 5.8 12.8 8.2 

Off-peak 3.7 3.9 3.7 

Ratio 1.6 3.3 2.2 

 

We recommend two pricing seasons – a peak season June to September inclusive, 
and an off-peak season October to May inclusive.  Peak period pricing would only 
apply during the peak season. An alternative for EEHC consideration is a longer 
peak season (May through October inclusive), in order to capture lower generation 
availability in these “shoulder” months. 
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8.7.2 Working day/non-working day 

The total marginal costs for an average working day, a Friday and a Saturday in the 
summer period from June to September (as an example) are shown in Figure 31.  

Figure 31  Marginal costs: working day, Friday and Saturday 
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The above Figure shows that the marginal capacity and energy costs of generation 
on Friday evenings are considerably lower than those on other days of the week. It 
also suggests that Saturdays are very similar to working days in terms of average 
total marginal costs.  

This analysis implies that Saturdays should be combined with working days and 
peak prices should be charged equally in both. Fridays are, however, different. The 
analysis suggests that off-peak prices might be considered for Fridays. 

8.7.3 Number of peak hours/peak-off peak price ratio 

The regional and international examples of TOU tariffs described in Sections 3 and 4 
generally adopt three tariff periods within a day. Some, such as Tunisia also 
introduced an optional fourth periods. Syria, one of Egypt’s neighbours, has 
similarly adopted a three period tariff as shown in Table 29. 

Table 29  TOU tariffs in Syria, June 1 2002 (piastres/kWh) 

Group Voltage/sector Peak Day Night Average 

1 230 kV 215 170 150 170 

2 66 kV 225 180 160 180 

3 20 kV 235 200 170 200 



 

 

Final Report, September 2008 

Economic Consulting Associates 

 

Conventional TOU tariffs 

 

86

Group Voltage/sector Peak Day Night Average 

4 20/0.4 kV     

4-1 Industrial 325 240 200 240 

4-2 Commercial 325 240 200 240 

4-3 Agriculture 225 180 160 180 

Source: Supply side efficiency and energy conservation and planning project, Identification 
of National Energy Policies and Energy Access in Syria, March 2005 

Although most countries adopt three or more tariff periods within the day, the 
analysis referenced in Section 2 and summarised in Table 28 above reveals that in 
Egypt there are only two distinct periods during the day when there is a significant 
difference in total marginal costs. The period within the day when the system is at 
greatest risk of load shedding is from 6pm to 10pm when they average ¢12.8/kWh 
on working days from June to September compared with an average of ¢3.7/kWh at 
other times. We have calculated the marginal costs at other times to be relatively 
homogenous. 

The analysis suggests that: 

 there is a clear need for differentiation of tariffs within the day into two 
periods - peak and off-peak, 

 off-peak prices are sufficiently close (only 5% difference) that there is 
little justification for varying these by season, so an average over all 
seasons is proposed. 

8.7.4 Self-generation and potential distortions 

It would not be sensible, under normal circumstances, to design a TOU tariff that 
encourages consumers to invest in generation to avoid TOU charges. But consumers 
may retain stand-by generation because they need a higher level of reliability than is 
obtained from the grid. For these consumers the capital cost of the stand-by 
generation will be incurred irrespective of the TOU tariff and the cost is sunk. Even 
for these customers, if EEHC has sufficient capacity to supply consumers, it would 
not be sensible for the peak TOU tariffs to be so high that they encourages 
consumers to use standby generation to self-generate at peak TOU tariff periods. 
Only, if EEHC is facing supply shortages and serious load shedding might the TOU 
tariff be designed to encourage consumers to use their own standby generation in 
the peak hours.  

Customers’ own self-generation costs (short-run costs) were reported in the large 
consumer survey to be only EGp 20/kWh in some cases (US$0.035/kWh). This 
would be remarkably low for consumers with standby generation burning solar 
(distillate) fuel and would be very low even for consumers with slow speed diesels 
burning mazut (heavy fuel oil). If the costs reported during the survey are up-to-
date then it suggests that the price to customers in the four hour evening peak (of 
EGp 84/kWh or nearly ¢15/kWh) for EHV customers and rising to EGp 138/kWh 
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(¢24/kWh) for LV customers could be sufficiently attractive for at least some 
customers to switch to self-generation. This would reflect, we believe, the low cost 
of fuel available to large consumers at below its economic value. The situation 
would not arise if consumers do not require back-up generation (because the grid 
supply is considered sufficiently reliable) and/or if fuels are priced at their 
economic cost. It would, however, be economically wrong to encourage large 
numbers of consumers to routinely use self-generation if this displaces EEHC’s own, 
more efficient and less polluting, generation. If electricity supply reliability from the 
grid is less than optimal and if fuel subsidies remain, then it may be necessary to 
adjust the TOU tariffs so that consumers do not have this incentive76. 

8.7.5 Demand charges or peak energy charges 

The allocation of capacity costs have been discussed above in terms of kWh charges 
applied in the peak hours77. Alternatively these could be imposed through a simple 
demand charge that is charged for peak demand that occurs at any time during the 
day or night, or by a time-differentiated demand charge that only applies to 
maximum demand that occurs during EEHC’s peak hours. It is also possible to 
combine demand charges and peak energy charges, as in Turkey and Tunisia.78 

In considering the choice between demand charges and peak energy charges, it is 
useful to consider different types of capital cost that it would be desirable to reflect 
in the structure of customer prices: 

 capital costs specific to the customer (eg., distribution connection costs) 

 capital costs that are shared with a few other customers (eg., local 
distribution network costs) 

 capital costs that are shared with many other customers (eg., 
transmission network and generation capacity costs) 

These are discussed below. Additionally, we illustrate the impact of choosing a 
demand charge rather than a peak energy charge. 

Capital costs specific to the customer 

Customer peak demand charges applied regardless of the time of the customer’s 
peak could be used to reflect costs specific to the customer79, since the local network 
may be designed to meet the peak demand of that customer and a peak demand 

                                                      
76 Second-best pricing. The correct solution would be to eliminate the implicit subsidy on fuel and for 
the network to provide an adequate level of reliability. 

77 Syria has adopted a similar approach (see Table 29 above). 

78 See Box 3 in Section 8.1and Box 4 in Section 8.4 respectively. Turkey offers either a “two part” tariff 
comprising demand charges and TOU energy charges or a “single part” tariff with only TOU energy 
charges. Tunisia’s TOU tariffs have TOU differentiated energy charges and a non-time differentiated 
maximum demand charge.  

79 Sometimes referred to as ‘shallow’ costs. 
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charge would encourage consumers to minimise peak demand. However, these 
specific costs are more correctly charged as: 

 connection charges (one off), or 

 a charge for contracted capacity (this places an obligation on customers 
to predict their maximum demand and to keep their demand within the 
contracted capacity). 

Using a demand charge (which is applied after the fact to customers’ actual peak 
demand) puts the onus on the utility to forecast local demand. The utility then faces 
a risk that the demand forecast will be wrong and the utility with have over-
invested or under-invested in capacity. Since customers are better able to predict 
their own demand, customer specific costs are better charged as connection charges 
or charges for contracted capacity (which is assessed before the fact), as this 
allocates the risk arising from the uncertainty of individual customers’ future peak 
demand to the party best able to control the risk. 

Capital costs that are shared with a few other local customers 

‘Semi-shallow’ capital costs of a local distribution network that is close to a 
customer might be charged as a demand charge80 or peak energy charges. In 
principle, such costs should not be charged as connection charges, since they are not 
specific to the customer. 81  

Consider, for example, a situation where there are only two customers, A and B, 
sharing a network. A maximum demand charge would accurately reflect costs and 
provide incentives that minimise aggregate maximum demand. If the time of 
maximum demand is predicable, then a time-focused peak energy charge might also 
be substituted for a demand charge. But because of the small number of customers 
this would tend to be unstable, since the consumers could avoid the energy charge 
by moving their consumption patterns by just one hour. A maximum demand 
charge does not offer this opportunity and would avoid the problem that the peak 
demand might be moved rather than the load shape flattened. 

While a maximum demand charge encourages individual customers to minimise 
their peak demand, the disadvantage is that customers have no incentive to keep 
their demand below their previous peak within the time period used for reckoning 
each customer’s peak demand. . This issue is not a problem for networks with a 
small number of customers or networks which are dominated by a small number of 
users whose demand defines the aggregate peak. But it is a problem for networks 
with a large number of smaller and diverse users (relative to the whole system) who 
individually contribute to the aggregate peak and where there is a need to 
encourage customers to continue to minimise their demand at periods of peak stress 
on the system, even after they have peaked themselves. 

                                                      
80 They could also be charged based on contracted capacity. 

81 They could in practice be charged as connection charges, but it is not desirable. 
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As the number of customers in a network increases and as the timing of customers’ 
peak demands (within the defined peak period) becomes more diverse, the 
argument in favour of peak energy charges rather than time differentiated 
maximum demand charges becomes stronger. 

This suggests that while demand charges might indeed be better for charging 
distribution capacity for defined areas of a network, they are less useful for charging 
for those parts of the distribution network that are common to a large number of 
diverse consumers. 

Capital costs shared with many other customers 

When reflecting the capital costs of generation, plus EHV, VHV and HV network 
services, into tariff designs, the case for demand charges is relatively weak. 
Historically, demand charges were introduced rather than peak energy charges 
because the limitations of then-current metering technology meant it was easier to 
measure a customer’s peak demand than to measure consumption in 24 (or 48 or 96) 
different time-intervals  for every day of the billing period. The development of 
inexpensive electronic metering technology means that this is no longer the case and 
so there are no serious metering barriers to adopting peak energy charges. Demand 
charges are often retained in other countries as a legacy from previous tariff 
structures, but the justification for retaining them is often lost. 

EEHC system peak is driven by residential consumption and the peak loads of 
individual large customers are not strongly correlated with EEHC’s system peak. 
Because of this there is no need to adopt a demand charge to reflect the common 
costs of generation and transmission and backbone distribution. The period of stress 
on the system within the day is relatively short and well defined but the system is 
stressed throughout the working week and for several months of the year. This 
means that it is important to provide customers with an appropriately structured 
price signal that continues to encourage them to minimise their demand during the 
evening peak, even after their maximum demand has peaked. We therefore propose 
that the capacity charge for generation, transmission and backbone distribution for 
large customers should be levied through a peak energy charge.  

A case could be made for introducing (or modifying) demand charges in addition to 
peak energy charges, based on the rationale that they should reflect local 
distribution costs, but it is debatable whether the added complexity is justified. We 
have therefore proposed to keep the tariffs relatively simple and the tariff changes to 
a minimum, leaving any peak demand charges in place, and not introducing them 
where they do not already exist.  

Illustration of the impact of demand charges vs. peak energy charges 

The following (Table 30) illustrates the impact on a sample of customers' electricity 
bills and EEHC's revenues of a demand charge versus a peak energy charge. 
Preparing this analysis revealed some limitations on what can be shown using high 
level data, but it provides some insights and does not contradict our advice that 
peak energy charges are more suitable than peak demand charges for EEHC's 
purposes.  
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The analysis using information for HV customers, both industrial and non-
industrial, shows that if a demand charge is applied to demand in all hours, the 
revenues from HV customers would be slightly (0.3%) lower than with a peak 
energy tariff. If the demand charge is applied only to peak hours then the revenues 
would be further reduced (1.6% lower than with a peak energy tariff). This result is 
to be expected, because each customer's peak demand during EEHC's system peak 
period will be the same or lower than the customer's peak demand in all hours. 

For non-industrial customers, if the demand charge is applied to all hours, the 
revenues would be slightly (0.3%) higher than for a peak energy charge. This is 
because non-industrial HV customers as a broad mix do not all peak in the evening. 
If the demand charge is applied only to peak hours then the revenues would be 
1.4% lower than with a peak energy charge.  

Table 30  Comparison of demand charges and peak energy charges 

 Revenues/bills 
(EGP '000/month) 

Average price 
(EGp/kWh) 

HV industry   

Option A: Peak energy charge 98,496 20.6 

Option B: Demand charge all hours 98,196 20.5 

Comparison with peak energy charge -0.3%  

Option C: Demand charge peak hours 96,961 20.2 

Comparison with peak energy charge -1.6%  

HV non-industrial   

Option A: Peak energy charge 20,518 20.6 

Option B: Demand charge all hours 20,584 20.6 

Comparison with peak energy charge +0.3%  

Option C: Demand charge peak hours 20,240 20.3 

Comparison with peak energy charge -1.4%  

 

The difference between an 'any-hour' peak demand charge and peak energy 
charges, using the marginal cost-reflective values in the above analysis is too small 
as a firm basis for choosing between these two tariff design options. The difference 
between a peak demand charge in 'system peak hours only' and peak energy 
charges, using the marginal cost-reflective values in the analysis, is negative and 
relatively small (although 1.6% is a significant reduction in gross revenues). 
However, the numerical analysis indicates that the choice between demand charges 
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and peak energy charges is best decided by reasoning described in previous 
paragraphs.  

8.8 Demand response model results  

This sub-section considers the impact of the recommended TOU tariff design on 
EEHC revenue, peak demand reduction through load shifting and conservation, 
and system costs savings.  

The design philosophy for TOU tariffs is to concentrate the peak prices on the hours 
where marginal costs are high in order to both reflect marginal costs and to 
maintain as simple a structure as possible. Concentration of peak prices is intended 
to achieve the appropriate load shifting (peak reduction) to reflect supply-side costs. 
The recommended design proposal is for a TOU tariff with:  

 peak to off-peak price ratio of four to one  

 peak prices applied for four hours per day, from 18:00 to 22:00 and  

 peak prices only applying in the four summer months June to 
September  

Alternative tariff designs are considered in Section 8.9. 

Comparison is made between the flat tariff and revenue neutral TOU tariffs where 
revenue neutral refers to a TOU tariff that would yield the same revenues as a flat 
tariff if customers do not change their load patterns. 

There are currently eleven tariff categories in tariff groups A, B and C1: three tariffs 
for energy-intensive customers, three for non-energy intensive customers and five 
special tariffs. The demand response modelling work focuses on analysing the 
impact of TOU tariffs on these six standard tariff customers. The revenue neutral 
TOU designs for these six are described in Section 8.8.2. Some comments on special 
tariff customers are additionally provided in Section 8.8.3.  

We begin in Section 8.8.1 by considering the impact that the flat tariff increases that 
were already introduced in July 2008, together with those that are expected to be 
introduced in July 2009 and July 2010, may have on peak demand compared with 
the previous forecasts. 

8.8.1 Impact of increases in the flat tariff 

In Section 8.4 above we noted that new (flat) tariffs were introduced by EEHC in 
July 2008 that substantially raised tariffs for energy intensive users. The flat tariffs 
announced in July 2008, including the expected path of tariffs over time, are used as 
the basis for our comparison between flat tariffs and TOU tariffs and for the 
assessment of the benefits of TOU tariffs. However, before analysing the impact of 
the proposed TOU tariffs on demand, we began by adjusting the electricity demand 
forecast to reflect these new tariff increases. This analysis, using the DR model, 
reveals that peak demand should be lower in 2008-09 than it would otherwise have 
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been by approximately 450 MW and that in subsequent years, due to the announced 
tariff path, peak demand will be lower than it would otherwise have been by 
between 70 MW and 80 MW each year until the tariffs reach their target levels. 
Cumulatively, this is expected to reduce peak demand by approximately 680 MW 
by 2011-12. 

8.8.2 Tariff designs for the six standard tariffs 

Table 31 shows the tariffs based on strict long-run marginal costs, the tariffs 
expected to be introduced in July 2009 (and 2011); and the revenue neutral TOU 
tariff design which could be implemented instead of the flat July 2009 tariffs.  

Table 31  LRMC, announced tariff paths and TOU tariffs to be modelled  

Pt /kWh  2009 Prices  2011 Prices  
 Type Flat Off-peak Peak Flat  Off-peak Peak 

LRMC for 4h/day over 4 months: 488 peak hours over 122 days = 5.6% of all hours 

EHV All  23.16 83.88  23.16 83.88 
HV All  23.74 93.29  23.74 93.29 
MV All  24.61 111.09  24.61 111.09 

Peak 4x off-peak for 4h/day over 4 months: 488 peak hours over 122 days = 5.6% of all hours 

EHV Intensive 20.2 17.31 69.23 20.2 17.31 69.23 
EHV Non-intensive 15.9 13.62 54.49 20.2 17.31 69.23 

HV Intensive 24.5 20.99 83.97 24.5 20.99 83.97 
HV Non-intensive 19.2 16.45 65.80 24.5 20.99 83.97 
MV Intensive 33.4 28.62 114.47 33.4 28.62 114.47 
MV Non-intensive 26.3 22.53 90.14 33.4 28.62 114.47 

 
As the Table shows, as of July 2008, the tariffs are already higher than the LRMC in 
off-peak periods for energy intensive HV and MV customers. The proposed TOU 
tariff for those groups would therefore involve an off-peak price below the current 
tariff level, and a peak price above it. The other large customer groups (EHV and 
non-intensive HV and MV) have a current tariff level below marginal costs. For 
those customers, the proposal is that the off-peak tariff be the same as that 
announced for implementation in July 2009, and the peak price be four times that.  

Tariffs could then be transitioned towards marginal cost, with most of the 
adjustment coming from the non-intensive energy users. Electricity would be 
expected to represent a smaller proportion of total business costs for that group. 
Subsequently phasing out the difference between energy-intensive and non-energy-
intensive customers would be consistent with the general approach of making tariffs 
more cost-reflective.  

8.8.3 Special tariff for specific customers 

If the existing special tariffs for particular individual customers were phased out, 
those customers would transition to the standard TOU tariff appropriate to their 
sector and connection voltage level. However, it is beyond the scope of the present 
study to recommend the continuation or discontinuation of special tariffs and these 
individual customers have not been included in the demand response model. 
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Nevertheless, the existence of these tariffs raises the question as to whether they 
should be restructured as TOU tariffs or left unchanged.  

Reflecting the structure of marginal costs forms the basis for the design of TOU 
tariffs. In this context, it should be noted that the provision of special tariffs for 
particular individual customers cannot be supported on economic grounds. Special 
tariffs involve a financial transfer (an implicit cross-subsidy) from other customers, 
tend to encourage inefficient allocation of resources and are inconsistent with the 
philosophy of making tariff structures more reflective of marginal costs than they 
are at present.  

The question of whether to change the special tariffs to a TOU structure needs to be 
considered bearing in mind these qualifications. Introduction of a TOU structure for 
special tariff customers could be implemented as part of the process of making 
tariffs more economically cost reflective.  

Large individual customers with special tariffs may be unable or unwilling to alter 
their consumption patterns (i.e. have a high cross-price elasticity). However, even in 
such circumstances a TOU structure could be introduced for each special tariff with 
the peak and off-peak price levels designed to be revenue neutral. In that case 
customers would not experience a change in their annual bill. The TOU tariff would 
encourage the customers to think more carefully about the load shifting/peak 
shaving possibilities. If they responded to the opportunities to reduce their bills by 
load shifting, then EEHC would experience long-term economic benefits from 
system peak capacity savings that are larger than the short-term revenue reduction.  

8.8.4 Impact of TOU tariffs 

Table 33 to Table 34 show the results of the demand response modelling for large 
industrial customers and for all large customers, respectively. Both the elasticity 
sensitivity cases (as defined in Figure 24) and the expected values are shown. The 
Tables show the customer response to a change from the tariffs announced for 
implementation in July 2009 to the recommended 4x4x4 tariff design. 

Table 32  Sensitivities in demand response – large industrial customers 

Elasticity 
Sensitivity Probability 

Change in Peak 
Demand RIM 

Case assumed MW EGP Million 
Hi | Hi   6.25% -717 -123 
Md | Hi 12.50% -732 -129 
Lo | Hi   6.25% -739 -132 
Hi | Md 12.50% -456 -86 
CENTRAL 25.00% -465 -90 
Lo | Md 12.50% -469 -92 
Hi | Lo   6.25% -204 -50 
Md | Lo 12.50% -206 -52 
Lo | Lo   6.25% -207 -53 
Expected values -421 -81 
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Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 

Table 33  Sensitivities in demand response – all large customers 

Elasticity 
Sensitivity Probability 

Change in Peak 
Demand RIM 

Case assumed MW EGP Million 
Hi | Hi   6.25% -1,026 -252 
Md | Hi 12.50% -1,042 -258 
Lo | Hi   6.25% -1,050 -262 
Hi | Md 12.50% -658 -194 
CENTRAL 25.00% -665 -197 
Lo | Md 12.50% -668 -199 
Hi | Lo   6.25% -303 -138 
Md | Lo 12.50% -299 -138 
Lo | Lo   6.25% -297 -138 
Expected values -615 -182 

Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 

Table 34  Results of demand response modelling – expected values 

Elasticity 
Sensitivity 

∆ Peak 
Demand 

∆ ALL 
periods ∆ Revenue ∆ Cost RIM 

Case MW GWh EGP Million EGP Million EGP Million 

Large industrial -421 97 -75 -155 -81 

All large 
consumers -615 84 -64 -246 -182 

∆ = “Change in ..” 
Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 

The above Tables and analysis show that:  

 Implementing the proposed TOU tariffs instead of the tariffs announced 
for implementation in July 2009 for large industrial customers would be 
expected to reduce peak demand by about 420 MW. The uncertainty 
range from the elasticity sensitivity cases extends from 204 to 739 MW.  

 Extending this to all large customers would increase the impact to about 
615 MW, with a sensitivity range from about 297 to 1,050 MW.  

 In all cases there would be a moderate decline in revenue to EEHC.  

 In all cases, system costs would be reduced due to both peak demand 
reductions (capacity benefits) and energy savings.  
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 In all cases there would be some downward pressure on other tariffs (or 
some improvement in EEHC’s financial position).  

 In all cases, this overall positive financial effect, which is the 
combination of the small revenue loss and the system cost savings, is 
hardly affected by the change in elasticity assumptions. The uncertainty 
range is very small compared with the uncertainty around the peak 
demand impact. This is an important result of the demand response 
modelling since it shows that the financial risk to EEHC of 
implementing well-designed, cost-reflective TOU tariffs is small. This is 
because the small revenue losses are more than offset by system cost 
savings.  

We note that the customer response to TOU tariffs will be enhanced the greater the 
effort invested by EEHC in outreach programmes aimed at providing information 
to consumers and raising awareness. 

8.9 Consideration of alternative TOU tariff designs 

In response to the concerns of MEE and EEHC, and noting EEHC’s concern that 
shortfalls in capacity relative to peak demand may emerge in 2010 or 2011, several 
other TOU tariff designs were considered including some that may result in a 
stronger demand response as well as some which have lower peak/off-peak ratios 
than the recommended design. We identified several promising TOU tariff 
alternatives including combinations of peak TOU tariffs charged: 

 for 4 hours per day (18:00 to 22:00) or 6 hours per day (18:00 to 24:00) 

 over 4 months (June to September inclusive) or over 12 months 

 at 2 times, 4 times and 8 times the off-peak price 

The six cases examined are summarised in Table 35. 

Table 35  Impact of alternative TOU tariff designs (all large consumers) 

TOU rate design 
shorthand 

(Months x Hours x 
Ratio) 

Peak season 
months 

On-peak period 
duration 

Peak/off-peak 
ratio 

4 x 4 x 8 4 months (June-Sept.) 4 hours (18:00–22:00) 8:1 

4 x 4 x 4 4 months (June-Sept.) 4 hours (18:00–22:00) 4:1 

6 x 4 x 4 6 months (May-Oct.) 4 hours (18:00–22:00) 4:1 

6 x 4 x 2 6 months (May-Oct.) 4 hours (18:00–22:00) 2:1 

6 x 6 x 2 6 months (May-Oct.) 6 hours (18:00–24:00) 2:1 
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12 x 6 x 2 12 months 6 hours (18:00–24:00) 2:1 

 
Table 36 and Table 37 summarise the results of the demand response modelling for 
large industrial customers and for all large customers, respectively for the six 
alternative TOU designs (including the recommended 4x4x4 design). Table 36 and 
Table 37 show the probability weighted expected values while the full results 
including the elasticity sensitivity cases (as defined in Figure 24) and the assumed 
TOU and flat tariffs are provided in Annex A8.  

Table 36  Demand response, alternative designs – large industrial customers  

Elasticity  
∆ Peak 

Demand 
∆ ALL 

periods ∆ Revenue ∆ Cost RIM 
Case MW GWh EGP Million EGP Million EGP Million 

4 x 4 x 8 -483 228 -178 -153 25 

4 x 4 x 4 -421 97 -75 -155 -81 

6 x 4 x 4 -417 136 -107 -152 -45 

6 x 4 x 2 -281 32 -25 -116 -91 

6 x 6 x 2 -254 38 -29 -107 -77 

12 x 6 x 2 -248 87 -70 -106 -36 
Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 

Table 37  Results of demand response modelling – all large customers  

Elasticity  
∆ Peak 

Demand 
∆ ALL 

periods ∆ Revenue ∆ Cost RIM 
Case MW GWh EGP Million EGP Million EGP Million 

4 x 4 x 8 -710 219  -172  -258  -87 

4 x 4 x 4 -615 84  -64  -246  -182 

6 x 4 x 4 -608 137  -108  -242  -134 

6 x 4 x 2 -409 24  -18  -177  -159 

6 x 6 x 2 -371 31  -23  -164  -141 

12 x 6 x 2 -360 108  -87  -161  -73 
Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 

As expected, the more aggressive 4x4x8 cases with a ratio of peak to off-peak prices 
of 8:1 lead to the greatest reduction in peak demand of 710 MW for all large 
consumers or 483 MW for large industrial consumers. The more aggressive tariff is 
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estimated to reduce peak demand by an extra 60 MW to 100 MW compared with the 
recommended 4x4x4 design but the net impact on EEHC’s financial position or the 
positive impact on other consumers would be worse compared with the 
recommended design. If the TOU tariff with an 8:1 peak/off-peak ratio is applied to 
all large consumers, EEHC’s net financial position is EGP 100 million per year worse 
than with the recommended design. The analysis shows that the 8:1 tariff ratio 
applied only to large industrial consumers would cause a net deterioration in 
EEHC’s financial position and pressure to increase other tariffs. 

The analysis shows that the closer are the tariffs to the recommended 4x4x4 tariff 
design, the greater will be the improvement in EEHC’s net financial position and, 
since the analysis is undertaken in economic terms, the most attractive for Egypt. 

8.10 Contractual issues 

If, as we propose, a mandatory TOU tariff is adopted then there would be no 
contractual issues additional to those in a standard customer contract. 
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9 Special TOU contracts 

9.1 Introduction 

EEHC may enter into special contracts with large consumers, such as the aluminium 
smelter and steel plants, to adjust their regular maintenance activities and/or major 
annual shutdown for maintenance in order to reduce electricity the demand at times 
when the EEHC system is close to capacity. 

Such special arrangements can be based on scheduling maintenance at pre-specified 
periods agreed in advance with the load dispatch centre and coordinated with the 
scheduling of maintenance of power plants and the transmission network, or 
alternatively a higher discount could be agreed in return for some flexibility in the 
timing of the customers’ maintenance for the convenience of the power system in 
order to lower the risk of load shedding. 

An example, showing the scheme offered by the Korean Electric Power Corporation 
(KEPCO) is provided in Box 5. 

Box 5  KEPCO Load management programme 

The Korean Electric Power Corporation (KEPCO) currently offers 15 load 
management programmes including the programme entitled Peak Reduction by 
Adjusting Vacation/ Maintenance Schedules82. This scheme was originally introduced 
in 1985 and is available to General (mainly commercial) and Industrial electricity 
customers whose contracted demand exceeds 300 kW. Customers are required to 
provide a peak load reduction of at least 50% of the customer’s peak demand in July 
and August of the previous year, or at least 3 MW, for at least three consecutive 
days over an 18 day period in July and August specified by KEPCO. In exchange, 
they are entitled to a discount on their maximum demand charge of US¢ 65 per kW 
reduced compared with peak demand charges for commercial customers of between 
US$ 4.5/kW and US$5.5/kW per month, implying a discount of 12% to 14%. 
 
Over 2,400 customers participated in the scheme in 2005 from approximately 50,000 
who were eligible to participate with a total contracted demand of nearly 2,300 MW. 
These customers reduced their demand by 1,800 MW.  
 
Sources: Applications of Dynamic Pricing in Developing and Emerging Economies, World Bank, May 2005. 

The net benefits to EEHC and to Egypt if customers agree to switch their 
maintenance depend on the seasonal pattern of marginal costs and the marginal 
costs on working days and non-working days. 

                                                      
82 Fuelling Economic Growth with Conservation, Shije Cho, in Electric Perspectives, November/December 
2005. http://www.eei.org/magazine/editorial_content/nonav_stories/2005-11-01-
DEMANDSIDEMGMT.pdf and KEPCO's Demand Response Programs for Summer Peak Periods and 
Contingencies, by Jang Pyo Lee, presented at the EA/PLMA Int'l DR Symposium(Sep/9/2003), 
http://www.peaklma.com/documents/Lee.pdf.  
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9.2 Special TOU tariff design options 

9.2.1 Annual maintenance scheduling 

The survey of large customers summarised in Section 7.4 did identify one large 
consumer that might be willing to consider moving their annual maintenance 
period to a time of the year that would avoid EEHC’s summer peak. 

It is possible to introduce special contracts that give incentives to customers to 
switch their maintenance, but these would only be appropriate if such incentives do 
not exist in the conventional TOU tariff. However, the conventional TOU tariff 
proposed in Section 8 already provides, through seasonal prices, incentives for 
consumers to move their annual maintenance to EEHC’s off-peak (winter) season. If 
further incentives were provided through special TOU contracts then the cost 
savings to EEHC and Egypt would be less than the loss in their revenues. Special 
TOU contracts to encourage the rescheduling of annual maintenance are only 
necessary if the conventional TOU tariff is not cost reflective (eg., does not provide 
seasonal signals). Since we recommend seasonal TOU tariff designs, no further 
incentives through special TOU contracts should be required to encourage 
consumers to move their annual maintenance periods. 

9.2.2 Weekly maintenance scheduling 

The survey of large customers suggested that at least two customers might consider 
modifying their weekly maintenance period to the weekday evening in order to 
coincide with the time of EEHC’s peak load. 

Even though such customers will only be able to lower demand during one day in 
each week, because the proposed conventional TOU tariff is based on a peak energy 
charge, this tariff already provides an incentive to move weekly maintenance period 
so that it occurs during EEHC’s evening peak hours. As with the annual 
maintenance arrangement, provided that the tariff designs offer lower tariffs on 
Fridays, we believe that the conventional tariff would provide sufficient incentives 
to encourage the optimum behaviour by customers. Again, if additional incentives 
were provided through special maintenance scheduling contracts, the signal would 
be too strong and it would create economic distortions. 

9.3 Recommended design 

We do not recommend any special TOU contracts unless EEHC does not introduce 
conventional TOU tariffs with seasonal and day-of-the-week pricing differentials. 
Special TOU contracts are an alternative to conventional TOU tariffs but TOU tariffs 
should be preferred. This position may need to be reviewed should special 
circumstances come to light that suggest that a special TOU contracts might be 
useful in addition to TOU tariffs. If these circumstances arise then the incentives 
(discounts) should be set based on the annual total marginal costs used in the 
conventional tariff designs. 
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10 Interruptible contracts 

10.1 Introduction 

A customer who agrees to an interruptible power contract agrees to reduce load on 
instruction from the system control centre. The interruptions are normally restricted 
to a maximum number of occasions or maximum overall duration per year. In 
exchange, the customer either receives a discounted conventional tariff or a 
payment or rebate tariff whenever interruptions are implemented. Penalties may 
also be imposed on the customer when interruptions are called for but the customer 
fails to comply with the instruction. Several examples are provided in Section 4 and 
one example reproduced in Box 6. 

Box 6  Interruptible contracts in Taiwan 

Taiwan Power Company maintains offers interruptible contracts for consumers 
with demand greater than 500 kW. In exchange for agreeing to shed at least 40% of 
their demand after two hours notice by the dispatcher, the participants receive a 
discount on monthly or annual maximum demand charges of up to 75%. The 
customer can choose any number of billing months during May~December as an 
interruptible billing month. The customer then chooses 4 weekdays (one day per 
week) from each chosen interruptible billing month for interruption. The customer 
must then be available to shed the agreed demand between 10:00 and 17:00 on each 
chosen interruptible day.  
 

Because the utility relies on interruptible power contracts to balance peak demand 
with available capacity, if customers are unable to comply with interruptions the 
penalties may be particularly high.  

Interruptible power contracts are suitable for large users who have their own 
sources of electricity or who can reduce their demand and/or shift their output 
patterns to off-peak times at short notice when required. 

What tends to be known well in advance and hence provides the customer and the 
utility with some basic data for planning ahead and incentivises customers’ peak 
demand reduction is: 

 The customers’ firm demand level. This is the minimum amount on 
which the customer would want to have a guarantee of no interruption. 

 The customers’ total contractual demand. This is above the minimum 
demand level and is the maximum demand that appears in the contract. 
Some of this would either be interruptible or charged at a penalty charge 
when interruptions are called for. The part that is interruptible is a 
proportion, for example 80%, of the difference between the firm demand 
and the contractual demand. 
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What is not known ahead of time is: 

 The utility does not know the exact portion of the interruptible demand 
(the difference between the peak demand and the firm demand) that the 
customer will interrupt in any critical day at the critical time. If the 
penalty for failing to interrupt is strong then the dispatcher may be 
reasonably confident that the customer will interrupt their load, but the 
customer may have priorities that over-ride the penalty and there is 
absolute guarantee that the customer will comply with a request. 

 The maximum duration of the interruption in each event can be pre-
specified in the contract but the actual interruption may be shorter than 
this. 

Implementation requirements for interruptible power contracts are demanding in 
terms of equipment, meter reading activities and resulting costs as the utility needs 
to monitor individual customer loads in real time. Such monitoring requires 
sophisticated meters and meter reading technology to differentiate demand at 
specific times in the critical days.  It also requires supporting computer hardware 
and software to show in real time in the control room all current interruptible 
customers’ loads. 

Interruptible power contracts provide the utility with a very high degree of control 
of demand as the penalties for lack of demand shedding compliance will, assuming 
the discounts are significant, be reasonably severe.  Interruptible power contracts 
enable the utility to restrict demand only when necessary. The utility would only 
interrupt when required due to capacity constraints. It therefore avoids imposing 
constraints when real demand is well below the estimated peak actually reached. 
Conventional TOU tariffs on the other hand apply during periods where actual 
demand is low and demand restrictions are not actually required. 

10.2 Design of price terms in an interruptible power contract 

The “prices” in an interruptible power contract, in addition to the standard price 
terms, comprise: 

 the discount to the consumer for agreeing to interruptions, and 

 the penalties if the consumer fails to comply with a request to interrupt 
load. 

Discounts 

Typically, the consumer receives a discount on the demand charge but, as discussed 
below, it is also possible to design a contract in which the customer only receives 
compensation in the event that the load is interrupted. For the present purposes we 
consider the design of a discount/penalty arrangement for the capacity element of 
the tariff (which we propose in Egypt should be embedded within the peak energy 
charge). 
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In terms of marginal costs, the cost that EEHC avoids through a customer who is 
willing to be interrupted at critical times is the cost of capacity (generation and, for 
transmission connected customers, transmission or transmission and distribution 
for distribution connected customers). Provided that an appropriate annual 
duration of outages is set in the contract, the charge for capacity above the 
minimum (non-interruptible load) should therefore be zero since EEHC is not 
required to provide this capacity. 

We note that Econoler83 suggested a 50-50 split between the customer and EEHC in 
terms of the avoided costs. This is a pragmatic approach that may be appropriate 
provided that it does not discourage customers from adopting interruptible tariffs 
though from the viewpoint of marginal cost pricing, a full discount would be 
appropriate.  

Penalties 

To the extent that EEHC plans its investments on the basis that it is not required to 
supply interruptible customers at times of peak demand, its demand projections 
should be adjusted downwards and its investment plans will be correspondingly 
lower. The consequence of an interruptible customer who fails to interrupt will 
therefore be load shedding for other customers (EEHC would not interrupt a 
customer unnecessarily, so if one interruptible customer fails to comply this implies 
that another customer must be interrupted). In practice, the system is never so 
perfectly balanced that a failure to comply with an interruption would always leads 
to the shedding of other loads and, similarly, even if all interruptible customers 
comply with interruption instructions, at some times EEHC might still have to shed 
some non-interruptible load. The appropriate level of penalty is, however, the cost 
of load shedding which is assumed for the purposes of generation planning to be 
US$2/kWh (the assumed value of energy not served). 

10.3 Design issues 

10.3.1 Interruptible tariffs for MV connected customers? 

Given that interruptions could be implemented for reasons of generation, 
transmission or distribution constraints, interruptible contracts could be offered to 
large consumers at all levels, including MV. However, this could give rise to 
conflicts between the EEHC businesses since EETC may wish to reserve 
interruptions for times of generation and transmission constraints while the DCs 
may wish to reserve some interruptions for reasons of constraints on the MV 
network.  

If the DCs were to purchase electricity from EETC at a bulk-supply tariff that 
incorporates TOU prices (see Annex A9), then the DCs would be treated as 
customers with an interruptible contract between themselves and EETC. The 

                                                      
83 Energy Efficiency Improvement and Greenhouse Gas Reduction Project in Egypt, Interruptible 
Power Contracts, Final Report, December 2006. 
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contract between EETC and the DCs would in turn reflect the contract between the 
DCs and the DCs’ own interruptible customers. This would, however, be a 
relatively complicated first step.  

Given the above difficulties, we suggest that interruptible contracts are initially 
offered only to transmission connected customers (EHV and HV tariff customers). 
In future, when the system is further unbundled and a market introduced84, and/or 
when EETC sells to the DCs at tariffs that reflect time-of-use, then the DCs and/or 
suppliers may wish to introduce interruptible contracts for their customers. 

10.3.2 Base level of reliability 

Utilities do not normally guarantee to customers that supply will never be 
interrupted and, therefore, in one sense all customers already have interruptible 
contracts. The base level of reliability in that contract is not, however, normally 
specified. Defining the maximum number and duration of interruptions in an 
interruptible contract therefore requires EEHC to consider the base level of 
reliability that it ‘normally’ provides. This will vary significantly depending on the 
location of the consumer and the age and condition of the network supplying that 
customer. 

10.3.3 Voluntary or mandatory 

Interruptible contracts offer an alternative level of service to a conventional 
electricity supply and as such, customers should be offered the choice (of one or 
more levels) of supply service and corresponding tariff. Internationally, 
interruptible contracts are invariably voluntary and we would not recommend 
mandatory interruptible contracts. 

10.4 Design options 

Customers will typically agree to reduce a proportion of their demand as part of an 
interruptible contract. As a condition of adopting an interruptible contract, 
customers should be required to adopt the conventional TOU tariff and this latter 
tariff would apply to the remaining part of their load. 

With an interruptible tariff scheme, EEHC can accurately target the time when the 
system is most stressed and can request load curtailment precisely at those times; it 
is not therefore necessary to make year-ahead forecasts of EENS or LOLP to allocate 
capacity charges among tariff periods. LOLP and EENS are, however, useful in 
determining: 

 broadly when the interruptions will take place, and 

 how many interruption/hours should be allowed in order to avoid 
capacity costs by EEHC. 

                                                      
84 Scheduled for 2014. 
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We begin by discussing two design parameters: 

 when will interruptions take place 

 how many hours of interruptions per year 

We then discuss the discounts for customers who accept an interruptible contract 
and the penalties that will be applied to those on an interruptible contract if the 
customer is unable to reduce contracted load when requested. 

10.4.1 When interruptions will take place 

The analysis used to determine the time of use periods for conventional TOU tariffs 
(Section 8) is also used to determine the periods when interruptions should take 
place for customers with interruptible contracts. As with conventional TOU tariffs, 
the interruptible contract should require customers to reduce their demand during 
the evening peaks during the months when the system is most constrained – 
between June and September. We propose that customers on interruptible contracts 
should not be required to interrupt load at times of the day/week that are defined 
as off-peak in the conventional TOU tariff and that the contract should specify that 
interruptions will only take place during these hours. 

10.4.2 Duration of interruptions specified in the contract 

EEHC’s investment planning is based on a maximum LOLP of 0.09% which is 
equivalent to eight hours per year. This implies that on average there would be no 
more than eight hours of load shedding per year at the generation level. In order for 
EEHC to avoid incurring its marginal cost of generation capacity (measured per kW 
of coincident demand), a customer would need to agree to shed a kW of load on 
request from EEHC for an average of eight hours per year. 

Customer outages due to transmission problems are generally more frequent than 
outages at the generation level. There may be some overlap between load shedding 
due to generation constraints and outages due to network problems, but the two 
sets of outages will more commonly be at separate times and the interruptible hours 
for network constraints could therefore, as a first approximation, be considered as 
additive to those for generation. However, we cannot estimate the normal duration 
and frequency of outages implicit in network planning. 

A specified duration of interruptions (eight hours for generation and an unknown 
duration for networks) per year might be expected on average in a well planned 
system but in some years fewer interruptions will be needed while in others more 
interruptions will be required. If the contract specifies that EEHC will interrupt 
supply for no more than the expected hours when interruptions are needed (eight 
for generation plus a further amount for transmission) then this will tend to favour 
the consumer since there will be less interruption in many years but this will not be 
balanced by a greater number in other years. A maximum duration specified in the 
contract for any one year should therefore be above the mathematically ‘expected’ 
duration. The maximum specified in the contract might be calculated as the 
expected level plus, say, one standard deviation, but given that information on the 
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optimal expected duration of transmission-related interruptions will not be 
available, it would imply false precision to suggest a statistical basis for specifying 
the maximum duration. 

The above describes the approach to pricing if supply reliability is at its 
targeted/optimal level. This is seldom achieved in reality. In practice, some 
consumers with sensitive loads receive a firm supply of electricity with few 
interruptions, but do not pay higher prices than consumers with less reliable supply 
who must use stand-by generators. And many consumers face interruptions 
routinely. It becomes complex to superimpose an interruptible contract on 
customers that already face, or may face, varying levels of interruptions for various 
reasons relating not only to the generation system but also to the transmission or 
distribution network. 

The duration of the interruptions specified in the contract should be incremental to 
those that the customer would normally expect to receive. This implies that the 
duration would need to be set on a case-by-case basis. 

A review of interruptible contracts in the United States85 shows that three out of 
four contracts (of the contracts which specify duration), specify a maximum of 150 
hours per year, the other specifies 24 hours per year.  

In summary, the contract should specify a maximum number of hours of 
interruption per year which should, theoretically, be: 

 8 hours for generation outages, plus 

 a number of interruptions associated with optimum transmission 
investment (we cannot give guidance on the latter), plus 

 the interruptions that the customer normally expects to receive with a 
conventional supply arrangement, plus 

 a cushion to take account of the asymmetry of the contract terms and 
such that the average customer with an interruptible contract would be 
interrupted for the target number of hours (generation plus 
transmission) on average over a number of years. 

This implies that the duration of interruptions should be agreed on a case-by-case 
basis depending on the location of the consumer and the existing reliability of his 
supply. 

10.4.3 Notice of interruption 

As illustrated by the example of Taiwan in Box 6, an interruptible contract will 
specify that customers will be notified of a planned interruption. Typically the 
minimum notice period will be relatively short, amounting to minutes rather than 
hours, though in the case of Taiwan a notice period of two hours was allowed. The 
notice period is short in order to give the dispatch centre a strong tool to manage the 
                                                      
85 Econoler International, Interruptible Power Contracts, Final Report, December 2003. 
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system in the event of unforeseen problems. This is more valuable to EEHC than a 
longer notice period. 

EEHC could potentially offer alternative designs with alternative notice periods 
ranging from 15 minutes to 24 hours and with corresponding discounts reflecting 
the benefits to EEHC. 

Even though the notice period may be short, the dispatch centre may, in some cases, 
have an expectation that they will need to interrupt customers with interruptible 
contracts, and may give a warning to those customers in advance. Nevertheless, 
they will generally wish to retain the option of interrupting such customers at short 
notice and, in exchange, EEHC should give such customers the maximum discount 
consistent with their avoided costs. 

10.4.4 Discounts 

The “prices” in an interruptible power contract, in addition to the standard TOU 
price terms, comprise either: 

 a discount on the standard (TOU) tariff to the consumer for agreeing to a 
specified number and duration of interruptions, irrespective of the 
number of interruptions, and penalties if the consumer fails to comply 
with a request to interrupt load, or 

 a refund to the customer based on the actual interruptions. 

The former (discount approach) implies a guaranteed lower cost to the customer 
whereas the refund scheme compensates customers for actual interruptions 
incurred86. With the refund approach the customer will not benefit from the 
interruptible contract unless an interruption is made and the customer will therefore 
require a higher discount (= lower average electricity charges) with the refund 
scheme in order to compensate for this uncertainty.  

Since customers may need to invest to allow participation in an interruptible 
contract, with a refund scheme this would mean that if there are no interruptions 
the customer would make an investment without ever seeing any benefit. Since 
EEHC (or power generators in general) is in a better position to manage the risks of 
interruptions and since the risks relate more to power supply than to individual 
customers’ loads, we believe it is more appropriate to offer a discount approach and 
a guaranteed price reduction. We propose this approach and this is the design 
discussed below. 

Following the recommendations in Section 8 that the capacity element of costs be 
levied through a peak kWh charge, we consider the design of a discount 
arrangement superimposed on the conventional TOU tariff option with a seasonal 
peak/off-peak energy charge. 

The marginal costs that EEHC avoids with a customer who is willing to be 
interrupted at critical times is the cost of capacity (generation and, for transmission 
                                                      
86 The average number/duration of interruptions should be the same with both schemes. 
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connected customers, transmission) contained in the kWh charges in the 
conventional TOU tariff.  

The tariffs for a customer benefiting from an interruptible contract should reflect the 
capacity costs that are avoided. The base tariffs should therefore reflect the 
conventional TOU tariff but should exclude the capacity element which, in the 
proposed TOU design, is concentrated in four peak hours in four months of the 
year. Customers with interruptible contracts would therefore pay only the off-peak 
charge for both off-peak and peak hours throughout the year. 

The above arrangement is cost reflective and passes all of the benefits to the 
customer. It is possible to share the benefits but this would lead to some customers 
failing to adopt an interruptible contract and agree to supply interruptions when it 
is in Egypt’s interest. We therefore propose that EEHC offers a discount that reflects 
avoided costs87. 

10.4.5 Penalties 

To the extent that EEHC has planned its investments on the basis that it is not 
required to supply interruptible customers at times of peak demand, then the 
consequence of an interruptible customer who fails to interrupt should be load 
shedding for other customers. In practice, the system is never so perfectly balanced 
that a failure to comply with an interruption would always lead to the shedding of 
other loads and, similarly, even if all interruptible customers comply with 
interruption instructions, at some times EEHC might still have to shed some other 
load. The appropriate level of penalty is, however, the cost of load shedding which 
is assumed for the purposes of generation planning to be US$2/kWh (and may be a 
conservative (low) estimate). Strictly speaking this should be the penalty for failing 
to interrupt when requested but typically, in the US for example, the penalty rate is 
three to five times the on-peak price and this is the level that would seem 
appropriate.  

10.5 Summary of the design proposals 

Our basic design proposals for an interruptible contract comprise a contract that 
specifies: 

 Interruptions may occur during the hours specified as ‘peak’ in the 
conventional TOU tariff, but not outside those hours. 

 The contract should specify a maximum number of hours of interruption 
per year which should be established on a case-by-case basis depending 
on the existing level of reliability of supply. 

 The incentive to adopt interruptible contracts is that the customer would 
pay only the off-peak TOU tariff for all hours of the day and year (even 

                                                      
87 This is not fully cost reflective since the base tariff, even with a TOU rate superimposed, will be a 
legacy of the current tariffs and these will not necessarily be fully cost reflective. 
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during the evening peak between June and September) and avoid 
generation and transmission capacity charges. 

 Consistent with a full discount on the capacity charge, the minimum 
notice period for an interruption should be short – of the order of 15 
minutes. 

 In the event that customers fail to interrupt when requested then a 
penalty of three to five times the on-peak charges would be applied to 
electricity consumed above the firm capacity level during the 
interruption period. 

10.6 Cost effectiveness 

The number of customers that might wish to adopt an interruptible contract in 
Egypt is unknown and will not be known until concrete proposals are placed in 
front of them. Similarly, the demand that they might wish to offer in the 
interruptible contract is also unknown. Because an interruptible contract will be 
signed on a customer-by-customer basis (subject to standard terms and parameters, 
including discounts/penalties) EEHC will have the opportunity to review the 
potential impacts on a case-by-case basis and can control the introduction of these 
contracts to ensure no net adverse affects on EEHC. 

Experience from China, Korea and Taiwan suggests that between 1.2% and 3.6% of 
a system’s peak demand can be reduced through interruptible contracts. In Egypt, 
with a peak demand of approximately 20,000 MW, this would translate into peak 
demand savings of between 250 MW and 700 MW though we suggest that initially, 
given the type of large customer in Egypt and the absence of experience of TOU 
tariffs or interruptible contracts of any kind, a more realistic estimate would be 
between 250 MW and 500 MW. 

Participant Test 

Interruptible contracts are voluntary and customers will therefore only adopt them 
if they believe them to be in their best commercial interests. Interruptible contracts 
that are accepted will therefore always pass the Participant Test. 

Ratepayer impact measure (RIM) test 

If the base revenue neutral tariff is above the cost reflective level then the incentives 
to customers (14% to 15% discount on their tariff) will be too strong compared with 
the potential benefits to EEHC and Egypt and the take-up of this offer by some 
customers would lead to revenue losses that exceed the savings88. Conversely, if the 
revenue neutral tariff is below the cost reflective level then the incentives will be too 
weak and not enough customers will agree to adopt this contract. As the tariffs for 
transmission connected large customers are currently close to marginal costs, it is 
                                                      
88 The total cost savings might exceed the total revenue losses but the total net savings would be 
maximised if fewer customers adopt the interruptible tariff scheme. 
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likely that the take-up will be optimal. The cost savings to EEHC resulting from the 
reduced need for generation and transmission capacity should exceed the revenue 
losses and the scheme would pass the RIM test. 

We note that to achieve the cost saving objectives EEHC would need to amend its 
investment planning procedures by reflecting the benefits of interruptible contracts 
in reduced projections of system peak demand (each kW of interruptible demand 
should reduce peak demand by the same amount but adjusted upward to reflect 
losses on transmission and station use. 

Total resource cost (TRC) test 

Since the tariff is voluntary, customers will only accept an interruptible contract if 
the cost to the consumer is less than the savings. Since the RIM test (above) will 
always be positive, interruptible contracts will always yield cost savings to EEHC 
that exceed the loss in revenues. Since the net benefit is positive for EEHC and 
customers, the net benefits of interruptible contracts to Egypt will always be 
positive. This satisfies the TRC test. 

10.7 Contractual and other detailed issues 

We proposed that the contract should specify a maximum of number of hours of 
interruptions per year but these could be a large number of short interruptions or a 
small number of long interruptions. A large number of short interruptions or a 
small number of long interruptions will affect different customers differently and a 
customer may wish to know the frequency and duration of interruptions. 
Unfortunately no guidance is available on this from the analysis and EEHC may 
need to determine these parameters on a case-by-case basis depending on 
customers’ own needs and the mix of customer preferences. The ideal mix would 
comprise some customers preferring a small number of longer interruptions and 
some preferring short duration interruptions. If all customers prefer one or the other 
then this reduces the dispatch centre’s flexibility. 

The contract also needs to specify the notice that will be given to customers. 
Typically the system control centre will be able to predict reasonably accurately the 
demand over the following day and will know which plants are undergoing 
scheduled maintenance. This means that the system control centre can give warning 
to customers on interruptible contracts that their load may be interrupted on the 
following day. But the system control centre will not know which plants will face 
forced outages on the following day and therefore there will be some uncertainty 
over the need to curtail load. An advisory notice should be issued by 16:00 on the 
day before an interruption is scheduled but the contract may specify that customers 
will only be alerted of a proposed actual interruption by 14:00 on the day itself. 

Interruptible power contract implementation requirements are relatively 
demanding in terms of equipment, meter reading activities and resulting costs as 
the utility needs to monitor individual customer loads in real time. Such monitoring 
requires sophisticated meters and meter reading technology to differentiate demand 
load at a specific hours minutes in the critical days.  It also requires supporting 
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computer hardware and software to show in real time in the control room all 
current interruptible customers’ loads. However, the more sophisticated SCADA 
systems operated by utilities typically provide these systems. 

Interruptible contracts normally specify a total contractual (maximum) demand (as for 
a standard contract with the customer) and a firm demand. The firm demand is the 
level below which the customer is not prepared to be interrupted. The difference 
between the contractual and firm demand is the interruptible demand and represents 
the amount that will be subject to incentives. Since the customer will not normally 
be consuming at his contractual (maximum) demand, the demand that will be 
interrupted is actually lower than the interruptible demand, but the customer is 
compensated for giving EEHC the option of reducing the full amount of the 
interruptible demand.  

The discount should be proportional to the ratio of the interruptible demand to the 
contracted maximum demand. Thus, a customer whose contractual demand is 100 
MW and agrees to a firm demand of 40 MW and therefore an interruptible demand 
of 60 MW would: 

 pay the off-peak TOU rate for any electricity consumed above 40 MW 
during the on-peak hours, and 

 the peak rate for electricity consumed in that period up to 40 MW. 

If the consumer takes less than 40 MW in the peak hours he is charged at the peak 
rate. If the consumer is requested to interrupt but continues to consume above the 
contracted firm demand, he would be charged for consumption above the firm 
demand level at the penalty rate. 

The interruptible contract needs to be drafted carefully to reflect a “reliability-
neutral” position (similar to the revenue-neutral position). If a customer already 
faces an unreliable electricity supply, for whatever reason, it would not benefit 
EEHC or Egypt if that customer is offered a contract which offers a more reliable 
supply and, additionally, a discount89. 

 

                                                      
89 It would, of course, benefit Egypt and the customer if EEHC were to improve the network to 
improve the reliability of supply to that customer. 
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11 TOU power purchase contracts 

11.1 Introduction 

TOU power purchase contracts provide incentives to customers who have self-
generation in excess of their own requirements to sell the excess to the national grid. 
Self-generation is useful for EEHC at times of peak demand when they may 
otherwise risk load shedding. It would not normally make economic sense for a 
consumer to develop standby capacity, typically diesel plants, with the sole intention 
of selling power to the grid; but if a consumer develops capacity for use in an 
emergency and the capital costs are sunk then those plants might usefully be asked 
to generate at certain times provided that the short-run fuel and operating cost, 
including the cost of additional maintenance, to the consumer is less than the cost to 
EEHC of generating electricity or the value to Egypt of avoiding load shedding. 

Consumers with a demand for steam for industrial processes (or less commonly for 
other heating or chilling) may also find it cost-effective to introduce cogeneration 
and the surplus electricity from these plants may usefully be sold to EEHC 
whenever surplus energy is available. EEHC may also wish to consider the more 
general case of an IPP-type contract for firm capacity and energy from co-generators 
or self-generators though this would not be classified as a load-management 
contract and is not discussed here. 

Typically customers with self-generation will provide surplus energy to the grid 
whenever there is surplus energy available provided that the price offered by EEHC 
exceeds the short-run production costs. Such energy would not normally be 
provided on a firm basis; capacity that is available on a firm basis would be treated 
like an independent power producer (IPP) and would have a power purchase 
agreement with EEHC. Similarly, if a consumer installs surplus capacity with the 
intention of selling firm capacity to the grid, this should be treated as an IPP with a 
power purchase agreement with EEHC. Such firm capacity differs from the non-
firm TOU power purchase contracts discussed below. 

The conventional TOU tariff described in Section 8 above may already provide 
consumers with some incentives to self-generate at peak times in the evening when 
the TOU tariff is high, though we would hope that it does not make self-generation 
from standby plants attractive on a routine basis. The scheme described below is to 
additionally export surplus to the network. 

11.2 Design of tariffs for power purchase 

Self-generation is useful for EEHC at times of peak demand when EEHC may 
otherwise face a shortage of system capacity or risk facing a shortage of capacity. At 
times of capacity shortage the opportunity cost to the utility of this additional power 
is potentially very high, while the cost of self-generation to the customer providing 
that energy to the grid may be relatively low (the fuel and variable operating costs). 
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Two pricing approaches are possible: 

 EEHC’s need to purchase energy would be announced, usually when 
load shedding is imminent, a day (or some other short period) in 
advance of the time that the energy is needed. The price at which it 
purchases energy might be fixed (at the start of the tariff year) or in 
some cases an auction might be introduced. 

 A fixed tariff and prescribed TOU tariff periods would both be fixed at 
the start of the tariff year (the TOU power purchase tariff periods may 
mirror those of the conventional TOU tariff but are not necessarily the 
same). 

These options are described further below and the choice between them is discussed 
in Section 11.4. With both approaches, care must be taken of possible distortions in 
the pricing of diesel (ie., diesel prices may be below economic cost) that could lead 
electricity consumers to self-generate or export to the grid when it is not 
economically sensible (for Egypt). 

11.2.1 ‘Purchase when needed’ approach 

With the ‘purchase when needed’ approach, EEHC would only purchases electricity 
from self-generators at times when EEHC is facing a very real threat that it may 
have to shed load.  

Since prospective TOU power purchase customers would normally buy from EEHC 
in preference to routine use of their own generation, the customers will need an 
incentive that is higher than the variable cost of self-generation and certainly higher 
than the cost of the standard TOU tariff. To make it economically attractive for 
EEHC to purchase this electricity, the cost must be lower than the cost to Egypt of 
load shedding - EEHC assumes this to be US$2/kWh (see Section A2.4) - but the 
price offered to self-generators should never need to be as high as this to make it 
attractive for self-generators to export to the grid.  

Prices for electricity exported to the grid could be: 

 fixed at the start of the tariff year, with indexation to fuel prices, or 

 set based on an auction or market. 

An auction arrangement is potentially complex so we propose that if the ‘purchase 
when needed’ approach is adopted then, at least initially, a fixed tariff should be 
offered. If a real-time pricing regime is introduced (though this is not proposed), the 
real-time pricing and TOU power purchase schemes could be linked together.  

The fixed price offered to self-generators with a ‘purchase when needed’ approach 
need only reflect the cost of self-generation for small and costly units but with a 
sufficient margin to cover the high operating costs and the high costs of 
maintenance, as well as fuel costs, and to give the self-generator a profit to make the 
exporting of electricity worthwhile. It may need to provide sufficient to incentivise 
the owners to employ additional staff, rather than their existing factory maintenance 
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staff, with responsibilities for ensuring improved reliability and operating hours for 
their own power plants. 

With this approach the quantity of electricity purchased by EEHC should be 
relatively low (compared with the ‘purchase at fixed times approach’ described 
below). The price could also be relatively low and would reflect only the fuel and 
operating costs of relatively small and inefficient diesel plants but need not reflect 
the capital costs. Overall, this approach is good for EEHC but not necessarily 
optimal for Egypt. 

11.2.2 ‘Purchase at fixed times’ approach 

The alternative approach is the ‘purchase at fixed times approach’ in which EEHC 
would offer to purchase electricity at fixed prices at fixed times. The purchase prices 
would be low during the night and high during the evening and would tend to have 
a similar structure to the conventional TOU tariff. 

The benefits to Egypt of EEHC purchasing energy from self-generators on the basis 
of ‘purchase at fixed times’ is normally EEHC’s marginal cost of supplying 
electricity90. 

11.3 Assumptions 

We assume that consumers wishing to enter into a TOU power purchase agreement 
should, as a precondition, buy electricity from EEHC at the conventional TOU tariff. 

11.4 Design options 

11.4.1 On request or self-dispatch? 

There are two primary design options: 

 Self-generators may sell to EEHC on a ‘purchase when needed’ basis 
whenever requested by the system control centre at agreed rates or 
based on an auction or at rates that may vary depending on the level of 
risk of load shedding. 

 EEHC has an obligation to purchase91 at fixed times at agreed rates 
whenever the self-generator has spare energy. Self-generators would 
only sell energy if the tariff offered by EEHC exceeds the consumers’ 
estimated costs of production. 

                                                      
90 If Egypt is facing serious supply constraints and load shedding then the avoided economic costs 
would be much higher. 

91 Subject to a TOU power purchase contract and compliance with technical requirements. 
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The former is more flexible for EEHC but it is also much more complex and is a 
mirror of real-time pricing (RTP) tariff arrangement for consumers discussed in a 
previous Working Paper and rejected as too complex at this stage of TOU tariffs in 
Egypt. An arrangement whereby consumers sell to EEHC whenever requested by 
the system control centre at agreed or variable rates might be offered in future or if 
capacity shortages become more severe and load shedding on the national grid 
becomes excessive, but we believe it to be too complex at the current time. We 
therefore focus on the second option of offering a TOU tariff for the purchase of 
surplus energy at fixed times set out in a tariff schedule that has a structure similar 
to a conventional TOU tariff schedule. 

11.4.2 Obligations to upgrade customers’ own network 

The consumer wishing to export surplus energy should be required to pay for any 
upgrades that allow parallel operation with the grid; in this way EEHC should not 
incur any additional costs of parallel operation.  

Many small generators (particularly cogenerators) have the capability to operate in 
parallel with the grid. Such operation is of benefit to the owners of the generator as 
they retain supplies if their generator trips and they can also continue to consume 
more than they generate.  The customers’ protection systems may need to be 
modified according to the proposed modus operandi of the generator92. Of greater 
financial significance, the switchgear may need to be replaced if the fault levels 
exceed their safe rating in the event of parallel operation. The costs would very 
much be on a case by case basis and cost-benefit analysis would be required in each 
instance. 

11.4.3 Tariff for TOU purchases 

The tariff for TOU purchases should reflect the avoided economic costs of supplying 
electricity, without revenue adjustments (see Section 2). 

Self-generation tends to be small compared to conventional power plants and is 
widely distributed; this helps ease peak demand on the transmission system and, to 
some extent, the distribution systems. Avoided costs offered to customers should 
therefore include both generation and network marginal costs. The avoided cost to 
EEHC is the total marginal cost by time-of-use (generation and network capacity 
costs and short-run energy costs) and TOU power purchase prices should be set at 
these avoided costs. Unlike the TOU sales tariff, no adjustment should be made to 
the economic prices (marginal costs) to reflect revenue adjustments and the TOU 
purchase tariff should be equal to the strict marginal cost tariff.  

The avoided cost is the maximum level at which the TOU power purchase price 
should be set. Anything above this level would overly encourage self-generation. 
On the other hand, a lower power purchase price may give rise to the same level of 
participation. The minimum level would be the estimated short-run cost of self-
generation plus the cost of upgrading the consumers’ electrical networks plus a 
small premium to overcome consumers’ indifference.  However, the minimum price 
                                                      
92 Actions in the event of generator trips, grid supply failure, electrical faults, overload detection, etc. 



 

 

Final Report, September 2008 

Economic Consulting Associates 

 

TOU power purchase contracts 

 

116

will vary hugely from consumer to consumer depending on customers’ needs for 
reliability, the size of the standby generators used, and the upgrades need to the 
customers’ electrical network. The economically correct approach is to set the power 
purchase tariff at the avoided cost and let consumers make their own decisions. 

It can, legitimately, be argued that the TOU power purchase price should be a 
discount on the avoided cost because EEHC has incurred supply costs which are not 
avoided when it purchases power from consumers. These supply costs should not 
amount to more than approximately 2% of the avoided cost. 

11.4.4 Customers with special (low) tariffs  

There may arise situations where customers (eg., Kima, Abu Tartour, Ramses 
Underground), etc., with very low sales tariff may have opportunities for 
cogeneration and would find it commercially attractive to develop and sell 
cogeneration capacity to EEHC under a TOU power purchase agreement and to 
continue to purchase all of its own requirements from EEHC. A similar situation 
could arise for some other consumer groups (eg., non-energy intensive EHV and 
HV customers) where the marginal cost is higher than the tariffs that are expected to 
be introduced by 2009-10 and where customers would be able to sell surplus 
generation to EEHC at prices that are higher than the prices that EEHC itself 
charges those customers. 

Economic logic suggests that if sales tariffs are too low then EEHC’s tariffs should 
rise; but even if the tariffs do not rise, economic logic (from the viewpoint of Egypt) 
would still argue that the TOU power purchase tariffs should be set at marginal cost 
since this reflects the value of that energy to Egypt93. Two practical difficulties with 
this approach are that: 

 while it would be good for Egypt to set TOU power purchase prices 
equal to marginal cost but to continue to sell to special customers at 
discounted prices, it would cost EEHC more (financially) to buy from 
self-generators than to generate the electricity itself using natural gas 
priced at below its economic value, and 

 it would create a perverse incentive for consumers to buy electricity 
from EEHC and to re-sell it to EEHC at a profit at the TOU power 
purchase price94.  

Practical considerations therefore suggest that TOU power purchase contracts 
should not be offered to consumers whose sales tariffs are less than the cost 
reflective level. This applies to all customers on special tariffs as well as non-energy 
intensive EHV and HV customers. 

                                                      
93 The problem lies in the low sales tariff rather than the TOU power purchase tariff and the solution 
lies in raising the sales tariff to a cost reflective level. The TOU power purchase price would correctly 
signal the benefit to Egypt of developing the cogeneration plant. 

94 This would not be possible through a normal metering point but some sites may have multiple 
metering points and here it might be possible. 
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11.4.5 TOU power purchase prices and the costs of self-generation 

Customers own self-generation costs (short-run costs) were reported in the large 
consumer survey to be only piaster 20/kWh. If correct, this implies that the price 
offered to customers for buy-back of electricity for four hours in the evenings 
between June and September of between piaster 75/kWh and piaster 127/kWh 
(¢13.1/kWh and ¢22.3/kWh)95 will, depending on the cost of upgrading customers’ 
electrical systems, be reasonably attractive for at least some customers. It is unlikely 
to be worthwhile for small companies whose on-site electrical supply must be 
adapted to run in parallel with the grid. 

However, care must be taken not to encourage any distortions. To the extent that 
the cost of fuel used for self-generation by large consumers is subsidised, the above 
pricing arrangement would encourage the displacement of energy produced by 
large, efficient, EEHC plant with energy from small, less efficient, more polluting 
plants. If there are subsidies for such fuel used by large consumers for self-
generation then the EEHC TOU power purchase prices should be reduced. The 
adjustment should be to the SRMC component of the tariff; we suggest that this 
share of the tariff is reduced pro rata with the percentage subsidy on the consumers’ 
fuel costs.  

11.5 Cost effectiveness 

We do not know the number of customers that might wish to contract to sell surplus 
electricity to EEHC under a TOU power purchase contract. Similarly, we do not 
know the capacity or energy that might be available. Many customers have 
emergency generation but our customer survey did not reveal any that have surplus 
capacity that might be sold to the network if EEHC offers a power purchase 
contract. The only way to reveal how many MW might be available from this source 
would be to offer customers a contract and see how many respond. We do not 
therefore offer an estimate of the potential peak demand reduction. 

Power purchase agreements from qualifying facilities (typically cogeneration plants) 
have been tried in a number of countries and the price paid is calculated as the 
utilities’ avoided cost. Some of these schemes have run into trouble because the 
prices offered are very attractive to consumers. Care must therefore be taken to 
ensure that the tariffs are sufficiently attractive to encourage consumers to sell 
surplus generation, particularly from cogeneration facilities, but not so attractive 
that they displace EEHC’s generation with its economies of scale and greater fuel 
efficiency. 

Participant Test 

TOU power purchase contracts will be voluntary and customers will therefore only 
enter into an agreement if they believe the contract to be commercially viable. The 
contracts will therefore always pass the Participant Test. 

                                                      
95 These refer to EHV tariff customers. 
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Ratepayer impact measure test 

As the proposed TOU power purchase tariff is equal to avoided costs then at the 
margin the costs to EEHC of power purchased from consumers should exactly 
balance the savings to EEHC in its own generation and network investment and 
operation. The scheme would therefore pass the RIM test. 

We note that to achieve the objective of saving costs EEHC would need to amend its 
investment planning procedures by reflecting the benefits of TOU power purchases 
in reduced projections of net energy and net system peak demand. 

Total resource cost test 

Since the tariff is voluntary, customers will only accept a TOU power purchase 
contract if the cost to the consumer is less than the savings. Since the RIM test 
(above) will always be positive, TOU power purchase contracts will always yield 
cost savings to EEHC that exceed the cost of purchased energy. Since the net benefit 
is positive for EEHC and customers, the net benefits of TOU power purchase 
contracts to Egypt will always be positive. This satisfies the TRC test. 

11.6 Recommended design 

We propose that the tariff in the TOU power purchase contracts should be the full 
avoided cost less a discount of 2%. Additionally, customers should be required to 
upgrade their electrical systems to allow parallel operation. TOU power purchase 
contracts should not be offered to customers whose tariff is substantially lower than 
cost reflective level (ie., customers with special tariffs and non-energy intensive 
EHV and HV customers until their tariff moves to cost reflective levels). 

11.7 Contractual and other issues 

TOU power purchase arrangements require additional metering. EETC and the DCs 
will also need to amend their billing systems to allow payments or refunds to 
customers for the electricity exported to the national grid.  

For larger plants, it may also require supporting computer hardware and software 
to show in real time in the control room all current co-generation or self-generation 
energy provided, but this will be no different than the arrangements for a 
conventional power plant except that the customer must give EEHC’s control centre 
warning, at least a day ahead, when he intends to generate. These customers’ 
generation capacity must be included in the control centre’s annual, monthly and 
daily scheduling procedures. For smaller plants the energy can be self-dispatched 
and only requires reasonably sophisticated metering to measure exports to the grid. 
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12 Assessment and summary 

Pull together the demand responses, say something about residential vs. large, 
comment on whether to go for TOU, mention it is not costly and is cost reflective, 
but it may hurt some consumers, say other forms of DSM better for residential. 
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13 Implementation 

13.1 Introduction 

 In the following Section we begin to develop a plan for implementing the TOU 
tariffs and contracts described above. We discuss: 

 strategies for overcoming customer inertia 

 priorities 

 geographical pilots 

 follow-up and evaluation 

 timetable 

 required resources 

 required actions 

13.2 Encouraging a positive response 

Even if non-TOU tariffs are replaced by TOU structures (mandatory 
implementation), EEHC should plan to explain the reason for TOU tariffs to build 
customer acceptance, and emphasise the opportunities for customers to reduce their 
bills by shifting their patterns of electricity use to encourage customers to reduce 
demand at time of system peak. This should help to overcome customers’ natural 
conservatism, inertia and resistance to change. For interruptible contracts and TOU 
power purchase contracts, which are necessarily voluntary, it will be necessary to 
raise awareness and promote these among customers. Even if the TOU tariff is 
mandatory or becomes mandatory shortly after it is introduced, it will still be 
valuable to market the TOU schemes to customers in order to help reduce 
resistance. 

13.2.1 Communication strategy 

We recommend that EEHC raises customers’ awareness of the TOU options 
available through a mixture of: 

 general public announcement of this major change in tariff structure  

 information packages sent directly to customers 

 personal contact by EEHC and DC account managers with larger 
customers 

 workshops in the  cities where each DC has its main office  
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The tariffs need to be marketed and EEHC should explain in simple terms what the 
customer has to do in order to benefit from the different TOU tariffs; the risks also 
need to be explained honestly. The information packages should: 

 be sent out with at least six month’s advance notice of the tariff change  

 be addressed to the chief executive or managing director  

 provide an explanation of the need for TOU tariffs  

 provide concise information on the design of the new tariffs 

 illustrate (with examples) the opportunities that are available to 
consumers to manage their costs under TOU tariffs or benefit from TOU 
contracts 

 describe the types of measures that consumers can take to change their 
consumption patterns 

 be honest about any risks (if any) 

 signal to customers the transition path planned for future years, to give 
customers confidence that TOU tariff structures are not a short-term 
measure and to allow them time to plan investment and operational 
strategies appropriate to the new cost structure that their businesses will 
face  

 provide customers with a list of expert energy advisors who can help 
them to identify ways of shifting load from peak to off-peak to re-
optimise their operations for TOU tariffs  

 invite customers to the workshops  

 announce annual awards for innovation in load shifting  

Assistance could be provided at the workshops on the calculation of the impact on 
customer bills under the new tariff, before and after any load shifting and improved 
efficiency. 

EEHC should also provide a website to provide information on the schemes on 
offer. This could include a downloadable Excel spreadsheet tool to allow customers 
to analyse the effect on their bill of shifting load from peak to off-peak periods. 

13.2.2 Technical support - energy service advisors 

Time of use tariffs will be quite new for most customers. While the idea of shifting 
some of their electricity consumption from peak to off-peak periods is quite straight-
forward, the practical measures required to achieve this will require more thought, 
planning and technical knowledge. Some companies may wish to engage expert 
energy service advisors to help them in this. EEHC and the DCs will be concerned 
to minimise the risk of unscrupulous or unqualified firms offering such services, 
because (although it would be no fault of EEHC or the DCs), that may create bad 
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publicity for the new TOU tariffs. Companies that have not previously engaged 
energy services advisers may also appreciate some guidance from EEHC or their DC 
in identifying an appropriate firm.  

EEHC, in co-operation with the DCs, should establish a list of energy service firms 
throughout Egypt who are capable of advising customers on how to re-optimise 
their operations and shift load from peak to off-peak periods in response to the new 
TOU tariffs. The professional qualifications and experience of each firm’s senior 
advisors should be reviewed by EEHC or the DCs. Such experts may also advise 
customers on energy efficiency improvements in their operations. The most up-to-
date version of the list should be maintained on the EEHC website.  

EEHC and the DCs should announce the establishment of this list at the time the 
new TOU tariffs are announced and invite interested firms to express their interest 
in being on the list. Once established, the list should be sent to customers as part of 
the information package.  

To encourage excellence and high quality advice for customers, to build good will 
among large customers, as well as encouraging strong responses to the TOU price 
signals, EEHC should establish an annual dinner and award presentation evening 
for innovation in load shifting. This should be held at a suitably prestigious venue. 
The attendance and support of the Minister and the Chairman of EEHC would be 
very helpful. Awards should be made to recognise:  

 customers in each voltage category who achieve the largest peak load 
reduction,  

 customers in each voltage category who achieve the largest percentage 
of load shifting,  

 customers and advisors who implement the most innovative load 
shifting projects, and  

 the service firms voted by customers as energy advisor of the year  

This annual event could be co-ordinated with the appropriate professional or trade 
body (e.g. the professional institute or association in Egypt for electrical engineers). 
Appropriate equipment suppliers could be approached to sponsor the event.  

To discourage poor quality advice for customers, both the advisors on the list and 
customers should be informed that if customer complaints against advisors on the 
list are substantiated, then EEHC reserves the right to remove such advisors from 
the list. These arrangements should provide a basis for competition between the 
listed advisors for the customers’ business.  

13.2.3 Workshops  

After receiving expressions of interest from energy advisors, EEHC should hold a 
seminar to:  

 present the new TOU tariffs  
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 provide an opportunity for advisors to ask questions  

If the review of applications for inclusion on the list of energy service advisors 
reveals a shortage of the specialist skills required, then EEHC will need to arrange 
specialised training for those firms. This is something that the World Bank may be 
prepared to support.  

Once EEHC is confident that there is a sufficient pool of advisors to support 
customers, a series of workshops in the main city of each of the 9 DCs should be 
held to:  

 inform customers about the new TOU tariffs  

 provide an opportunity for customers to ask questions  

 explain to customers the opportunities for them to minimise their bills 
under the new TOU tariffs by shifting load from peak to off-peak 
periods  

 provide an opportunity for customers and energy advisors on the list to 
meet each other and discuss potential opportunities for business 
collaboration  

13.3 Priorities 

The priority is to introduce TOU tariffs of all types of large customer as soon as 
possible but can be rolled out to the larger customers at the higher voltages first and 
then progressively to all 3,000 of the large customers in stages. Interruptible 
contracts and TOU power purchase contracts for transmission connected customers 
do not need to be rolled out in the same way as the conventional TOU tariff, but 
they do require a little more preparatory work on contract design. 

Larger customers are most likely to invest time and resources in assessing the 
benefits of TOU tariffs and therefore EHV-tariff customers are the natural group to 
be offered TOU tariffs first. There are only 20 customers in this group. All are 
industrial customers except Ramses Underground. These 20 consumers account for 
40% of consumption of all large consumers. 

We note that several large consumers have special (low) tariffs, including Ramses 
Underground. We suggest these should be offered revenue neutral TOU tariffs 
which allow them an opportunity to invest in load shifting measures without any 
downside risks to EEHC or the consumers. 

The next group to be offered TOU tariffs and contracts should be the HV customers. 
There are a total of 55 industrial customers and 12 non-industrial consumers in 
water pumping, irrigation and sewage that we suggest should be offered a TOU 
tariff. Other non-industrial customers might be excluded initially. This (eligible) 
group represents 15% of the consumption of all large customers.  
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The next group to be offered TOU tariffs are 1,500 industrial customers with load 
above 500 kW in C1 tariff category C1 who are industrial customers. There are an 
additional 500 or so non-industrial customers involved in irrigation, water pumping 
and sewage treatment that could usefully be included in the TOU tariff. This 
excludes approximately 1,200 non-industrial customers who might be considered 
for the next wave of TOU tariffs. 

13.4 Geographical pilots 

The possibility was considered of implementing TOU tariffs as pilots for large 
customers in selected geographical areas. Pilots are commonly undertaken for TOU 
schemes for small customers but the difficulty with pilots for large customers is that 
it will discourage consumers from investing management time and money in 
measures that would be wasted if the pilots are subsequently abandoned. Piloting 
might then encourage a weaker response and may then give misleading information 
to EEHC and Government about the potential value of TOU tariffs. We suggest 
instead that the TOU tariffs are rolled out to the larger customers at the higher 
voltages first and then progressively to all 3,000 of the large customers as described 
below. 

13.5 Follow up and evaluation 

The introduction of TOU tariffs should be monitored and have periodic evaluation 
to assess its effectiveness and to identify areas that can be improved. A strong 
evaluation plan is absolutely essential to management’s ability to assess how 
effective the TOU rate programme has been and what rate design changes or 
programme features should be added to gain the maximum demand reduction. Key 
points include:  

 gathering new customer load shape data after the introduction of the 
TOU tariffs to complement the existing ‘before’ case data already 
collected under the load research programme  

 analysis of the change in customers’ peak-coincident load, load shapes, 
energy consumption and annual bills in response to the TOU tariffs  

 analysis of the financial and economic impacts on customers and on 
EEHC  

 case studies on projects undertaken by customers in response to TOU 
tariffs  

 estimation of local own-price and cross-price elasticity parameters for 
actual customers in Egypt, by segment, voltage level and customer size 
for use in updated model runs to improve the estimation of responses to 
future changes in TOU tariffs  
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13.6 Timetable 

The proposed timetable for implementation of TOU tariffs is summarised in Figure 
32. 

Appropriate advance notice should be given to customers of the new tariffs 
available. A minimum of three months ahead of the planned implementation date is 
recommended but ideally a longer period should be allowed for customers to 
evaluate the options, get management approval and make preparations. 

We recommend a short trial phase before the scheme goes into full commercial 
operation to ensure that all metering and billing systems and system control centre 
procedures are able to handle the new TOU schemes smoothly. A trial operation 
should be relatively short. 

Ideally the TOU tariffs should be implemented ahead of the summer peak demand 
period but this is not essential. EEHC’s future tariff path described in Section 8.4 has 
increases in the basic (non-TOU) tariff introduced in July 2009 and to some extent 
this fixes the most appropriate dates for the implementation of new TOU tariff 
schemes. 

As described in Section 13.3 we propose a phased roll-out of the scheme with 
manageable numbers of customers at each step to allow any unexpected problems 
to be ironed out. The first phase of the roll-out, involving only 20 large consumers, 
could conceivably be implemented in 2008 but this would be rushed. A more 
realistic strategy would be to introduce the TOU tariffs to the first 20 customers 
beginning in April 2009. This will give an opportunity to test the procedures, billing 
systems, etc on a small number of customers before introducing the TOU options to 
the second group of 67 customers in July 2009. This next group of customers is likely 
to require more coaching in the benefits and opportunities arising from TOU 
options, but this timetable allows for such coaching. The third group of 2,000 large 
industrial customers plus water pumping, irrigation and sewage treatment that 
could be offered the TOU tariff beginning in April 2010, ahead of the summer peak 
in that year. 
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Figure 32  Implementation timetable 

Sep. Oct. Nov. Dec. Jan. Feb. Mar. Apr. May June July Aug. Sep. Oct. Nov. Dec. Jan. Feb. Mar. Apr. May June July Aug. Sep. Oct. Nov. Dec.

Preparatory activities
Announce new tariffs X
Develop communication stragegy
Develop energy service advisors
Customer workshops X X X
Train EEHC staff
Develop procedures and systems
Modify the billing system
Establish monitoring system (M&E)
Trial operation
Implement M&E

Roll-out of TOU tariffs
A-EHV (~20 customers)
B-HV (~70 customers)
C1-MV industrial (~2,000 customers)
C1-MV non-industrial (~1,200 customers)

2009 20102008
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13.7 Required resources 

13.7.1 Staff  

The support programme for the implementation of TOU tariffs will require the 
appropriate staff in EEHC and the DCs to support and complement the senior 
management and the technical skills of the present staff in the demand management 
department of EEHC. Support staff reporting from EEHC head office will be 
required to co-ordinate EEHC’s communication with EHV and HV customers and 
the DCs’ communication with MV (and LV) customers, with potential energy 
advisors, and to organise the workshop events and the annual awards. Each DC 
should nominate a person to take the lead responsibility for the communication 
with customers and the local workshop events about TOU tariffs within their DC 
and to co-ordinate with EEHC’s TOU programme staff in Cairo.  

Programme monitoring should be undertaken by the existing technical staff in 
EEHC head office. External consultants (potentially with the support of the World 
Bank) for periodic evaluation may provide a valuable independent perspective on 
the potential for improvements in the TOU programme.  

13.7.2 Equipment 

The resources required for the implementation of the interruptible contracts and 
TOU power purchase contracts are slightly more substantial than for the 
conventional TOU tariff. 

Interruptible contracts require that loads can be monitored from the system control 
centre. In addition to the meters already installed at customers’ premises, some 
additional monitors will be required in the control centre and the software used by 
the control centre will need to be capable of supporting interruptible contracts 
showing and remotely recording customers’ loads. Most SCADA systems provide 
these functions. EEHC should ensure that its control centre’s system has this 
capability and check whether any additional programming is required to implement 
its interruptible contract capability. 

13.7.3 Procedures and systems 

EEHC’s systems control centre needs to introduce systems for managing customers 
with interruptible contracts and reflecting the interruptible resource in their 
forecasting and plant scheduling. 

Information gathered by the system control centre can additionally be used to 
evaluate the effectiveness of the contracts and the impacts on load. A procedure 
needs to be introduced to process this information for evaluation purposes. 
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13.7.4 Training 

Staff at EEHC’s system control centre need to be trained to operate with 
interruptible contract customers. 

Commercial managers within EETC and the DCs need to be trained to understand 
the various TOU tariff options so that they can discuss these knowledgeably with 
large customers. 

As discussed above, there might be a need to train staff from energy advisory firms 
so that they can advise large consumers on load management opportunities. 

13.7.5 Public awareness 

EEHC needs to set aside resources (staff, funds and, possibly, the hiring of a 
consultant) to undertake the customer awareness programme described in Section 
13.2. 

13.7.6 Billing systems 

The billing systems used by EETC and the DCs will need to be amended to reflect 
the TOU tariffs. EEHC should review this and confirm that the existing system(s) 
can, with minor programming, handle TOU tariffs and interruptible contracts and 
that this does not require any major updates. If major updates are required then 
resources will need to be set aside for this. 

13.8 Required actions 

The following summarises the actions required to implement TOU tariffs and 
contracts: 

 Based on the Consultant’s Report, develop detailed proposals for TOU 
tariffs and contracts. 

 Obtain Government approval. 

 Review the SCADA system in the system control centre to identify any 
modifications or extensions necessary to handle interruptible contracts. 

 Draft the TOU terms and standard contracts. 

 Develop procedures to be used by the system control centre staff in 
relation to interruptible contracts. 

 Amend the billing systems. 

 Develop information material on the TOU options to be given to 
customers. 
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 Train commercial managers to understand the TOU options offered by 
EEHC so that they can explain these to customers. Staff should also 
understand some of the opportunities that are available to customers to 
manage their loads. 

 Train EEHC’s systems control centre staff in procedures relating to 
interruptible contracts. 

 Run workshops and other customer awareness activities to raise 
awareness among customers.  

 Amend investment planning procedures to reflect expected changes to 
load patterns and interruptible contracts. 
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Annexes 

A1 LRMC methodology 

A1.1 Marginal capacity costs 

Marginal generation capacity costs are developed using the ‘simulation method’ as 
described in our Inception Report. Specifically, three sets of information are 
produced by EGEAS as described in Section 6.2: 

 Run 1 is base-case generation investment plan. This investment plan is 
based on the base-case electricity demand forecast. 

 Run 2 is based on a higher (or lower) incremented load forecast. This is 
the base case electricity demand forecast (in MW) plus incremental 
demand (∆D). For the LRMC analysis in Egypt we are assuming the 
demand in the high case is the base demand but advanced by one year.  

 Run 3 is a production simulation to estimate the fuel costs associated 
with the load forecast used in Run 1, but the generation investment plan 
in Run 2.   

Generation capacity costs (LRMCg) are estimated by annualising the following: 

( ) ( )[ ]
D

FCFCCRCRLRMCg
∆

−−−
= 3112  

where:  

CR1 and CR2 are the annuitised present-values of the capital investment and 
incremental fixed O&M costs and costs of energy not served associated with 
model runs 1, 2 and 3 respectively,  

FCi is the annuitised, present value of the fuel and variable O&M cost 
associated with model run i, and 

( )∑
= +
∆

=∆
T

i
i
i

r
MWD

1 1  

where: 

MW∆  = load in the incremental demand forecast minus load in 
the base forecast 

  r  = discount rate 
T  = the planning horizon 

We also develop marginal costs using the peaker method. These are used as a 
comparison with marginal capacity costs estimated using the simulation method. 
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A1.2 Marginal energy costs and LOLP by time of day 

Marginal energy costs and the loss of load probability (LOLP) that is used to 
allocate marginal capacity costs by time of day and season are calculated using 
Monte Carlo simulation techniques. This is illustrated in Box 7. 

For each of the three typical daily load curves for working days and non-working 
days in the different seasons, and for each hour in those curves, the model: 

 Stacks the plants in merit order. 

 Removes plants that are undergoing scheduled maintenance at the time 
in question. 

 Determines whether each unit of each of the remaining plants are in one 
of two states – available or not available due to forced outage. This is 
based on the probability of unscheduled outage (consistent with EGEAS 
input data) and using a random number generator. 

 Calculates which plant is operating at the margin to meet the system 
demand in each hour. 

 If there is insufficient capacity to meet demand in that hour, the model 
will flag this as an LOLP event and will calculate the expected energy 
not served (EENS) as the difference between the demand and the 
available capacity (EENS in any given hour = demand – available 
capacity). 
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Box 7  Example of Monte Carlo simulation 

 

This is repeated for a number of iterations. Perhaps 500 or more iterations are 
necessary to accurately obtain LOLP in any single hour but typically we are 
averaging from 8760 hours (per year) to identify typical days in typical seasons; a 
smaller number of iterations may therefore be appropriate. The marginal energy 
costs, LOLP and Expected Energy Not Served (EENS) are the averages over all of 
the iterations that give the probability of lost load and the mathematical expectation 
of un-served energy. 

A1.3 Marginal costs of transmission and distribution 

The marginal cost of transmission and distribution are calculated based on the 
average incremental cost (AIC) technique using the following formula: 

Suppose there are three power plants (A, B and C) as follows: 

Plant A B C 

Capacity 100 MW 100 MW 100 MW 

Forced outage rate 5% 10% 8% 

Variable fuel and O&M costs 5¢/kWh 10¢/kWh 15¢/kWh 

 
The forced outage rate above represents the probability that a plant will face an 
outage in any hour. If we were to sample at random from the probability 
distribution of outages/availability for any plant we would sometimes find the 
plant available and sometimes not (with the forced outage rates in the above 
table, more often than not the plants would be available). 

Suppose the load in any one hour of the year is 190 MW. Taking one sample from 
the distribution we find Plant A and C are available but Plant B is not.  Energy is 
then supplied at the margin by Plant C at a cost of 15¢/kWh and on this occasion 
there is no load shedding. If we repeat this exercise of sampling at random we 
will generally find the marginal energy cost is 10¢/kWh but sometimes it will be 
15¢/kWh and sometimes two of the three plants will be unavailable and there 
will be load shedding (a LOLP event). 

The marginal costs and LOLP events from each of the ‘samples’ or iterations are 
accumulated and averaged to give the expected marginal costs in that hour. For 
example, if we sampled three times and on two occasions the marginal cost is 
10¢/kWh and on the third it is 15¢/kWh then the ‘expected’ marginal energy 
cost would be 11.7¢/kWh (and the LOLP would be zero). The sample size needs 
to be reasonably large to give statistically reliable results. 
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where, 

  iI   = investment cost in year i 
T   = planning horizon 

  MW∆  = incremental load relative to previous year 
  r  = discount rate 

This value, expressed in US$ per incremental kW, is then annualised over the life of 
the facilities – resulting in the annualised network capacity cost per kW per year. 
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A2 Least-cost generation investment plan 

In this Annex we discuss least-cost generation investment plans that have been 
developed solely for the purpose of analysing marginal costs.  These plans differ 
from least-cost plans developed by EEHC for its own planning purposes as these are 
subject to a variety of constraints which are not appropriate to consider as part of a 
LRMC tariff analysis.  

This section reviews EEHC’s existing and committed capacity, its demand forecast, 
its requirement for generation flexibility to meet its load shape, the options available 
to EEHC for new generating plant and the economic costs of fuel.  We then describe 
the expansion planning analysis that has been undertaken for the purposes of 
deriving the generation LRMC. 

A2.1 Existing and Committed Capacity 

The total installed capacity on the EEHC system for 2007/08 is expected to be 
22,750 MW comprising the power plants that are listed in Table 61 of Annex A1.  
The total capacity of committed plant due to enter the EEHC system are listed in 
Table 38.  There are no committed plants beyond 2011/12 other than an ongoing 
commitment to install further wind turbines for environmental reasons. 

Table 38  Committed plant on EEHC system 

Year of 
commissioning 

Power plants New capacity 
(MW) 

2007/08 Cairo north, Talkha (CC), Kurimat (2) (CC), 
Naga Hamadi (Hyd) 

894 

2008/09 Kurimat (3) (CC)96, Nobaria (3) (CC), Sidi Krir 
(CC), Atf (CC)  

2,120 

2009/10 Kurimat (3) (CC), Nobaria (3) (CC)97, Tebbin 
(ST), Kurimat, Sidi Krir (CC), Atf (CC) and 
small hydro 

2,063 

2010/11 Cairo West Ext (ST), Abu Kir (ST) 1,570 

2011/12 El Ain Sokhna (ST), Nuibaa (CC), Abu Kir (ST) 1,875 

Total  8,522 

                                                      
96 Only the 500MW open cycle gas turbine components at Kurimat 3, Nobaria 3, Sidi Krir and Atf 
combined cycle stations available in 2008/09 

97 750MW CCGT stations completed components at Kurimat 3, Nobaria 3, Sidi Krir and Atf  stations in 
2009/10 
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The total installed capacity in the year 2011/12 is thus expected to be 30,380 MW, a 
30% increase on that available in 2007/08. 

For the purposes of the LRMC analysis, the capital costs for all the committed plants 
have been set to zero as contracts for these power plants are already in place, 
construction has commenced on all the sites, and capital costs can be considered to 
be sunk.   

A2.2 System Demand 

Load growth in Egypt has recently been running at an average of over 6% per 
annum for both maximum demand and the energy generated. This is resulting in an 
increase in peak demand of over 1,100 MW per annum.   

EEHC’s medium load growth forecast is shown in Figure 33 and Table 39.  Current 
peak demand is currently close to 20,000 MW but by 2011/12 this is forecast to grow 
to over 25,000 MW and to reach 43,000 MW by 2021/22 (ie., more than doubling 
over the planning horizon). 

Figure 33  Electricity demand forecast98 
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Table 39  Demand forecast to 2022 (base case) 

Year System peak (MW) Gross energy demand 
(GWh) 

                                                      
98 Note that in the Figures in this report the year 2001 represents the financial and planning year 
2000/01 etc. 
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Year System peak (MW) Gross energy demand 
(GWh) 

2008 19,640 123,066 

2009 20,920 131,215 

2010 22,250 139,591 

2011 23,650 148,539 

2012 25,110 157,751 

2013 26,640 167,496 

2014 28,220 177,539 

2015 29,860 188,088 

2016 31,560 198,960 

2017 33,320 210,318 

2018 35,140 222,019 

2019 37,020 234,190 

2020 38960 246721 

2021 40960 259709 

2022 43020 273069 

A2.3 Load shapes 

EEHC has provided the complete load data for year 2005 and 2006 (8760 hours for 
each year). Load curves are used to estimate marginal costs by season and time-of-
day. 

Figure 34 shows the monthly maximum and minimum demand for the calendar 
year 2006. This indicates that there is a relatively low seasonal variation in demand 
which fluctuates by approximately 10% (or 2,000 MW) from the peak evening loads 
in August, representative of summer, to the evening loads in January, February and 
March, representative of winter. 
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Figure 34  Seasonal load pattern 
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Figure 35 below shows typical system daily load curves for 2006 for working days 
(Sunday to Thursday) and non-working days (Friday and Saturday99) in three 
seasons of the year relative to the system peak. We begin with an indicative division 
of months into seasons and, later in the Paper (see Sections 6.4 and 6.6), after 
discussion of the marginal costs and LOLP, we consider whether there should be 
one, two or three seasons and which months should be allocated to each season. For 
the purposes of Figure 35 we define the seasons as: 

winter:   October – April inclusive 

spring:   May, June 

summer:   July, August, September 

 

                                                      
99 Although Saturday is, as the analysis shows, partly a working day. 
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Figure 35 Typical daily load curves for 2006 
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Load shape - non-working day
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Figure 35 shows a substantial daily variation in demand through the typical day 
with the daily peak occurring during the evening hours at between 8pm and 9pm in 
the summer and 6pm or 7pm in the winter. Though the system peak occurs in the 
summer, the summer and winter peaks for typical days are broadly similar in 
magnitude though differ in time. There is also an early morning valley period 
beginning at around 2am and lasting through to 10am. The daily variation on a 
typical day is up to 2,500 MW or 15% of peak demand. 

A2.4 Economic Parameters  

The key economic parameters used in the EEHC planning analysis are: cost of un-
served energy US$2.0/kWh, an exchange rate LE 5.71 per US$ and a real discount 
rate of 8%. The assumptions used in the LRMC analysis are listed in Table 40. 
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Table 40  Economic parameters used in the analysis 

Parameter Value 

Cost of un-served energy US$2.0/kWh 

Exchange rate (LE/US$) 5.71 

Discount rate 8% 

Price basis Constant 2006 prices 

 

It is noted that all financial data used as inputs to the analyses prepared by EEHC 
and used in the LRMC analysis are in US dollars.  

The EEHC financial year runs from 1st July to 30th June.  The year 2006/07 ended 
on 30th June 2007.  The LRMC analysis is also based on financial years and 
commence in the year 2007/08. 

A2.5 New Generation Options 

The following candidate plants are considered in the EEHC planning process: 

 750 MW combined cycle gas turbines; 

 100 MW open cycle gas turbines ; 

 350 MW steam turbines; 

 650 MW steam turbines; and 

 1,000 MW nuclear units. 

The assumed capital costs of the candidate plants (inclusive of IDC) and their heat 
rates are provided in Table 41, plant outage rates are given in Table 42 and 
operating costs are given in Table 43.  The primary fuel for all the fossil fired 
generating plant is natural gas.  Secondary fuel is HFO (Mazout) for steam turbine 
plant and distillate (Solar) for gas turbine plant.  For planning purposes it is 
assumed that for 5% of the time it will be necessary to run power plants on the 
secondary fuels when gas supplies to EEHC power plants are restricted. 

The capital costs for candidate power plants used in the analysis were provided by 
EEHC and reviewed by the Consultant; these were based primarily on the costs of 
power plants previously tendered by EEHC. We note that power plant capital costs 
have escalated dramatically in a short space of time and the capital costs used in the 
analysis now appear low compared with the cost levels of mid-2008. Some of the 
recent cost increases reflect underlying changes in the costs of inputs to the 
manufacture of power plants – steel and fuel in particular – but the primary cause of 
the cost increase has been the excess of demand over supply which has enabled 
manufacturers to raise prices. This is unlikely to be sustainable and in the long-run a 
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better supply-demand balance will be restored through an increase in production 
capacity and/or a decline in demand, and capital costs for power plants will fall. 
Nevertheless, it is likely that some of the recent capital cost increases will be 
sustained and to this extent the capital costs used in the LRMC analysis should 
probably be higher.  

Coal fired generation has been considered as a new generation option in the past 
but has been rejected by EEHC and is not currently considered in the planning 
process. 

Table 41  Candidate plants – key parameters 

Plant type Size (MW) $/kW (including 
IDC) 

Heat rate 
(BTU/kWh) 

OCGT 100 480 9,070 

CCGT  750 828 6,349 

Steam Turbine   650 1151 8,333 

Steam Turbine   350 1282 8,333 

Wind Turbine 200 1842 n/a 

Nuclear 1024 2740 n/a 

 

Table 42   Candidate plants – outage rates 

Plant type Planned outages 

(weeks) 

Forced outage rate 

OCGT 3 6% 

CCGT  3 6% 

Steam Turbine   4 4% 

Steam Turbine   4 6% 

Wind Turbine 2 1% 

Nuclear 8 8% 

 

In Table 43 the cost of major overhauls associated with life extension of power 
plants is converted into an annual fixed operation and maintenance figure for use as 
an input to the analysis.   
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Table 43  Candidate plants – other parameters 

Plant type Size (MW) Fixed O&M 
(US$/kW/year)100 

Variable O&M 
(US$/kWh) 

OCGT 100   2.10 8.000 

CCGT  750 16.29 0.161 

Steam Turbine   650   5.00 0.161 

Steam Turbine   350   5.00 0.161 

Wind Turbine 200   2.90 0.258 

 

A2.6 Fuel Price Assumptions 

Below we discuss the fuel price assumptions used in the least-cost generation 
planning analysis. Most important of these is natural gas but power plants in Egypt 
also use distillate fuel and fuel oil. 

A2.6.1 Natural gas 

The price of gas to the power sector currently assumed by EHCC in their EGEAS 
runs is US$0.749/mmbtu for 2007/08. This is, we understand, the financial price 
based on agreement between the Ministry of Electricity and Energy and the 
Ministry of Petroleum which is not necessarily equivalent to the economic value of 
the gas.  

Principles determining the economic value of gas 

The economic value of gas is the opportunity cost of gas to the national economy. 
This valuation is relatively complex and depends on various conditions but the 
primary choices are described below and illustrated in Figure 36.  

1. Economic valuation as a tradable commodity: 

a. If gas is exported or could economically be exported then gas 
consumed in Egypt loses export revenues101, and the economic value 
is the export price less the cost of transport (netted back to a point in 
Egypt that we have taken to be the high pressure gas transmission 
network). In Figure 36 if production is below approximately 3 BSCFD 
then natural gas is exportable because the marginal cost is below the 
export parity price (the green dotted line) of $3/mmbtu. 

                                                      
100 Including costs of life extension converted into annual costs. 

101 For simplicity, this assumes export to a relatively large international market such that the export of 
Egyptian gas does not significantly change the international market price. In other words, Egypt is a 
price taker in the international market. 
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b. If gas is imported or could economically be imported at reasonable 
price levels then the economic value is the import price (delivered to 
the high pressure gas network). This is represented in Figure 36 as 
demand levels above 5 BSCFD where the marginal cost exceeds the 
import parity price (the purple dotted line) of $5/mmbtu. It is only 
‘potentially’ importable because other fuels may provide cheaper 
energy than natural gas so that there may not be the demand at this 
price. 

2. The import and export parity price set the upper and lower bounds of prices 
respectively (unless either is negative in which case the upper or lower 
bound is zero). However, if Egypt can neither import nor export gas at 
reasonable import or export price levels (the middle part of Figure 36 
between the two dotted lines) then it is considered as a non-tradable and the 
economic value is usually its marginal cost (but under some circumstances 
the economic value may instead be the netback or demand price102). 

Figure 36  Illustration of economic value of natural gas 
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The economic valuation also needs to consider changes to Egypt’s gas 
supply/demand balance over time. Egypt may currently be an exporter of gas in the 
form of LNG but its reserves will not last indefinitely and the economic valuation of 
gas could therefore move through stages: starting from a tradable while gas is 
exported and then moving to a non-tradable as the cheaper resources are exhausted 
and production is only viable to meet indigenous demand.  

Natural gas is currently exported from Egypt as LNG and for the purposes of 
analysing the economic cost of gas for power production, the economic cost in 
Egypt today is currently the export price (Case 1a above). This would represent the 
minimum value and, though well above the financial prices used by EEHC in its 
EGEAS analysis, should probably rise over time. 
                                                      
102 If gas were to be priced at marginal cost (which may include a depletion premium) and at this price 
the demand would exceed the available supply, then gas would have to be rationed and the economic 
value of natural gas should then be the “demand price”. The demand price is the netback value of gas 
to the marginal consumer if gas were prioritised to consumers based on their netback values.  
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Below we briefly discuss the netback value of gas exported as LNG, gas 
transmission costs and finally the economic value of gas used in the power sector.  

Export netback price 

The calculation of the export netback price is based on the netback value of gas 
exported to the US as LNG. The calculation is based on the US Henry Hub (HH) 
long term contract prices. The HH price provides a widely quoted international 
benchmark price103 and can be used to estimate the possible international market 
price for gas. The value of gas exported from Egypt is then the HH price less: 

 regasification cost in US (US$0.35/mmbtu), 

 transport cost to US (US$1.0/mmbtu), 

 liquefaction cost in Egypt (US$1.1/mmbtu), 

 cost of onshore transmission pipeline delivery to LNG plant 
(US$0.25/mmbtu). 

With these assumptions, the total costs of the LNG transportation and liquefaction 
chain would be approximately US$2.7/mmbtu.  

There is no readily available forward price for gas beyond 2012 but the US Energy 
Information Administration (EIA)104 provides projections of international crude oil 
and HH LNG prices in constant 2005 US$. These international market prices 
together with the estimated opportunity cost of LNG in Egypt are shown in Table 
44. 

Table 44  EIA oil and LNG price projections (constant 2005 prices) 

 2010 2015 2020 2025 

Crude oil (US$/bbl)105 51.2 44.6 46.5 49.6 

HH LNG (US$/mmbtu) 6.3 5.5 5.7 6.1 

Value of gas used in Egypt 
(US$/mmbtu)106 

3.6 2.8 3.0 3.4 

 

                                                      
103 It is debatable whether the US market should be used for this benchmark for Egypt but Henry Hub 
prices are frequently used as an international benchmark and long-term price projections are available. 

104 Energy Information Administration, Annual Energy Outlook, February 2007. 

105 2005 prices, delivered to US refiners. We note that at the time of writing, oil prices were above 
US$80/bbl but we also note that long-term forecasts should not be influenced by short-term spikes in 
prices. 

106 The HH LNG price less US$2.7/mmbtu transportation and liquefaction costs. This is the economic 
value of gas as a tradable (export) – Case 1a in Section A2.6.1. 
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Gas transmission costs in Egypt for most (ie., existing) offtake points are low and in 
the range US$ 0.03 - 0.08/Mscf. This is therefore an almost negligible factor in the 
economic valuation of natural gas. 

A2.6.2 Distillate and heavy fuel oil 

Egypt has significant oil refining capacity and is a net exporter of petroleum 
products. As such the economic value of these products is based on their export 
parity price (as for natural gas). Our projections of the economic values of distillate 
(solar) and heavy fuel oil (mazout) start from projections of international prices for 
crude oil that are prepared by the EIA and shown in Table 44. 

International prices for mazout and solar are calculated relative to crude oil prices 
based on trends established over the period 2000 to the end of 2006. These 
international prices are then netted back to calculate the value of these products ex-
refinery. The resulting economic values of mazout and solar are shown in Table 45. 

Table 45  Economic values of mazout and solar 

 2010 2015 2020 2025 

Crude oil (US$/bbl) 51.2 44.6 46.5 49.6 

Mazout (HFO)     

International prices (US$/tonne) 265 235 244 257 

Economic value Egypt (US$/tonne) 215 185 194 207 

Economic value Egypt (US$/mmbtu) 5.4 4.7 4.9 5.2 

Solar (distillate)     

International prices (US$/tonne) 476 411 430 460 

International prices (US$/tonne) 426 361 380 410 

Economic value Egypt (US$/mmbtu) 10.7 9.1 9.6 10.3 

 

A2.6.3 Nuclear 

Nuclear fuel for any proposed nuclear units would be imported to Egypt and we 
have used the price of US$0.5/mmbtu that EEHC uses in its analysis. In our opinion 
this figure is a reasonable reflection of the cost of nuclear fuel.  

A2.7 Flexibility of Generating Plant 

During the peak load season which occurs during the summer months, the daily 
load curve has a pronounced valley during the early hours of the morning. As a 
result of this (and because of the water release restrictions on hydro electric plant), 
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thermal power plants have to significantly reduce their output during the valley 
periods.   

The existing steam turbine plants in Egypt are relatively inflexible and cannot 
reduce their output below 60% of their rated output without switching to manual 
control which the power plant operators do not wish to risk. Newly built steam 
turbine plant will be much more flexible and should have the ability to reduce 
output to 20% of rated output. 

EEHC is of the view that CCGT plant is not sufficiently flexible to load follow and 
therefore that CCGT plant is only suitable for base load operation.  For planning 
purposes EEHC currently limit the penetration of CCGT plant to 35% of the forecast 
peak demand.  A report  produced by ESB International suggests that EEHC is 
being unnecessarily conservative in this respect and that modern CCGT plant, if 
properly specified, is capable of load following albeit with an increased 
maintenance cost and a reduction in thermal efficiency. We have assumed for the 
purposes of the LRMC analysis that there is no constraint on the penetration of 
CCGT in the Egyptian system.  

The spinning reserve requirement for planning purposes is assumed to be 600 MW 
increasing to 750 MW in order to cover a failure of the largest generating unit on the 
system. 

A2.8 The EGEAS Generation Planning Software 

The least-cost generation investment plan is developed using EGEAS software. 

EGEAS107 is a modular generation expansion software package for use by utility 
planners to evaluate least-cost resource plans, environmental compliance plans, 
independent power producers, avoided costs, and plant life extension programmes. 

EGEAS contains four capacity analysis options, ranging from preliminary analysis 
tools based on screening curves to sophisticated non-linear analysis tools utilising a 
Generalised Bender's Decomposition algorithm and a Dynamic Programming 
algorithm.  A stand-alone, detailed probabilistic production costing algorithm is also 
available for production cost and reliability analysis.   

EGEAS' multiple analysis options are incorporated into a single control analysis 
programme that allows users to match the analysis option selected to a particular 
problem's requirements and complexity.  At the same time, the implementation of a 
flexible, modular, and extended data base common to all four analysis options 
simplifies the data input and maintenance and rules out input-related 
inconsistencies among the analysis options. 

                                                      
107 Source:  Inventory of Available Methods and Processes for Assessing the Benefits, Costs, and 
Impacts of Demand Side Options.  Volume 3 — Description and Review of Computer Tools for 
Integrated Planning.  SRC INTERNATIONAL INC 
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In addition to the two main methods (Generalised Bender's decomposition and 
dynamic programme), EGEAS has screening curve and pre-specified pathway 
capabilities.  The screening curve methodology can pre-screen a large number of 
capacity planning alternatives to eliminate non-economic alternatives.  The pre-
specified pathway option enables simulation of a given expansion plan. 

Data on four major areas are required to use EGEAS:  

 system demand,  

 generating units,  

 constraints, and  

 modelling options.   

System demand must be given in terms of hourly loads or load duration curves.  
Project peak loads and energy must also be supplied.  The required data for 
generating units include operating characteristics such as capacity, planned and 
forced outage rates, heat rate, fuel cost and type, and financial data such as 
construction costs, O&M expenses, rate base, CWIP, and depreciation.   

Hydro and storage plants require energy limits and generation/pumping efficiency.  
Non-dispatchable technologies require generation/load impacts on an hourly basis.  
When system interconnections are modelled, data must be supplied for the 
generating units of the pool or neighbouring system.  Up to ten systems are 
allowed.  Constraint data include targets for system reserve margin and reliability, 
minimum and maximum number of units to be built, and limitations on emissions 
and fuel.  The modelling option data determine the types of analysis to be 
performed. 

EGEAS develops optimum expansion plans in terms of two objective functions: 
Minimum worth of revenue requirements and minimum levelized average system 
rates (US$/MWh).  The output details the type, size, and installation date of each 
demand- or supply-side alternative.  EGEAS can handle non-dispatchable 
technologies such as solar, wind, run-of-the-river hydro, cogeneration, and demand-
side management programmes along with conventional alternatives such as fossil, 
combustion turbine, and nuclear.  Storage, hydroelectric, and other energy-limited 
generation can also be modelled. 

A2.9 Modelling hydro 

The production from hydro electric plants in Egypt is determined largely by the 
requirement for predetermined irrigation discharges.  With the significant increase 
in the installed capacity of thermal power plants required to meet the rapid load 
growth, the percentage of the system load met by hydro plant has been decreasing 
over the years and was just under 12% of the total in 2005/06.  The installed hydro 
electric capacity at the five power plants is just over 2,500 MW with the energy 
generated varying over the past 10 years from 12,200 GWh/annum to almost 
15,300 GWh/annum. 
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For the purposes of the EGEAS analysis, the scheduled output of the hydro plants is 
provided as a data input and EGEAS does not attempt to optimise hydro dispatch.  
The EGEAS inputs are configured such that there is 900 MW of hydro output 
available at the High Dam with an annual production of 6,000 GWh for base load 
operation with a further 1,205 MW and 4,111 GWh at the High Dam available for 
peaking duty.  A further 1,500GWh is assumed to be produced annually by Aswan 
1 and 2, and Esna Barrages. 

A2.10 Results 

EEHC staff have run the EGEAS model for three expansion scenarios for the 
purposes of the LRMC analysis: 

 A base case (with candidate plants consisting of OCGT, CCGT, steam 
turbine fired on gas, and nuclear);  

 An incremental (high) case with the load forecast advanced by 1 year 
relative to the base case; and 

 A third case in which the generation expansion plan is as per the 
incremental case and the load forecast is as per the base case. 

A2.10.1 The base case results – Run 1 

Given the above assumptions regarding fuel prices, non fuel operating costs and 
capital costs, EGEAS chooses only CCGT power plants for the least cost expansion 
programme.    

Table 46 shows the expansion programme and its cost for the base case, exclusive of 
plants that are already committed. 

Table 46  Generation investments – Run 1 

Year Capacity OCGT 

(MW) 

Capacity CCGT 

(MW) 

Investment cost 
(US$ mn. 

including IDC) 

2007/08 0 0 0 

2008/09 0 0 0 

2009/10 0 0 0 

2010/11 0 750 621 

2011/12 0 1,500 1,242 

2012/13 0 1,500 1,242 

2013/14 0 2,250 1,863 
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Year Capacity OCGT 

(MW) 

Capacity CCGT 

(MW) 

Investment cost 
(US$ mn. 

including IDC) 

2014/15 100 1,500 1,290 

2015/16 400 1,500 1,434 

2016/17 200 1,500 1,338 

2017/18 0 2,250 1,863 

2018/19 400 1,500 1,434 

2019/20 700 2,250 2,199 

2020/21 0 2,250 1,863 

2021/22 800 1,500 1,626 

Totals 2,600 20,250 18,015 

 

The base case expansion plan involves installing a total of 22,850 MW of new power 
plant (in addition to the committed plant) by 2022 at a total cost of 
US$18,015 million. This scale of gas-fired power plant development would, 
eventually, exhaust Egypt’s indigenous natural gas reserves and at some point 
could require the import of natural gas which would imply that the cost of natural 
gas would become higher than that described in Section A2.6.  

The above expansion plan results in the supply-demand situation (excluding wind 
energy capacity) that is illustrated in Figure 37 (note, the demand projections are 
provided in Table 39). 

Figure 37  Supply-demand balance, base case 
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The system operating costs derived from the EGEAS run for the base case are 
provided in Table 47. 

Table 47  System operating costs – Run 1 

Year Fuel 
(US$ mn.) 

Variable 
O&M 

(US$ mn.) 

Fixed O&M 
(US$ mn.) 

Energy not 
served 

(US$ mn.) 

Total 
(US$ mn.) 

2007/08 4,371 45 350 5 4,771 

2008/09 3,937 63 369 4 4,373 

2009/10 3,166 50 411 7 3,634 

2010/11 3,165 58 430 4 3,657 

2011/12 3,166 58 463 5 3,692 

2012/13 3,136 60 495 6 3,696 

2013/14 3,159 61 541 4 3,764 

2014/15 3,097 62 574 4 3,737 

2015/16 3,259 65 608 6 3,939 

2016/17 3,533 72 646 5 4,256 

2017/18 3,692 73 694 7 4,466 

2018/19 4,007 80 734 5 4,826 

2019/20 4,271 83 779 6 5,139 

2020/21 4,614 86 831 8 5,538 

2021/22 5,010 90 872 5 5,977 

 

A2.10.2 Run 2 

To create the incremental case, the demand forecast was advanced by one year from 
that in the base case (see Table 66 in Annex A6). Table 48 shows the expansion 
programme and its cost for the incremental case exclusive of plant that is already 
committed. 
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Table 48  Generation investments – Run 2 

Year Capacity OCGT 

(MW) 

Capacity CCGT 

(MW) 

Investment cost 
(US$ mn. 

including IDC) 

2007/08 0 0 0 

2008/09 0 0 0 

2009/10 0 1500 1,242 

2010/11 0 750 621 

2011/12 0 1500 1,242 

2012/13 0 2250 1,863 

2013/14 0 1500 1,242 

2014/15 0 2250 1,863 

2015/16 300 1500 1,386 

2016/17 300 1500 1,386 

2017/18 700 1500 1,578 

2018/19 500 1500 1,482 

2019/20 100 3000 2,532 

2020/21 800 1500 1,626 

2021/22 100 2250 1,911 

Totals 2,800 22,500 19,974 

 

An additional 2,250 MW of CCGT capacity and 200MW of OCGT is built relative to 
the base case at an incremental capital cost of US$1,961 million. 

The operating costs derived from the EGEAS run for the incremental case are 
provided in Table 49. 
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Table 49  System operating costs – Run 2 

Year Fuel 
(US$ mn.) 

Variable 
O&M 

(US$ mn.) 

Fixed O&M 
(US$ mn.) 

Energy not 
served 

(US$ mn.) 

Total 
(US$ mn.) 

2007/08 4,805 55 350 131 5,341 

2008/09 4,307 74 369 22 4,773 

2009/10 3,343 51 436 4 3,834 

2010/11 3,346 58 456 10 3,870 

2011/12 3,357 59 489 6 3,911 

2012/13 3,286 60 535 4 3,885 

2013/14 3,354 62 567 8 3,991 

2014/15 3,259 63 614 4 3,939 

2015/16 3,430 66 648 8 4,151 

2016/17 3,722 73 687 5 4,487 

2017/18 3,928 76 723 5 4,733 

2018/19 4,260 83 764 4 5,111 

2019/20 4,507 85 821 7 5,420 

2020/21 4,895 89 861 4 5,850 

2021/22 5,302 93 915 4 6,314 

 

It is noted that the cost of unserved energy is very significant in 2007/08 as a 
consequence of increasing the demand forecast when the reserve margin is already 
tight.   

A2.10.3 Run 3 

For the third case the generation expansion programme is as per the incremental 
case while the demand forecast is as per the base case. 

The operating costs derived from the EGEAS run for the third case are provided in 
Table 50. 
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Table 50  System operating costs – Run 3 

Year Fuel (US$ mn.) Variable O&M 
(US$ mn.) 

Energy not served 
(US$ mn.) 

2007/08 4,371 45 5 

2008/09 3,937 63 4 

2009/10 3,049 47 3 

2010/11 3,060 55 4 

2011/12 3,072 56 3 

2012/13 3,016 56 3 

2013/14 3,086 58 3 

2014/15 3,012 60 3 

2015/16 3,179 62 3 

2016/17 3,461 68 4 

2017/18 3,657 72 7 

2018/19 3,976 78 5 

2019/20 4,218 79 4 

2020/21 4,592 84 5 

2021/22 4,957 86 3 
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A3 Transmission and distribution 

A3.1 Transmission investment 

EEHC provided data on historical and projected transmission investment costs and 
associated load growth in order to allow the calculation of the marginal costs of 
transmission by voltage. For the Egyptian networks 500 kV, 220 kV, 132 kV, 66 kV 
and 33 kV are considered to be transmission voltages while 22 kV, 11 kV and low 
voltage are distribution voltages. The transmission voltages are defined as follows: 

Extra High Voltage (EHV): 500 kV 

Very High Voltage (VHV): 220 kV and 132 kV 

High Voltage (HV): 66 kV an 33 kV 

 

Major transmission planned projects include a 500 kV ring from Cairo to Alexandria 
and a reinforcement of the existing interconnection to Jordan.  There are significant 
reactive power problems on the transmission network as a result of a heavily loaded 
network having insufficient capacitive compensation.  In addition, there are a 
number of significant constraints on the existing transmission network. 

The investment programme allocated to each of the voltage levels, including both 
new investments, ‘completed’ projects that relate to demand growth over the period 
2002-2007 and extensions to existing lines or substations, is provided in Table 51 to 
Table 53 below. The costs used in the analysis, in US$, are detailed in Section 6.5. 

Table 51  EHV lines and EHV/VHV substation investments (LE£ ‘000) 

 EHV (500 kV) lines EHV/VHV s/s 

 Total Foreign Local Total Foreign Local 

2002/03 87,306 0 87,306 118,255 16,845 101,410 

2003/04 34,992 0 34,992 44,259 6,305 37,955 

2004/05 57,661 0 57,661 59,388 8,460 50,929 

2005/06 55,801 0 55,801 78,034 11,116 66,918 

2006/07 83,702 0 83,702 69,010 9,830 59,180 

2007/08 50,000 10,000 40,000 35,000 23,500 11,500 

2008/09 218,000 130,000 88,000 92,150 70,000 22,150 

2009/10 550,000 0 550,000 200,000 17,000 183,000 
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 EHV (500 kV) lines EHV/VHV s/s 

 Total Foreign Local Total Foreign Local 

2010/11 400,000 0 400,000 65,000 0 65,000 

2011/12 25,000 0 25,000 140,000 70,000 70,000 

2012/13 0 0 0 0 0 0 

2013/14 816,000 0 816,000 385,000 0 385,000 

2014/15 0 0 0 0 0 0 

2015/16 0 0 0 200,000 0 200,000 

2016/17 612,000 0 612,000 150,000 0 150,000 

Note: EHV and VHV line and substation costs were combined from 2002-07 and are allocated in the 
above table to EHV and VHV pro-rata with the share in the subsequent years.  

Table 52  VHV lines and VHV/HV substation investments (LE£ ‘000) 

 VHV lines and cables VHV/HV s/s 

 Total Foreign Local Total Foreign Local 

2002/03 100,444 0 100,444 327,283 45,866 281,417 

2003/04 40,258 0 40,258 122,491 17,166 105,325 

2004/05 66,339 0 66,339 164,362 23,034 141,328 

2005/06 64,199 0 64,199 215,966 30,266 185,700 

2006/07 96,298 0 96,298 190,990 26,766 164,225 

2007/08 213,950 0 213,950 253,100 65,500 187,600 

2008/09 320,500 17,000 303,500 296,750 203,000 93,750 

2009/10 322,500 0 322,500 325,300 71,000 254,300 

2010/11 336,000 0 336,000 254,000 78,000 176,000 

2011/12 203,000 0 203,000 322,800 104,000 218,800 

2012/13 320,000 0 320,000 85,000 0 85,000 

2013/14 27,000 0 27,000 570,000 0 570,000 
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 VHV lines and cables VHV/HV s/s 

 Total Foreign Local Total Foreign Local 

2014/15 282,000 0 282,000 375,000 0 375,000 

2015/16 510,000 0 510,000 770,000 0 770,000 

2016/17 538,000 0 538,000 255,000 0 255,000 

Note: EHV and VHV line and substation costs were combined from 2002-07 and are allocated in the 
above table to EHV and VHV pro-rata with the share in the subsequent years.   

A3.2 Transmission costs used in the LRMC analysis 

The cost streams for each transmission voltage over the period to 2017 are shown in 
Table 53 below.  

Table 53  HV lines and HV/MV substation investments (LE£ ‘000) 

 HV lines and cables HV/MV s/s 

 Total Foreign Local Total Foreign Local 

2002/03 30,000 0 30,000 141,700 0 141,700 

2003/04 46,000 0 46,000 134,500 0 134,500 

2004/05 41,000 0 41,000 73,000 0 73,000 

2005/06 18,000 0 18,000 70,000 0 70,000 

2006/07 16,000 0 16,000 85,000 0 85,000 

2007/08 131,500 0 131,500 170,650 0 170,650 

2008/09 194,500 0 194,500 342,000 0 342,000 

2009/10 201,000 0 201,000 415,000 0 415,000 

2010/11 121,000 0 121,000 113,000 0 113,000 

2011/12 157,000 0 157,000 265,000 0 265,000 

2012/13 50,000  50,000 277,000  277,000 

2013/14 227,500  227,500 483,000  483,000 

2014/15 103,000  103,000 462,000  462,000 

2015/16 167,000  167,000 451,000  451,000 

2016/17 220,000  220,000 623,000  623,000 
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Table 54  Investment costs used in AIC transmission calculation (US$ million) 

Year EHV VHV HV 

2003 15  38  63  

2004 6  15  30  

2005 10  22  36  

2006 10  25  41  

2007 15  29  36  

2008 9  44  66  

2009 38  72  99  

2010 96  92  92  

2011 70  70  66  

2012 4  60  84  

2013 0  56  24  

2014 143  72  140  

2015 0  49  84  

2016 0  124  164  

2017 107  120  83  

 

A3.3 Distribution investment 

EEHC provided data on distribution investment costs together with the associated 
load growth for each of the seven distribution companies. Distribution voltages are 
defined as: 

Medium Voltage (MV): 6.6 kV to 22 kV 

Low Voltage (LV): below 1 kV (typically 380/220 kV) 

 

The investment costs were divided between MV and LV networks. In order to 
estimate marginal costs by voltage, we aggregated the investment cost data 
provided by the distribution companies. This is shown in Table 55. 
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Table 55  Distribution investment 

Year MV LV 

 LE thousand US$ million LE thousand US$ million 

2001/02 238,182 41.7 80,978 14.2 

2002/03 326,197 57.1 95,397 16.7 

2003/04 357,501 62.6 98,540 17.3 

2004/05 882,192 154.5 99,219 17.4 

2005/06 448,146 78.5 140,983 24.7 

2006/07 505,978 88.6 150,677 26.4 

2007/08 484,171 84.8 168,728 29.5 

2008/09 509,664 89.3 177,237 31.0 

2009/10 507,873 88.9 171,101 30.0 

2010/11 562,398 98.5 184,549 32.3 

2011/12 558,585 97.8 145,213 25.4 

2012/13 587,608 102.9 153,260 26.8 

 

The peak demand provided was the aggregate peak demand for each of the 
distribution networks. For the purposes of calculating marginal costs we split this 
between MV and LV according to assumptions on losses and consumption by 
consumers connected at MV in each year (see Section 6.5).  

A3.4 Distribution costs used in the LRMC analysis 

The cost stream for the two distribution voltages over the period to 2013 is shown in 
Table 56 below. 

Table 56  Investment costs used in AIC distribution calculation (US$ million) 

Year MV LV 

2002 42 14 

2003 82 17 

2004 86 17 
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Year MV LV 

2005 167 17 

2006 91 25 

2007 103 26 

2008 115 30 

2009 149 31 

2010 162 30 

2011 118 32 

2012 144 25 

2013 151 27 

 

A3.5 Sales, losses and peak load on the network 

The load growth associated with this network investment is shown in Table 57. The 
GWh sales were converted to MW demand at each voltage.  

Table 57  Sales by voltage (GWh) 

Year 500, 220 
& 132 kV 

66 kV MV LV Losses Total 
(gross) 

2002 9,651 4,857 11,998 42,741 13,756 83,003 

2003 10,330 5,199 12,842 45,749 14,724 88,951 

2004 11,167 5,521 13,591 49,362 15,272 94,913 

2005 11,994 5,769 14,901 52,426 15,908 100,996 

2006 12,725 6,134 16,265 56,931 16,313 108,368 

2007 13,612 6,562 17,400 60,901 17,398 115,873 

2008 14,507 6,993 18,544 64,906 18,115 123,066 

2009 15,482 7,463 19,790 69,268 19,211 131,215 

2010 16,485 7,947 21,072 73,755 20,331 139,591 

2011 17,557 8,463 22,442 78,550 21,526 148,539 
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Year 500, 220 
& 132 kV 

66 kV MV LV Losses Total 
(gross) 

2012 18,661 8,996 23,854 83,491 22,750 157,751 

2013 19,830 9,559 25,347 88,720 24,040 167,496 

2014 21,035 10,140 26,888 94,112 25,364 177,539 

2015 22,302 10,751 28,507 99,779 26,750 188,088 

2016 23,608 11,380 30,177 105,623 28,171 198,960 

2017 24,974 12,039 31,922 111,732 29,652 210,318 

 

Average and peak losses by voltage are shown in Table 58 and Table 59 
respectively. 

Table 58  Average losses at each voltage level (% of incoming) 

Year Station 
use 

EHV VHV HV MV LV 

2002 3.5% 0.9% 1.3% 2.8% 4.1% 9.8% 

2003 3.5% 0.9% 1.3% 2.8% 4.1% 9.8% 

2004 3.4% 0.8% 1.3% 2.7% 4.0% 9.5% 

2005 3.3% 0.8% 1.2% 2.7% 3.9% 9.3% 

2006 3.2% 0.8% 1.2% 2.5% 3.7% 8.8% 

2007 3.2% 0.8% 1.2% 2.5% 3.7% 8.8% 

2008 3.1% 0.8% 1.2% 2.5% 3.6% 8.6% 

2009 3.1% 0.8% 1.2% 2.5% 3.6% 8.6% 

2010 3.1% 0.8% 1.1% 2.5% 3.6% 8.5% 

2011 3.0% 0.8% 1.1% 2.4% 3.5% 8.5% 

2012 3.0% 0.8% 1.1% 2.4% 3.5% 8.4% 

2013 3.0% 0.8% 1.1% 2.4% 3.5% 8.4% 

2014 3.0% 0.8% 1.1% 2.4% 3.5% 8.3% 

2015 3.0% 0.7% 1.1% 2.4% 3.5% 8.3% 
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Year Station 
use 

EHV VHV HV MV LV 

2016 3.0% 0.7% 1.1% 2.4% 3.5% 8.3% 

2017 3.0% 0.7% 1.1% 2.4% 3.4% 8.2% 

 

Table 59  Peak losses at each voltage level (% of incoming) 

Year Station 
use 

EHV VHV HV MV LV 

2002 3.5% 1.1% 1.6% 3.5% 5.4% 13.0% 

2003 3.5% 1.1% 1.7% 3.5% 5.5% 13.1% 

2004 3.4% 1.0% 1.6% 3.3% 5.1% 12.2% 

2005 3.3% 1.0% 1.5% 3.3% 5.0% 12.0% 

2006 3.2% 1.0% 1.5% 3.2% 4.9% 11.6% 

2007 3.2% 1.0% 1.5% 3.2% 4.9% 11.6% 

2008 3.1% 1.0% 1.4% 3.1% 4.8% 11.4% 

2009 3.1% 1.0% 1.4% 3.1% 4.7% 11.3% 

2010 3.1% 1.0% 1.4% 3.1% 4.7% 11.2% 

2011 3.0% 0.9% 1.4% 3.0% 4.7% 11.2% 

2012 3.0% 0.9% 1.4% 3.0% 4.6% 11.1% 

2013 3.0% 0.9% 1.4% 3.0% 4.6% 11.0% 

2014 3.0% 0.9% 1.4% 3.0% 4.6% 11.0% 

2015 3.0% 0.9% 1.4% 3.0% 4.6% 10.9% 

2016 3.0% 0.9% 1.4% 3.0% 4.5% 10.8% 

2017 3.0% 0.9% 1.4% 2.9% 4.5% 10.8% 

 

The peak loads carried by each of the networks is shown in Table 60. 
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Table 60  Peak loads on each of the networks (MW) 

Year EHV VHV HV MV LV 

2002 12,749 12,540 10,917 9,768 7,399 

2003 13,778 13,550 11,806 10,565 8,006 

2004 14,116 13,895 12,062 10,810 8,233 

2005 15,033 14,803 12,848 11,541 8,776 

2006 16,620 16,373 14,292 12,891 9,876 

2007 17,775 17,512 15,286 13,790 10,568 

2008 18,885 18,611 16,252 14,675 11,276 

2009 20,120 19,830 17,317 15,640 12,025 

2010 21,404 21,097 18,425 16,644 12,806 

2011 22,755 22,431 19,590 17,700 13,626 

2012 24,164 23,822 20,806 18,804 14,484 

2013 25,642 25,280 22,080 19,959 15,382 

2014 27,167 26,786 23,396 21,153 16,311 

2015 28,751 28,350 24,762 22,392 17,274 

2016 30,393 29,971 26,178 23,677 18,274 

2017 32,093 31,650 27,643 25,006 19,309 

 

 

A4 Existing power plants (2007/08) 

Table 61  Existing power plants (2007/08) 

 Unit name Rated capacity (MW) 

1 Wind 2008 80 

2 Wind 2000 65 

3 Wind 2005 45 

4 Wind 2004 30 

5 Wind 2007 40 
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 Unit name Rated capacity (MW) 

6 Wind 2006 45 

7 Nubaria CC1 750 

8 Nubaria CC2 750 

9 Port Said East 1 341 

10 Port Said East 2 341 

11 Suez Gulf 1 BOOT 341 

12 Suez Gulf 2 BOOT 341 

13 Assuit  Ext.2 312 

14 Assuit  Ext.1 312 

15 Kurimat  1 627 

16 Kurimat  2 627 

17 Assuit 1 30 

18 Assuit 2 30 

19 Assuit 3 30 

20 Mahmoudia CC 1 159 

21 Mahmoudia CC 2 159 

22 SIDI KRIR 3 BOOT 341 

23 SIDI KRIR 4 BOOT 341 

24 Damanhour CC 157 

25 Cairo South CC 1 165 

26 Cairo North CC 1 750 

27 Ayoun Mousa 1 320 

28 Ayoun Mousa 2 320 

29 Cairo West Ext.2 330 

30 Cairo West Ext.1 330 

31 El Arish 1 33 

32 El Arish 2 33 

33 Damietta CC 2 400 

34 Damietta CC 1 400 

35 Damietta CC 3 400 

36 Attaka   3 300 

37 Attaka   4 300 

38 Attaka   1 150 

39 Attaka   2 150 

40 Shoubra  1 315 

41 Shoubra  2 315 

42 Sidi Krir 1 320 

43 Sidi Krir 2 320 

44 Talkha  Ext.1 210 

45 Cairo South CC 2 190 
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 Unit name Rated capacity (MW) 

46 Shoubra  3 315 

47 Cairo South CC 3 190 

48 Cairo South CC 4 190 

49 Shoubra  4 315 

50 Talkha  Ext.2 210 

51 ASWAN 2 HYDRO 270 

52 Damanhour Ext. 300 

53 ASWAN 1 HYDRO 322 

54 Talkha CC2 145 

55 ESNA BARRAGES 86 

56 Abu Qir  3 150 

57 Abu Qir  2 150 

58 Naga Hamady2008 64 

59 Abu Qir  4 150 

60 HIGH DAM HYDRO 900 

61 HIGH DAM HYDRO 1200 

62 Cairo North C.C 2 750 

63 Talkha C.C3 750 

64 Kurimat2.C.C 750 

65 Abu Qir  1 150 

66 Abu Qir  5 311 

67 Talkha CC1 145 

68 Abu Soltan 1 150 

69 Abu Soltan 2 150 

70 Abu Soltan 3 150 

71 Abu Soltan 4 150 

72 Cairo West 2 88 

73 Kafr Dawar 1 110 

74 Kafr Dawar 2 110 

75 Kafr Dawar 3 110 

76 nagahamadi 5 

77 Cairo West 4 88 

78 Cairo West 1 88 

79 Damanhour1 65 

80 El Shabab 1 (G) 33 

81 El Shabab 2 (G) 33 

82 El Shabab 3 (G) 33 

83 Damanhour3 65 

84 Kafr Dawar 4 110 

85 Damanhour 2 65 
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 Unit name Rated capacity (MW) 

86 Port Said 2 (G) 24 

87 Port said 3 (G) 25 

88 Marsa Matrouh 2 30 

89 Port Said 1 (G) 24 

90 Cairo West 3 88 

91 Abu Kir GT 24 

92 Wadi Houf  1 33 

93 Wadi Houf  3 33 

94 Wadi Houf  2 33 

95 El-Suif 6 (GAS) 33 

96 Mahmoudia G 2 50 

97 Mahmoudia G 1 50 

98 El-Suif 7 (GAS) 33 

99 El-Suif 4 (GAS) 33 

100 Marsa Matrouh 1 30 

101 El-Suif 5 (GAS) 33 

102 El-Suif 2 (GAS) 33 

103 El-Suif 3 (GAS) 33 

104 Herghada 143 

105 Karmoz (G) 12 

106 Sharm El-sheikh 178 

107 Karmouz 2(GT) 11 
Key: 
CC = Combined Cycle Gas Turbine 
GT = Gas Turbine 
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A5 Review of CCGT capital costs 

As a comparison with the CCGT capital costs assumed by EEHC, the Commission 
for Energy Regulation in Ireland publishes a “Best New Entrant” price for CCGT 
plant on an annual basis108.  At the time of the least-cost planning studies, the most 
recent CAPEX figures available from CER for a 400 MW CCGT109 are those provided 
in Table 62 below.   

The CER analysis is based upon the costs faced by a prospective IPP developer and 
thus not all of the cost elements in Table 62 are applicable to EEHC.  However, the 
total cost of €703/kW for CCGT plant provides a useful benchmark.  At the time of 
the analysis provided in Table 62, the $/€ exchange rate was around 0.84 which 
would yield a capital cost of US$837/kW.  If the IDC of around 12% is excluded 
from this figure it yields $738/kW which is very similar to EEHC’s figure in Table 
41 of $745/kW. 

Table 62  “Best New Entrant” cost for a CCGT plant 

Cost item (€ ‘000) 

Site procurement  7,182  

Pre financial close costs   

Project developer's cost  6,641  

EIA  349  

Engineering  629  

Financial and legal costs  3,332  

Total  10,951  

Post financial close costs   

E.P.C. Contract   

Plant  159,060  

Civil Works  15,429  

Engineering  11,134  

Contingency  9,281  

                                                      
108 CER Decision Paper 06148 Best New Entrant Price 2007: 
(http://www.cer.ie/GetAttachment.aspx?id=d18c69bc-278c-4d29-ad96-ad19c062c938)   

109 Single shaft CCGT power station with capacity of 401 MW 
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Cost item (€ ‘000) 

Interconnections   

Electrical interconnection  2,338  

Gas interconnection  4,893  

Total  202,135  

Other costs   

Owner engineering, project management  6,064  

O&M mobilization  4,043  

Contingencies  10.107  

Spares  5,053  

Cost of IDC  24,936  

Total  50,203  

Trading Losses during Construction  3,000  

TOTAL INVESTMENT COST  273,471  

Exported MW  389  

Total investment cost exported  €703/kW  
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A6 Inputs and outputs of the LRMC analysis 

Table 63  Costs – Run 1 

Year
Capital fixed 

charges Fuel Var. O&M Fixed O&M ENScst Total

2008 0 4,371 45 350 5 4,771
2009 0 3,937 63 369 4 4,373
2010 0 3,166 50 411 7 3,634
2011 52 3,165 58 430 4 3,709
2012 156 3,166 58 463 5 3,848
2013 354 3,136 60 495 6 4,051
2014 604 3,159 61 541 4 4,369
2015 807 3,097 62 574 4 4,544
2016 1,023 3,259 65 608 6 4,961
2017 1,230 3,533 72 646 5 5,486
2018 1,480 3,692 73 694 7 5,946
2019 1,696 4,007 80 734 5 6,522
2020 1,977 4,271 83 779 6 7,116
2021 2,227 4,614 86 831 8 7,766
2022 2,461 5,010 90 872 5 8,438

Costs ($ million)

 

Table 64  Costs – Run 2 

Year
Capital fixed 

charges Fuel Var. O&M Fixed O&M ENScst Total

2008 0 4,805 55 350 131 5,341
2009 0 4,307 74 369 22 4,772
2010 104 3,343 51 436 4 3,938
2011 156 3,346 58 456 10 4,026
2012 260 3,357 59 489 6 4,171
2013 510 3,286 60 535 4 4,395
2014 708 3,354 62 567 8 4,699
2015 958 3,259 63 614 4 4,898
2016 1,170 3,430 66 648 8 5,322
2017 1,381 3,722 73 687 5 5,868
2018 1,611 3,928 76 723 5 6,343
2019 1,831 4,260 83 764 4 6,942
2020 2,138 4,507 85 821 7 7,558
2021 2,372 4,895 89 861 4 8,221
2022 2,626 5,302 93 915 4 8,940

Costs ($ million)
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Table 65  Costs – Run 3 

Year
Capital fixed 

charges Fuel Var. O&M Fixed O&M ENScst Total

2008 0 4,371 45 350 5 4,771
2009 0 3,937 63 369 4 4,373
2010 104 3,049 47 436 3 3,639
2011 156 3,060 55 456 4 3,731
2012 260 3,072 56 489 3 3,880
2013 510 3,016 56 535 3 4,120
2014 708 3,086 58 567 3 4,422
2015 958 3,012 60 614 3 4,647
2016 1,170 3,179 62 648 3 5,062
2017 1,381 3,461 68 687 4 5,601
2018 1,611 3,657 72 723 7 6,070
2019 1,831 3,976 78 764 5 6,654
2020 2,138 4,218 79 821 4 7,260
2021 2,372 4,592 84 861 5 7,914
2022 2,626 4,957 86 915 3 8,587

Costs ($ million)

 

Table 66  Demand and incremental demand 

Run 1

Incremental 
demand (Qt-

Qt-1))

Incremental 
demand (Qt-Qt-

1)) Run 2

Increm-
ental 

demand 
(∆D)

Incremental 
demand 
(∆GWh)

MW MW growth rate GWh GWh MW GWh MW GWh
2008 19,640 123,066 20,920 131,215 1,280 8,149
2009 20,920 1,280 6.5% 131,215 8,149 22,250 139,591 1,330 8,376
2010 22,250 1,330 6.4% 139,591 8,376 23,650 148,539 1,400 8,948
2011 23,650 1,400 6.3% 148,539 8,948 25,110 157,751 1,460 9,212
2012 25,110 1,460 6.2% 157,751 9,212 26,640 167,496 1,530 9,745
2013 26,640 1,530 6.1% 167,496 9,745 28,220 177,539 1,580 10,043
2014 28,220 1,580 5.9% 177,539 10,043 29,860 188,088 1,640 10,549
2015 29,860 1,640 5.8% 188,088 10,549 31,560 198,960 1,700 10,872
2016 31,560 1,700 5.7% 198,960 10,872 33,320 210,318 1,760 11,358
2017 33,320 1,760 5.6% 210,318 11,358 35,140 222,019 1,820 11,701
2018 35,140 1,820 5.5% 222,019 11,701 37,020 234,190 1,880 12,171
2019 37,020 1,880 5.4% 234,190 12,171 38,960 246,721 1,940 12,531
2020 38,960 1,940 5.2% 246,721 12,531 40,960 259,709 2,000 12,988
2021 40,960 2,000 5.1% 259,709 12,988 43,020 273,069 2,060 13,360
2022 43,020 2,060 5.0% 273,069 13,360 45,130 287,670 2,110 14,601  
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A7 International studies on demand elasticity 

Much of the recent interest in customer response to TOU tariffs has arisen in 
relation to Real-Time Pricing (RTP) that can, with new, sophisticated, metering 
technology, be used even for residential consumers. This interest relates to the 
passing through of spot market prices to consumers in real time. Even though this is 
not yet applicable in Egypt, the evidence from these studies of the customer 
response to TOU tariffs remains extremely valuable. 

We note that most of the studies discussed below are experimental RTP or critical-
peak pricing (CPP) studies and they are, naturally, voluntary. Moreover, the 
elasticities refer specifically to the response by those participating in the TOU tariff 
scheme; this response is not diluted by those who were offered the TOU option and 
refused. This has important implications since the elasticities will be higher 
compared to a voluntary scheme where the elasticity captures both the participation 
rate and the change in load pattern. It also differs from mandatory schemes where 
the elasticity reflects 100% participation but a smaller percentage of these will adapt 
their load pattern than will customers willingly participating in a voluntary scheme. 

Generally two types of elasticities are discussed in relation to TOU and peak load 
pricing. The terms used in the papers tend to vary but the concepts are the same: 

 Own price elasticity or sometimes just referred to as demand price 
elasticity describes the change in demand relating to an increase in the 
price in the same period. Own price elasticity is always assumed to be 
negative. 

 Cross-price elasticity or substitution elasticity refers to a change in the 
demand in one period to the price change in another period. Both are 
equally relevant when evaluating customer responses to time-of-use 
pricing. Cross price elasticity tends to be positive.  

A7.1 US State Department survey 

In the 2006 report by the US state department, ‘Benefits of Demand Response in 
Electricity Markets and Recommendations for Achieving Them’, the authors 
summarise the findings of major studies that have been undertaken in the United 
States since the mid 1970s. The elasticity ranges reported are both for residential and 
small customers and more relevantly for Egypt, also for large and industrial 
customers. The latter are usually based on studies that examined customers’ 
response to real-time pricing (RTP).  

A 2002 day-ahead RTP study of medium and large customers (>200 kW) in Georgia, 
United States, surveyed a population of about 1,600 customers. Elasticities were 
estimated for seven different customer segments at four different price levels 
ranging from US$0.15 to US$1.00. The resulting own-price elasticity ranged from -
0.01 to -0.28. A similar study undertaken in the United Kingdom in 2001 on 
customers with load requirements of at least 100 kW (most with peak demand 
>1MW) calculated own price elasticities for five different customer segments. The 
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own price elasticity ranged from -0.01 to -0.27, very similar to the findings in the 
United States a year later.  

Two separate studies on large customers (>1 MW) in 2004 and 2005 in the 
Southwest of the United States and South East (North and South Carolina) 
respectively surveyed about 50 customers each . The 2004 study of the Southwest 
reports cross price elasticities of 0.10 to 0.27 whereas the 2005 study reports own 
price elasticities ranging from -0.01 to -0.38. 

A study on large customers (> 2MW) in New York State in 2005 showed cross-price 
elasticities ranging from 0.02 to 0.16 with an average of 0.11. The study also found 
that individual customer elasticities varied substantially within sectors, such that 
some manufacturing customers for example were either highly responsive or not 
responsive at all.  

Table 67  Elasticity Summary: United States and United Kingdom 

Target 
market/Year 

Region (Utility) Own elasticity Substitution elasticity 

Residential, 1970s U.S (utilities in 
five states) 

N/A 0.14 (0.07-0.21) 

Residential & 
Small, 2003 

U.S and 
international 
(various utilities) 

-0.3 (average of 35 
studies), range of  -

0.1 to -0.08 

Not available 

Residential, 2005 California (PGE, 
SCE, SDG&E), U.S 

N/A 0.09 (summer months), 
range of 0.04-0.13 

Residential, 2005 Illinois, U.S -0.04 average 
(2003), -0.08 

average (2004), -
0.05 to -0.12 across 
different segments 

(2004) 

Not available 

Med/Large, 2002 Georgia, U.S -0.01 to -0.28 Not available 

Med/Large,  2001 Midlands, U.K -0.01 to -0.27 Not available 

Large, 2005 North and South 
Carolina, U.S 
(Duke Power) 

-0.01 to -0.38 Not available 
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Target 
market/Year 

Region (Utility) Own elasticity Substitution elasticity 

Large, 2004 Southwest, U.S 
(Central and 
Southwest 
Services) 

N/A 0.10-0.27 

Large, 2005 New York 
(Niagara Mohawk) 

N/A 0.11 (range 0.02 to 0.16) 

Source: U.S. Department of Energy, ‘Benefits of Demand Response in Electricity Markets and Recommendations for 
Achieving Them’, A Report to the United States Congress pursuant to Section 1252 of the Energy Policy Act of 2005. 

A7.2 EPRI study for California 

A 2001 study by the Electric Power Research Institute (EPRI) measured the customer 
response to electricity prices in California110. The report details the results of 
dozens of price response studies with the goal of using them to forecast prices as 
well as loads, revenues and publicising the benefits of time-varying prices. Most 
relevant for Egypt, it describes own-price elasticities and elasticities of 
substitution.  

The study reports on the results from various other studies, reports and papers 
from trade and academic journals, utility and EPRI’s own studies, regulatory 
filings, and conference proceedings. The three Tables below briefly summarise 
the findings.  

Table 68  Own-price elasticities in the industrial sector 

Study Time period Short-run 
elasticity 

Long-run 
elasticity 

Asher and 
Habermann (1978) 

1971-1975 -0.20 -0.74 

Baughman and 
Zerhoot (1975) 

1968-1972 -0.11 -1.28 

Chang and Chern 
(1981) 

1959-1976 -0.61 -1.14 

Chern et al (1980) 1955-1976 -0.04 to -0.39 -0.1 to -0.6 

Chern, Just an 
Change (1982) 

1955-1976 -0.5 -1.17 

                                                      
110 Source: ‘Customer Response to Electricity Prices: Information to Support Wholesale Price Forecasting and 
Market Analysis’, Steven Braithwait, et al, Christensen Associates, Electric Power Research Institute 
Report No. 1005945 (2001) 
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Study Time period Short-run 
elasticity 

Long-run 
elasticity 

Charles River 
Associates (1976) 

1958-1973 -0.10 -1.02 

DOE (1978) 1960-1975 -0.17 -0.75 

Elkhafif (1992) 1963-1990 -0.15 -0.70 

Griffin (1974) 1951-1971 -0.04 -0.51 

Halvorsen (1978) 1969 n/a -1.24 

Moghimimzadeh 
and Kymn (1986) 

1959-1977 n/a -0.63 

Mount, Chapman 
and Tyrell (1973) 

1946-1970 -0.20 -1.79 

Uri (1976a) 1961-1973 -0.35 -0.70 

Uri (1976b) 1971-1975 -0.12 -0.12 

Woodland (1993) 1977-1985 n/a -1.4 

 

Table 69  Industry long-run own-price elasticity 

Industry (SIC codes in brackets) Own-price elasticity 

Food (20) -0.48 

Textile Mill Products (22) -0.69 

Apparel, Other Textiles (23) -0.49 

Lumber and Wood Products -0.25 

Furniture and Fixtures (25) -0.90 

Paper and Allied Products (26) -0.45 

Printing and Publishing (27) -0.31 

Chemicals, Allied Products (28) -1.51* 

Petroleum and Coal Products (30) -1.18* 

Rubber, Misc. Plast. Products (30) -0.44 

Leather and Leather Products (31) -0.34 
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Industry (SIC codes in brackets) Own-price elasticity 

Stone, Clay and Glass Products (32) -0.46 

Primary Metal Industries (33) -1,72* 

Fabricated Metal Products (34) -1.46* 

Machinery, Except Electrical (35) -1.29* 

Electrical Equipment and Supplies (36) -0.53* 

Transportation and Equipment (37) -0.47 

Instruments and Related Products (38) -0.23 

Miscellaneous Manufacturing Industries (39) -0.37 

*significant at the 5% level 

Table 70  Industry long-run own-price elasticity 

Industry Average own-price elasticity 

Electric Intensive (SICs 22,26,28,29,32,33) -1.01 

Moderately Intensive (SICs 20, 30,34-37) -0.78 

Non-electric Intensive (SICs 21, 23-25, 27, 31, 38, 39) -0.41 

 

A7.3 Middle-East study 

A study111 in the Middle East dated 1994 reports own price elasticity results (but not 
substitution elasticities) from a time of use electricity pricing experiment in the 
industrial and commercial sector (small and medium customers). About 460 
businesses were part of the survey which took place between 1990 and 1992. The 
TOU tariff they faced was mandatory. They were compared to a control group that 
faced a standard (uniform throughout the day) tariff. The sample included 
customers in the agriculture, industry, water pumping, public and community 
services and commercial sectors.  

The study tested different price ratios and experimented with two and three price 
settings throughout the day.  Table 71 and Table 72 below summarise the findings.  

                                                      
111 The Response of Small and Medium-Size Business Customers to Time-of-Use (TOU) Electricity 
Rates in Israel, D. J. Aigner, et al., Journal of Applied Econometrics, Vol. 9., No. 3. (1994) 
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Table 71  Estimated own price elasticities using two prices 

Price ratio Winter Summer Spring/autumn 

1:1 -0.158/-0.013 -0.110/0.000 -0.011/-0.034 

6:1 -0.054/-0.045 0.000/-0.001 -0.005/-0.69 

8:1 -0.057/-0.049 0.000/-0.001 -0.004/-0.076 

 

Table 72  Estimated own price elasticities using three prices 

Price ratio Winter Summer Spring/autumn 

1:1 -0.412/-0.172/-0.044 -0.012/-0.072/-0.079 -0.015/-0.047 

2:1 -0.367/-0.237/-0.021 -0.008/-0.076/-0.081 -0.010/-0.063 

4:1 -0.342/-0.233/-0.028 -0.007/-0.070/-0.088 -.0.012/-0.060 

8:1 -0.306/-0.239/-0.075 -0.006/-0.061/-0.116 -0.007/-0.093 

Source: The Response of Small and Medium-Size Business Customers to Time-of-Use (TOU) Electricity Rates in 
Israel, D. J. Aigner, et al., Journal of Applied Econometrics, Vol. 9., No. 3. (1994) 

The paper shows that the elasticities vary with the price ratios. 

A7.4 Saudi Arabia 

A review of the newly implemented TOU tariff program by the Saudi Electricity 
Company (SEC) prepared by EEHC shows the following results for its first year 
(2006) of implementation:  

 The cross price elasticity for industrial customers ranges from 0.03 to 
0.47 (average 0.18) 

 The cross price elasticity for non-industrial customers such as shops and 
buildings ranges from 0.01 to 0.33 (average 0.19) 

A7.5 International survey 

A study prepared for the World Bank by Charles River Associates in 2006, presents 
elasticity values associated with a selection of past studies of either critical-peak 
pricing (CPP) or real-time pricing (RTP).  
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Table 73  Elasticities and impacts 

Rate Region Segment Substitution 
elasticity 

Impact on 
Peak Price 
Elasticity 

Consumption 

CPP California Residential -0.08 -27% 

CPP California Small  
commercial and 
industrial 
(<200kW) 

-0.02 -14% 

RTP Georgia Large 
commercial 

0 to -0.53 -17% 

RTP Georgia Large Industrial 0 to -0.31 -17% 

RTP England & 
Wales, 

East USA 

Pulp and Paper 
Manufacturing 

-0.15 Not available 

RTP England & 
Wales, 

East USA 

Pulp and Paper 
Manufacturing 

-0.3 Not available 

RTP England & 
Wales, 

East USA 

Non-Electric 
Intensive 
Manufacturing 

-0.04 Not available 

RTP England & 
Wales, 

East USA 

Non-Electric 
Intensive 
Manufacturing 

-0.07 Not available 

RTP New York Large 
commercial 
(>2MW) 

0 Not available 

RTP New York Large 
government 
(>2MW) 

-0.3 Not available 

Source: Charles River Associates, Primer on Demand-Side Management, 2005 
Note: some of the studies summarised in this paper are identical to those already noted in Table 67 and are thus 
omitted from Table 73.  

A7.6 Related Studies 

A paper titled Applications of Dynamic Pricing in Developing and Emerging Economies 
prepared by Charles River Associates in 2005 and a 2008 paper by the Brattle 
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Group112 give good overviews of TOU, RTP and CPP studies in developing 
countries and the United States respectively, but they do not report elasticities in 
any detail.  

A study on the impacts of residential TOU tariffs in Oregon (2004)113 found that the 
greatest instances of load shifting occurred in the winter months, findings that have 
been echoed by other studies conducted in regions where the climate varies greatly 
throughout the year. Though this occurs in a region with a winter peak, the findings 
may be equally applicable for any region with a seasonal peak.  

                                                      
112 The Brattle Group, The Power of Experimentation: New Evidence on residential demand response, 2008. 

113 Portland General Electric, Analysis of the Load Impact and Economic Benefits of the Residential TOU Rate 
Option, 2004. 
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A8 Demand response modelling – alternative designs 

Table 74 shows the tariffs based on strict long-run marginal costs, the tariffs 
expected to be introduced in July 2009 (and 2011); and the revenue neutral TOU 
tariff design which could be implemented instead of the flat July 2009 tariffs for the 
various alternative tariff designs.  

Table 74  LRMC, announced tariff paths and TOU tariffs to be modelled  

Pt /kWh  2009 Prices  2011 Prices  
 Type Flat Off-peak Peak Flat  Off-peak Peak 

LRMC for 4h/day over 4 months: 488 peak hours over 122 days = 5.6% of all hours 
EHV All  23.16 83.88  23.16 83.88 

HV All  23.74 93.29  23.74 93.29 
MV All  24.61 111.09  24.61 111.09 

Peak 8x off-peak for 4h/day over 4 months: 488 peak hours over 122 days = 5.6% of all hours 
EHV Intensive 20.2 14.53 116.26 20.2 14.53 116.26 
EHV Non-intensive 15.9 11.44 91.51 20.2 14.53 116.26 

HV Intensive 24.5 17.63 141.01 24.5 17.63 141.01 
HV Non-intensive 19.2 13.81 110.51 24.5 17.63 141.01 
MV Intensive 33.4 24.03 192.24 33.4 24.03 192.24 
MV Non-intensive 26.3 18.92 151.37 33.4 24.03 192.24 

Peak 4x off-peak for 4h/day over 4 months: 488 peak hours over 122 days = 5.6% of all hours 
EHV Intensive 20.2 17.31 69.23 20.2 17.31 69.23 
EHV Non-intensive 15.9 13.62 54.49 20.2 17.31 69.23 

HV Intensive 24.5 20.99 83.97 24.5 20.99 83.97 
HV Non-intensive 19.2 16.45 65.80 24.5 20.99 83.97 
MV Intensive 33.4 28.62 114.47 33.4 28.62 114.47 
MV Non-intensive 26.3 22.53 90.14 33.4 28.62 114.47 

Peak 4x off-peak for 4h/day over 6months: 728 peak hours over 182 days = 8.3% of all hours  
EHV Intensive 20.2 16.13 64.53 20.2 16.13 64.53 
EHV Non-intensive 15.9 12.70 50.80 20.2 16.13 64.53 

HV Intensive 24.5 19.57 78.27 24.5 19.57 78.27 
HV Non-intensive 19.2 15.33 61.34 24.5 19.57 78.27 
MV Intensive 33.4 26.68 106.70 33.4 26.68 106.70 
MV Non-intensive 26.3 21.01 84.02 33.4 26.68 106.70 

Peak 2x off-peak for 4h/day over 6months: 728 peak hours over 182 days = 8.3% of all hours  
EHV Intensive 20.2 18.63 37.27 20.2 18.63 37.27 
EHV Non-intensive 15.9 14.67 29.34 20.2 18.63 37.27 

HV Intensive 24.5 22.60 45.20 24.5 22.60 45.20 
HV Non-intensive 19.2 17.71 35.42 24.5 22.60 45.20 
MV Intensive 33.4 30.81 61.62 33.4 30.81 61.62 
MV Non-intensive 26.3 24.26 48.52 33.4 30.81 61.62 

Peak 2x off-peak for 6h/day over 6months: 1092 peak hours over 182 days = 12.5% of all hours  
EHV Intensive 20.2 17.94 35.88 20.2 17.94 35.88 
EHV Non-intensive 15.9 14.12 28.24 20.2 17.94 35.88 

HV Intensive 24.5 21.76 43.52 24.5 21.76 43.52 
HV Non-intensive 19.2 17.05 34.10 24.5 21.76 43.52 
MV Intensive 33.4 29.66 59.32 33.4 29.66 59.32 
MV Non-intensive 26.3 23.36 46.71 33.4 29.66 59.32 

Peak 2x off-peak for 6h/day over 12 months: 2190 peak hours over 365 days = 25% of all hours 
EHV Intensive 20.2 16.16 32.32 20.2 16.16 32.32 
EHV Non-intensive 15.9 12.72 25.44 20.2 16.16 32.32 

HV Intensive 24.5 19.60 39.20 24.5 19.60 39.20 
HV Non-intensive 19.2 15.36 30.72 24.5 19.60 39.20 
MV Intensive 33.4 26.72 53.44 33.4 26.72 53.44 
MV Non-intensive 26.3 21.04 42.08 33.4 26.72 53.44 
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Table 75 and Table 76 summarise the results of the demand response modelling for 
large industrial customers and for all large customers, respectively for the six 
alternative TOU designs (including the recommended 4x4x4 design). Table 75 and 
Table 76 show the probability weighted expected values as well as the elasticity 
sensitivity cases (as defined in Figure 24). 

Table 75  Demand response, alternative designs – large industrial customers  

Elasticity Sensitivity Probability 
Change in Peak 

Demand RIM 
Case (Mths x Hrs. x 
Ratio) assumed MW EGP Million 
4 x 4 x 8    
Hi | Hi   6.25% -808 83 
Md | Hi 12.50% -842 66 
Lo | Hi   6.25% -859 58 
Hi | Md 12.50% -513 37 
CENTRAL 25.00% -534 26 
Lo | Md 12.50% -544 21 
Hi | Lo   6.25% -231 -8 
Md | Lo 12.50% -237 -13 
Lo | Lo   6.25% -240 -15 
Expected values -483 25 
4 x 4 x 4    
Hi | Hi   6.25% -717 -123 
Md | Hi 12.50% -732 -129 
Lo | Hi   6.25% -739 -132 
Hi | Md 12.50% -456 -86 
CENTRAL 25.00% -465 -90 
Lo | Md 12.50% -469 -92 
Hi | Lo   6.25% -204 -50 
Md | Lo 12.50% -206 -52 
Lo | Lo   6.25% -207 -53 
Expected values -421 -81 
6 x 4 x 4    
Hi | Hi   6.25% -703 -55 
Md | Hi 12.50% -725 -63 
Lo | Hi   6.25% -735 -68 
Hi | Md 12.50% -446 -45 
CENTRAL 25.00% -460 -50 
Lo | Md 12.50% -467 -53 
Hi | Lo   6.25% -199 -36 
Md | Lo 12.50% -204 -38 
Lo | Lo   6.25% -206 -39 
Expected values -417 -45 
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Elasticity Sensitivity Probability 
Change in Peak 

Demand RIM 
Case (Mths x Hrs. x 
Ratio) assumed MW EGP Million 
6 x 4 x 2    
Hi | Hi   6.25% -481 -150 
Md | Hi 12.50% -486 -151 
Lo | Hi   6.25% -489 -152 
Hi | Md 12.50% -307 -99 
CENTRAL 25.00% -310 -100 
Lo | Md 12.50% -312 -101 
Hi | Lo   6.25% -137 -50 
Md | Lo 12.50% -138 -50 
Lo | Lo   6.25% -138 -50 
Expected values -281 -91 
6 x 6 x 2    
Hi | Hi   6.25% -434 -122 
Md | Hi 12.50% -441 -124 
Lo | Hi   6.25% -444 -125 
Hi | Md 12.50% -277 -84 
CENTRAL 25.00% -281 -85 
Lo | Md 12.50% -282 -86 
Hi | Lo   6.25% -124 -48 
Md | Lo 12.50% -125 -48 
Lo | Lo   6.25% -125 -48 
Expected values -254 -77 
12 x 6 x 2    
Hi | Hi   6.25% -417 -55 
Md | Hi 12.50% -432 -60 
Lo | Hi   6.25% -440 -63 
Hi | Md 12.50% -265 -37 
CENTRAL 25.00% -274 -40 
Lo | Md 12.50% -279 -42 
Hi | Lo   6.25% -117 -20 
Md | Lo 12.50% -121 -21 
Lo | Lo   6.25% -123 -21 
Expected values -248 -36 

Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 
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Table 76  Demand response, alternative designs – all large customers  

Elasticity Sensitivity Probability Change in Peak 
Demand RIM 

Case (Mths x Hrs. x 
Ratio) assumed MW EGP Million 

4 x 4 x 8    
Hi | Hi   6.25% -1,165 -30 
Md | Hi 12.50% -1,203 -48 
Lo | Hi   6.25% -1,222 -58 
Hi | Md 12.50% -750 -86 
CENTRAL 25.00% -768 -96 
Lo | Md 12.50% -777 -101 
Hi | Lo   6.25% -355 -140 
Md | Lo 12.50% -350 -142 
Lo | Lo   6.25% -347 -143 
Expected values -710 -87 
4 x 4 x 4    
Hi | Hi   6.25% -1,026 -252 
Md | Hi 12.50% -1,042 -258 
Lo | Hi   6.25% -1,050 -262 
Hi | Md 12.50% -658 -194 
CENTRAL 25.00% -665 -197 
Lo | Md 12.50% -668 -199 
Hi | Lo   6.25% -303 -138 
Md | Lo 12.50% -299 -138 
Lo | Lo   6.25% -297 -138 
Expected values -615 -182 
6 x 4 x 4    
Hi | Hi   6.25% -1,007 -162 
Md | Hi 12.50% -1,032 -172 
Lo | Hi   6.25% -1,045 -177 
Hi | Md 12.50% -645 -141 
CENTRAL 25.00% -658 -146 
Lo | Md 12.50% -665 -148 
Hi | Lo   6.25% -297 -120 
Md | Lo 12.50% -296 -120 
Lo | Lo   6.25% -295 -120 
Expected values -608 -134 
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Elasticity Sensitivity Probability Change in Peak 
Demand RIM 

Case (Mths x Hrs. x 
Ratio) assumed MW EGP Million 

6 x 4 x 2    
Hi | Hi   6.25% -686 -246 
Md | Hi 12.50% -691 -248 
Lo | Hi   6.25% -694 -249 
Hi | Md 12.50% -440 -171 
CENTRAL 25.00% -442 -172 
Lo | Md 12.50% -443 -172 
Hi | Lo   6.25% -200 -98 
Md | Lo 12.50% -198 -97 
Lo | Lo   6.25% -197 -97 
Expected values -409 -159 
6 x 6 x 2    
Hi | Hi   6.25% -621 -209 
Md | Hi 12.50% -628 -211 
Lo | Hi   6.25% -631 -213 
Hi | Md 12.50% -398 -152 
CENTRAL 25.00% -401 -153 
Lo | Md 12.50% -402 -153 
Hi | Lo   6.25% -183 -97 
Md | Lo 12.50% -180 -96 
Lo | Lo   6.25% -178 -96 
Expected values -371 -141 
12 x 6 x 2    
Hi | Hi   6.25% -594 -107 
Md | Hi 12.50% -614 -114 
Lo | Hi   6.25% -624 -118 
Hi | Md 12.50% -378 -76 
CENTRAL 25.00% -390 -80 
Lo | Md 12.50% -396 -82 
Hi | Lo   6.25% -168 -45 
Md | Lo 12.50% -173 -47 
Lo | Lo   6.25% -175 -47 
Expected values -360 -73 

Rate Impact Measure (RIM) indicates the impact on other customers or the change in EEHC’s financial position 
if other tariffs are held constant. It is equal to the change in costs minus the change in revenues. A negative RIM 
indicates an improvement in EEHC’s financial position if other tariffs are held constant. 
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A9 TOU bulk supply tariff 

A9.1 Introduction 

The DCs do not at present have an incentive to implement TOU tariffs for their 
customers because the tariff that they are charged by EETC is a flat energy-only 
tariff. Though the details of the future power market design are still under 
discussion, in future, the DCs are likely to contract for their power requirements 
directly from the generating companies and eventually there will be no bulk tariff, 
but we understand that no date has been specified for allowing competition at the 
level of residential customers so that EETC (or the central trader) will continue to 
sell to DCs based on bulk tariffs for the foreseeable future. A time-varying tariff 
between EETC (or the central trader) and the DCs would provide that incentive. 

A9.2 Design of the Bulk Supply Tariff (BST) 

A different average BST is currently necessary for each of the DCs because each has 
a different mix of customers and there is a uniform national tariff and there are 
cross-subsidies between customer groups. The combination of these factors means 
that a DC with a large base of subsidised customers would be disadvantaged 
compared to a DC with a large base of customers whose tariff is above the cost-
reflective level.  

Since the BST charged to each DCs by EEHC is currently different. The differences 
in BST reflect differences between the DC’s costs and their customer mix. 
Nevertheless, the tariff design template can be superimposed on the calculated BST 
to each DC in order to encourage the DCs to promote TOU tariffs among their large 
customers. We therefore propose that the BST tariff design should reflect that of the 
tariff design template for HV customers described in Section 8.8. 
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A10 Voluntary TOU tariff 

If a mandatory TOU scheme is not adopted and if, additionally, the non-TOU tariff 
is not allowed to rise to reflect the worsening load profile of the remaining 
customers, then it will be necessary set eligibility criterion to prevent loss of 
revenue. Additionally, to overcome customers’ natural conservatism and inertia, in 
order to encourage a reasonable level of participation in the scheme, some special 
incentives might be considered. This Annex relates only to a situation in which TOU 
tariffs are voluntary. 

A10.1 Eligibility criterion 

The problem of self-selection and loss of revenue (see Section 8.6) with voluntary 
tariffs can be overcome to some extent by limiting the TOU tariff option to 
customers that are most likely to modify their load pattern in response to the TOU 
tariff. This would need to be done transparently, as simply as possible and in a way 
that avoids unintended consequences (eg., customers registering as one type of 
consumer in order to benefit from a particular tariff or to avoid an unattractive one) 
. EEHC does not currently differentiate non-residential customers other than by size 
and voltage of supply but many utilities do differentiate commercial and industrial 
and a range of other classifications. Commercial customers such as shops and offices 
have favourable load shapes and should find a TOU tariff attractive but would not 
shift their load. Though it would be economically correct and cost reflective to offer 
a TOU tariff to these customers, the resulting loss of revenue would mean that non-
TOU tariffs would have to rise more substantially. If EEHC wishes to minimise the 
increase in the non-TOU tariff and/or the loss of revenue, then it would be possible 
to restrict eligibility. Based on EEHC’s analysis of customer load profiles, the survey 
of large consumers and international experience, the sectors shown most likely to 
respond to TOU tariffs by reducing demand at peak include all industrial sectors. 
These have a high coincidence factor, suggesting that they are consuming a 
substantial amount of electricity at EEHC’s peak times. The survey did reveal that 
some smaller industrial consumers operate only one shift and these are less likely to 
shift consumption, but in aggregate, judging from the load data, these appear to be 
dominated by the industrial consumers that operate three shifts. It would be 
undesirable to introduce a tariff that is anti-competitive and not made available to 
those who deserve it (ie., those with a good load profile), we would therefore 
recommend that the TOU tariff is made available to all industrial customers. 

In the non-industrial sector, we suggest that water pumping stations, irrigation and 
sewage treatment plants should be eligible since they often have possibilities to shift 
load. Hotels tend to have a demand that is coincident with EEHC’s peak and, 
although they may not wish to adopt the TOU tariff, it should not do any harm to 
EEHC to offer such a tariff to them. Shops appear to have a relatively high 
coincidence factor but if offered the option of a TOU tariff they are likely to be 
motivated most by the lower tariffs without being able to shift load. Though an 
argument could be made that they deserve to be offered a TOU tariff, a TOU tariff is 
less likely to be a crucial factor in their competitiveness than it is for industrial 
customers. Transportation companies, offices, hospitals and Government buildings 
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are unlikely to respond to TOU incentives and there is only a weak competitiveness 
argument in favour of allowing them a TOU option. 

Table 77 summarises our suggestions for eligibility to TOU tariffs. 

Table 77  Suggestions for customers eligible for TOU tariffs 

Category Typical load patterns Notes 

Industrial   

All industrial customers Coincidence factors are high, 
suggesting that most operate 
two or three shifts. 

Some may operate only one 
shift, but eligibility based on 
shift patterns is undesirable. 

Non-industrial   

Irrigation, water pumping 
and sewage treatment 

Coincidence factors are 
relatively high. 

These consumers often have 
opportunities for load 
shifting. 

Hotels Coincidence factors are high. Though the probability of 
load shifting is low, hotels 
will only benefit from TOU 
tariffs if they do shift, so 
there is no risk in offering 
them the option 

 

A10.2 Overcoming customer inertia 

A10.2.1 Bill promise 

Given that some consumers may be conservative and a fear of losing revenue may 
discourage them from switching to TOU tariffs, they may need additional incentives 
to encourage them to at least try the TOU tariff. One approach that removes all risk, 
at least for a period of time, is a Bill Promise. Using this approach a TOU customer 
receives two bills – one based on the non-TOU tariff and one based on the TOU 
tariff. At the end of a full year, the customer can compare the accumulated bills for 
the year and if the bills for the TOU tariff are higher in aggregate than the bill for the 
non-TOU tariff then he/she receives a refund. The customer can also decide 
whether to continue with the TOU tariff or return to the non-TOU tariff. Generally 
the Bill Promise should not be extended to a second year. 

The customer could not be allowed to benefit from the TOU tariff in the low price 
winter months and then switch to the non-TOU tariff in the summer months. The 
contract should therefore be for a period of one year. However, given the planned 
introduction of a power market and the requirement that customers are able to 
switch suppliers, this one year contract constraint should be relaxed for eligible114 
                                                      
114 “Eligible” in the sense of a customer free to choose an electricity supplier. 
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customers when the market is introduced. Once the market is introduced then the 
duration of the contracts will be a matter to be freely agreed between the supplier 
and the consumer. 

A10.2.2 Skewed profile 

Another option to encourage consumers to switch is to skew the TOU tariffs so that 
they are revenue neutral even for a customer with a load profile that is worse 
(proportionately more consumption in peak times) than the average for the 
customer group. Since this risks a greater loss of revenues from those customers 
who switch but do not change their consumption behaviour we would recommend 
against this approach.  

A revenue-neutral tariff is a new tariff structure that gives the same revenue as 
another tariff. In evaluating TOU tariffs we compare the proposed TOU tariffs with 
the announced tariffs described above. In the case of TOU tariffs, the definition of 
revenue neutrality depends on the assumed load pattern of the selected customer 
group (which should change after the introduction of the new tariff). Typically, a 
revenue neutral tariff is calculated on the assumption that the load profiles for the 
tariff group does not change. Customers whose load profile is the same as the 
average profile and who switch to a TOU tariff (but do not modify their 
consumption pattern) would then see no change in their average electricity costs as 
a result of switching to the TOU tariff.  

With such a revenue-neutral tariff, a TOU customer with an average load profile 
who is able to modify their consumption patterns will pay lower average charges 
than their average non-TOU counterparts. Of course, the TOU tariff will not be 
revenue-neutral for all customers; those with EEHC-matching load profiles would 
pay higher average charges unless they can modify their load pattern and those 
with EEHC-mirror load profiles would pay lower charges even if they do not 
modify their load pattern. 

It is also possible to make the TOU tariffs more attractive by calculating revenue 
neutrality using a profile that is skewed relative to the average profile for the group. 
This would typically be done in order to make the TOU tariff more attractive to 
customers to encourage more to switch to the TOU tariff and would be achieved by 
lowering the average tariffs (relative to those based on an average profile). 
However, this would increase the risk that EEHC would lose revenue without 
corresponding benefits and we would recommend against this. In Section 13.2 we 
do however consider other options to overcome customer inertia and encourage 
suitable customers to switch to the TOU tariff. 

However, the Bill Promise approach overcomes customer inertia more effectively 
without offering benefits to customers whose load profile is bad for EEHC. 

A10.3 Contractual issues 

If a voluntary TOU tariff is adopted for a limited period (of a year), then customers 
should not be permitted to switch back to non-TOU tariffs once they have switched 
to the TOU tariff. 
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If a voluntary TOU tariff regime is adopted and is maintained for more than a year 
then EEHC would prefer to prevent or discourage customers from switching back to 
non-TOU tariffs they have switched. However, a prohibition on a customer 
returning to the non-TOU tariff would discourage some of the more conservative 
customers from switching to TOU tariffs in the first place. An alternative approach 
would be to offer customers the option of switching back to non-TOU tariffs after 
the first year but not thereafter. 

A10.4 Follow up and evaluation 

With a voluntary TOU scheme there would be a need to continuously monitor and 
revise the tariff for non-TOU customers in order to reflect changes in the load shape 
of the residual customers. To avoid the need for annual tariff adjustments and 
approvals, we would recommend that the path for the non-TOU tariff is specified at 
the same time that the TOU tariff is announced. This would give customers the 
additional incentive to move to the TOU tariff and to look for opportunities to 
change their load pattern. However, if it is not possible to pre-specify the non-TOU 
tariff then EEHC staff will need to regularly undertake the task of reviewing and 
revising the non-TOU tariff. 

 


